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INTRODUCTION AND SUMMARY

Cogeneration is the sequential production of electrical or mechanical
energy and useful thermal energy from the same fuel source.

In contrast to a conventional system that produces either electricity
or thermal energy, a cogeneration system produces both and requires 10 to
30 percent less fuel. Industrial cogeneration saves primary fuels that
would otherwise be used by utilities to produce central station power for
sale to the industrial plants. Thus, cogeneration offers significant
overall energy-saving potential for the nation, as well as significant
dollar savings potential for the cogenerator.

In the early 1900s, many industrial plants generated their own
electricity, and many practiced cogeneration by using the exhaust steam for
process heat. As centrally generated electricity became cheaper, widely
available, and more reliable, on-site generation of industrial electricity
declined. Other factors contributed to the decline, and by 1979 on-site
generation of electricity accounted for less than four percent of U.S.
power generation. Now that industrial plants in many regions of the nation
face significantly increased purchased electricity costs, the cost-saving
potential of cogeneration is becoming more valuable to industrial users.
Additionally, the conservation-inspired energy legislation passed in 1978
provides important economic benefits to cogenerators and small power
producers who satisfy certain criteria of qualification.

The objective of this handbook is to provide potential cogenerators
with sufficient information to permmit a preliminary, yet well-considered,
decision on the question of whether cogeneration is economically feasible in
their particular set of circumstances. This involves many interrelated
considerations: technological, economic, environmental, and legal. Added
to these analyzable components are such issues as economic uncertainty,
changes in plant products and process technologies, availability and future
cost of fuels, and changing environmental and energy legislation. Any one
of these factors could profoundly influence the outcome of a decision on
cogeneration.
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This handbook is designed to cover the analyzable issues, though some
of the uncertainties are also addressed. The intended audience is not the
expert consulting engineer, but the industrial plant manager or company
energy coordinator who wishes to make a preliminary assessment of the
opportunities for cogeneration at a particular plant prior to making recom-
mendations to management on whether to proceed with a detailed study.
Consequently, the material is presented in as generalized and usable a form
as possible, concentrating on those technical detajls that are of economic
significance. Some caution should be exercised, however, in the matters of
capital cost estimates and equipment characteristics: there is no
substitute for vendor-furnished material and competing quotations. Vendor
capital cost estimates for some equipment may vary by as much as a factor
of two.

IM1lustrative examples of cogeneration applications, drawn from five
industrial plants, are used throughout the text to show the implications of
technical, economic, legal, and environmental considerations for specific
sites. These examples were drawn from real plant situations, primarily
those studied during the "Industrial Cogeneration Optimization Program"
(ICOP) sponsored by the Department of Energy in 1978-1979*,

The cogeneration technologies considered in the handbook are Jimited
to those options that have near-term feasibility and those which could be
actually implemented on a large scale by 1985.

Although written primarily for potential industrial cogenerators, the
handbook can also be used by electric utilities and state regulatory
commissions for the development of appropriate institutional relationships.

Organization

The handbook consists of five primary sections. These sections are
briefly outlined below.

Chapter 1.0 Cogeneration Systems and Applications
¢ Presents a compilation of technical and cost data for all

cogeneration system options, including topping and bottoming
cycles, with near-term feasibility

*"Industrial Cogeneration Optimization Program", Final Report,
DOE/CS/4300-1, Contract No. BM-78C-01-4300, September 1979,
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¢ Describes a range of industrial cogeneration applications to
illustrate the use of technical and cost data in synthesizing
cogeneration system conceptual designs

Chapter 2.0 Investment and Energy Savings Analysis

o Presents industrial fuel and electricity price forecasts and
electric utility fuel use profiles

o Describes and illustrates the methodology for analyzing
cogeneration economic and energy-savings performance

Chapter 3.0 Environmental Considerations

e Summarizes the envirommental considerations involved in
implementing alternative cogeneration systems

¢ Illustrates preliminary calculations of cogeneration environmental
emissions and requirements of the permitting process.

Chapter 4.0 Legal and Regulatory Considerations

e Describes legal and regulatory considerations in implementing
cogeneration systems

o Illustrates the application of these considerations for several
practical examples

Chapter 5.0 System Implementation Case Study

o Provides a detailed example of how a potential industrial
cogenerator uses this information to evaluate the technical,
economic, envirommental, and institutional factors involved in
selecting and implementing an optimum cogeneration system

Complete references and supplementary data to these five sections are
presented in appendices to the handbook.*

*This handbook was prepared by the Energy Engineering Division of TRW, Inc.
with assistance from Thermo Electron Corporation.
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How to Use This Handbook

The basic steps in a preliminary evaluation of cogeneration
alternatives for an industrial plant are illustrated in Figure 1, which
also identifies the chapters of the handbook where these steps are
discussed. A potential cogenerator need not perform these steps in the
order shown. For example, firms which are already familiar with
cogeneration economics in their particular situation, and which are
primarily concerned with legal and regulatory considerations,may want to
proceed to Step 8 and refer to Chapter 4.

The essential content of each step is briefly summarized below.

Step 1 - Define Plant Energy Use

A reasonably accurate plant energy use profile must be defined as a
reference case for evaluating cogeneration alternatives. The current or
planned future consumption of primary fuels and electricity must be defined
together with end use demands for process steam, process heat, hot water,
mechanical drive,and electricity. The profile should be documented in the
form of schematic diagrams and supporting data showing the plant energy
balance and operating characteristics in the absence of any new cogener-
ation. Chapters 1 and 5 contain several examples of plant energy use
profiles and discuss how the relevant data can be obtained.

Step 2 - Identify Corporate Requirements and Constraints

Corporate requirements and constraints should be clearly identified,
particularly the decision criteria for investment in a cogeneration project
in terms of after-tax return on investment and other relevant measures.
Policies or requirements concerning fuels use, equipment operation and
maintenance, and reliability of fuel and electric power supplies should
also be noted as these may constrain the choice of cogeneration options.
These factors are discussed in Chapters 1 and 2 and are illustrated in the
Chapter 5 case study.

Step 3 - Determine Cogeneration Options, Technical Characteristics, and
Costs

The technical characteristics, installed capital costs,and D&M costs
should be determined for a range of cogeneration options which vary in
terms of prime mover type, unit size, fuels use, and electrical and thermal
output characteristics. Parametric data for this purpose is presented in
Chapter 1 and should be supplemented by vendor material and cost quotations
for particular designs as discussed and illustrated in Chapters 1 and 5.

Step 4 - Synthesize Cogeneration Conceptual Designs

Based on the preceding steps, conceptual designs for cogeneration
systems can be synthesized which are compatible with plant thermal and

x11
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electrical energy demands, with consideration of supplementary power
purchased from, or excess power sold to the utility. Schematics should be
prepared showing the plant energy balance with the new cogeneration system,
and data necessary to support an investment analysis of each system should
be noted. The reference case against which the cogeneration system is
being compared must be clearly defined to determine whether the analysis
should be done on an incremental cost basis or a total cost basis.

Chapters 1, 2,and 5 discuss these considerations in detail and present
illustrative examples of particular designs with supporting data.

Step 5 - Forecast Industrial Energy Prices

Forecasts of future industrial fuel and electricity prices are
essential in 1ife cycle cost analysis of cogeneration. Chapter 2 and
Appendix B contain regional forecasts of industrial delivered prices for
coal, natural gas, residual ofl, distillate oil,and electricity through the
year 1995, To account for a reasonable range of uncertainty, three sets of
forecasts are presented which differ primarily in the assumed future price
of imported oil. As discussed and illustrated in Chapter 2, these fore-
casts should be supplemented with local data.

Step 6 - Perform Cogeneration Investment Analysis

Cogeneration technical characteristics, system costs, energy costs,and
financial parameters provide the basic inputs for performing an investment
analysis. Chapter 2 discusses these inputs in detail and illustrates the
use of a discounted cash flow model in computing the internal rate of
return and net present value of the cogeneration project. Sensitivity
analyses are also illustrated to show how economic performance is
influenced by uncertainties in input assumptions. Computations of energy
savings by type of fuel are also illustrated considering industrial plant
fuels use changes and interaction of the cogeneration system with the
electric utility.

Step 7 - Assess Environmental Considerations

The impact of enviromnmental regulations and standards on system
implementation is an important consideration for potential cogenerators.
Chapter 3 summarizes Federal envirommental regulations, anticipated changes
to regulations, and new regulations for combustion devices that could be
used in cogeneration applications. Regulations for Prevention of Signif-
icant Deterioration, nonattainment areas,and New Source Performance
Standards are discussed, and preliminary calculations of emission changes
due to industrial cogeneration are illustrated. Requirements of the
envirommental permitting process at the Federal and state level are
identified (Also see Chapter 5).

Step B - Assess Legal/Regulatory Considerations

Recent Federal energy legislation significantly affects the
implementation and economic viability of cogeneration. Potential
cogenerators should become familiar with this legislation and pertinent
implementing rules so that maximum advantage can be taken of available
benefits while minimizing regulatory problems in system implementation.
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Chapter 4 summarizes current legal and regulatory provisions relating to
cogeneration, discusses requirements and procedures in qualifying for
certain benefits, and discusses practical effects on cogeneration including
illustrative examples. An additional example is presented in Chapter 5.

Step 9 - Proceed with Preliminary Design Study

If results of the initial evaluation are favorable, prospective
cogenerators should proceed with a preliminary design study to provide more
detailed data including system schematics and energy balances, site and
system layouts, and preliminary specifications of all major components.
Revised cost estimates should be prepared covering detailed engineering,
site preparation, installation and construction, and operation and main-
tenance. Fuel and electricity costs and rate structures should be examined
in more detail and a revised investment analysis performed to confirm
results of the initial evaluation. Chapter 5 discusses these
considerations and summarizes the steps in system implementation.
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1.0 COGENERATION SYSTEMS AND APPLICATIONS

Cogeneration systems fall into two general categories: topping
systems and bottoming systems. In topping systems, the heat exhausted by
prime movers is used in an industrial process or to provide space heating
or absorption air conditioning. The heat may be used directly in the form
of steam from back pressure or extraction steam turbines or in the form of
raw exhaust gases from internal combustion engines for drying applications
(e.g., wood or building materials) metal heating (e.g., soaking pits), or
to heat water, air, oil, anthermﬂ?ar some other process heating material.
The exhaust gases may also contain sufficient oxygen to pemmit them to be
used as highly preheated combustion air in boilers to reduce fuel
consumption.

The technologies currently available for topping applications are:
steam turbines, gas turbines, diesels, and spark-ignited engines. Figure
1-1 shows some possible topping configurations using back pressure,
extraction non-condensing, and extraction/condensing steam turbines.
Topping configurations for gas turbines, diesels, and spark-ignited engines
ire shown in Figures 1-2 and 1-3; these prime movers can be used in
combined-cycle combinations with all types of steam turbines. However,
diesels and spark-ignited engines in combined-cycle configurations require
fuel to be burned in the heat recovery boilers because their exhaust gas
temperatures (typically 500°F to 900°F) are generally lower than gas turbine
exhausts (typically 900°F to 1000°F). Figure 1-4 shows a single-ended
packaged gas turbine generator.

Bottoming systems use the heat exhausted by heat engines or industrial
processes, such as chemical reactions, furnaces, or glass or cement kilns,
to produce electric power. Figure 1-5 shows a back-pressure steam turbine
operating on steam generated in a heat recovery boiler from the hot gases
exhausted by some industrial process, Extraction/non-condensing and
extraction/condensing steam turbines can also be used.

If a condensing steam turbine is used (Figure 1-6), the facility may
or may not be considered as a cogeneration system for tax and regulatory
purposes. In a retrofit situation, a condensing bottoming system will not
be considered a cogeneration system under current regulations because the
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Figure 1-1. Schematic Showing Steam Turbine C i

J ogeneration in
the Topping Configuration. Fuel May be Coal, ﬂi1? Natural Gas,
Combustible Process Byproducts, Wood, Municipal or Industrial Waste
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(A] DIRECT PROCESS TOPPING WITH GAS TURBINE
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Figure 1-2. Schematic Showing Gas Turbine Cogeneration in the Toppi
n
Configuration. Fuel Used May be 0il or Natural Gas or Eoth.pp ’
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(A} DIRECT PROCESS TOPPING WITH DIESELS AND SPARK IGNITED ENGINES
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(C) INDIRECT PROCESS TOPPING WITH DIESELS AND S.1. ENGINES IN COMBINED CYCLE
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Large Slow Speed 2-Stroke Diesels
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Figure 1-4. Single-Ended Packaged Gas Turbine Generating Set Rated
at 22,900 kW. Including Coolers and Accessories and Contro)
Packages, Unit Measures Approximately 85 ft x 41 ft x 53 ft
Additional Control Package and Tool Shed by Customer for Special
Application. (Courtesy: Rolls Royce, Inc., U.S.A.)
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requirement of useful heat production is not satisfied. Such a facility,
however, could qualify as a “small power production facility" (see Section
4) on the claim that it operates on previously wasted exhaust heat that may
be considered in the category of “renewable resources." The same would
apply to condensing systems designed to bottom existing gas turbines,
diesels or spark-ignited engines. However, a new furnace or kiln equipped
with a condensing power system is considered a cogeneration system because
the fuel is used to provide both process heat and power.

Another type of system currently being used for bottoming applications
uses organic fluids instead of steam. These fiuids have low heats of
vaporization and can produce more power than steam in certain temperature
ranges, depending on the particular type of fluid used. Organic Rankine
Cycle Systems (ORCS) are generally available in unit sizes of about 750 W
or less. Such units have been used for solar irrigation and the bottoming
of kilns and heat engines. The largest organic bottoming system in the
world is a 14 MW plant currently under construction in Japan. The turbine
for that system is shown in Figure 1-7.
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Figure 1-7. 14 MW Organic Turbine Using Fluorinal 85 Working Fluid
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1.1 STEAM TURBINE COGENERATION

Steam turbines are available in unit sizes (single casing) from 1
horsepower to 150 MW. Back-pressure units are available in unit sizes up
to 50 MW, larger units being rated for straight condensing service. Steam
can be obtained from the turbine at one or more extraction points to serve
a variety of useful functions, such as process and space heating, boiler
feedwater heating, and deaeration. The latter two functions, however, are
not legally admissible as bona-fide industrial processes, and conseguently,
the amount of power generated by expanding the associated steam from the
turbine throttle pressure to the extraction pressure is not considered to
be cogenerated power. Likewise, if the entire steam flow into the turbine
is condensed, the power so produced is not considered to be cogenerated.
Thus, the only configurations for which the total power is considered to be
cogenerated in topping applications are back pressure, extraction/
non-condensing and extraction/condensing turbines delivering steam for
process use.

The evaluation of the amount of power obtainable from steam turbines
is based on a determination of the Theoretical Steam Rate (TSR) for the
particular steam conditions prevailing at the turbine throttle and at the
various extraction points or at the condenser. For this purpose, a copy of
the Theoretical Steam Rate Tables* is indispensable. MNotice that the TSR
increases as the pressure at which steam is extracted increases relative to
the throttle pressure. This is a natural consequence of the fact that
steam is the working medium of the steam turbine and hence its extraction
at a high pressure precludes from generation the power that could be
obtained if the steam were allowed to expand to a lower pressure. For this
reason, back-pressure and extraction/non-condensing steam turbines have low
power-to-steam ratios (10 to 60 kWh/1000 1bs) in relation to gas turbines
and diesels.

The power conversion efficiency of steam turbines varies in general
with load conditions, the steam throttle and exit conditions, the size and

*See Reference 2
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speed of the unit, the number and type of turbine stages and the manufac-
turer. Small (less than about 100 kW) single- or double-stage turbines
usually have a low efficiency, typically 20 to 50 percent; medium units
(500 to 5,000 kW) have efficiencies in the 50 to 75 percent range, while
very large multi-stage units may have efficiencies exceeding B0 percent.
Generator efficiencies may be taken to be 95 to 98 percent. The variation
of efficiency with load is shown in Figure 1-8 for non-condensing turbines.

The extraction/condensing configuration is favored in many instances
where the steam and electric loads vary significantly. The flexibility of
this configuration resides in the fact that more steam can be condensed to
give additional power at times when process steam demands are low, or the
boiler output can be reduced to give constant or reduced power at different
process steam demands. There is a minimum requirement for steam to cool
the end stages of turbine.

10 I [
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MEDIUM-TO-LARGE
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09l A i

/ SINGLE STAGE
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TURBINE EFFICIENCY AT PART LOAD
TURBINE EFFICIENCY AT FULL LOAD

0k | | |
20 40 60 80 100

FRACTION OF FULL LOAD (%)

Figure 1-B. Variation of Efficiency with Load
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1.2 GAS TURBINE COGENERATION

Gas turbines are commercially available in unit sizes ranging from
6 kW to 100 MW. They can operate on natural gas, No. 2 fuel o0il, crude
0il, and residual (No. 6) fuel oil. Dual fuel units are also available.
The most reliable operation is obtained with natural gas for which
forced outages statistically occur less than 1 percent of the operating
hours (giving a reliability of 99 percent) and scheduled outages occur Z
to 3 percent of the operating hours (giving an overall availability of
96 to 97 percent). Units operating on oils, particularly residual fuel
0il, require more frequent maintenance.

Al though closed cycle gas turbines have been designed and tested for
bottoming applications, the predominant method of gas turbine cogeneration
in existence today uses simple open cycle gas turbines in the topping
configuration. Figure 1-9 is a view of a gas turbine with a heat recovery
boiler generating steam for process use. Depending on the pressure and
temperature of the steam, the power-to-steam ratio of gas turbines in this
configuration are typically: 130-265 kWh/1,000 1bs for unfired boilers, &5
to 170 kWh/1,000 1bs for supplementary fired boilers and 27 to 45 kWh/1,000
1bs for fully fired boilers (see Section 1.3). Extraction non-condensing
steam turbines can also be used. For moderate process steam pressures
(1ess than 150 psig), the gas turbine typically yields 3 to 4 times the
power generated by the steam turbine.

The temperature of the hot gases exhausted by gas turbines typically
ranges between 900°F and 1,000°F. When recovering the exhaust gas heat, it
is important to recognize that the increase in exhaust gas pressure caused
by pressure drops in ducting, heat exchangers, or boilers slightly reduces
the turbine power output, but the gain in energy efficiency outweighs the
power losses.

1.2.1 Gas Turbine Characteristics

Table 1-1 1ists the general characteristics of a modern commercially
available gas turbine. The performance characteristics are given in
Figures 1-10 to 1-12, Because the amount of power generated is strongly
influenced by the ambient temperature, it is important to size the unit
according to the highest prevailing ambient temperature. In district
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Table 1-1. Sample Gas Turbine Characteristics

Turbine Type: Single-Ended
Normal Base Rating: 22.9 MW (1S0)*
Fuel: Natural Gas

Required Inlet Gas Pressure: 250 psig

Intake and Exhaust Loss Corrections

Per 1% loss in intake pressure:

Power is reduced by 2.2%

Exhaust temperature is increased by st = (.003t +1.4 (°F)
Exhaust gas mass flow rate is reduced by 1%

Fuel flow is reduced by 1%

Heat rate is increased by 1.2%

Per 1% increase in exhaust pressure:
Power is reduced by 1.1%
Exhaust temperature is increased by 4t = 0.003t + 1.4 (°F)
Heat rate is increased by 1.1%

Normal Base Rating or Base Continuous: 24,000 hours continuous duty

Electrical Base Rating: Up to 4,000 hours per year, with an average
starting frequency of up to 500 starts per year and 2 to 3 years
before major inspection.

Maximum Peak Rating: Up to 2,000 hours per year, with an average
starting frequency of up to 500 starts per year and 2 to 3 years
before major inspection.

*Rating at "International Standards Organization"
Conditions of 1 Atmosphere (14.696 psia) and 15°C (59°F).
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heating applications, this characteristic may be an advantage. Alterna-
tively, inlet air cooling may be used to obtain the desired power at high
ambient temperatures.

Another important point is that, when natural gas is used as a fuel,
the pressure required for delivery of the gas to the turbine is usually
higher than the supply pressure at many plants. Thus, the amount of power
required to drive the gas compressor must be taken into account in
evaluating the net power output of the facility. A final observation
concerns the change in the heat rate with load; the heat rate at part load
conditions is significantly higher than it is at full load (Figure 1-12).
This is characteristic of all gas turbines. Where thermal demands increase
to correspond with decreasing power demand, the effect of the heat rate

increase will be nullified by the increase in heat recovery from the
turbine exhaust, and the overall fuel utilization will remain the same.

[f, however, the thermal demands decrease or remain constant as electric
demand decreases, then the overall fuel utilization of the facility will
decrease.

1.3 THE HEAT RECOVERY BOILER

The heat recovery boiler is used to transfer heat from the hot gases
exhausted by gas turbines, diesels and other heat engines, or from stack
gases, to produce steam. Several stacks or engines may be connected to a
common boiler.

The temperature at which the exhaust gases enter the recovery boiler
is usually a few degrees less than the engine exhaust temperature because
some heat is Tost through the walls of the duct connecting the engine to
the boiler. Leakage losses through duct connections will also reduce the
flow of gases to the boiler. Both the temperature drop and the flow losses
will depend upon the particular placement of the boiler relative to the
engine and the length, insulation, and integrity of the ducts connecting
them. For estimating purposes, the temperature drop and flow losses may be
taken to be 10°F and 2% respectively.
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1.3.1 Unfired Heat Recovery Boilers

Unfired heat recovery boilers do not use any fuel to further heat the
exhaust gases beyond the temperature at which they enter the boiler. In
these boilers, the rate at which heat is transferred from the hot gases to
produce steam is substantially influenced by the so-called "pinch-point"
temperature difference [anl, which is the minimum effective temperature
difference existing between the exhaust gases on one side of the heat
exchange surfaces and the steam on the other side. The surface area (and
thus the cost of the boiler) required to produce a given amount of steam
will increase as AT decreases. For estimating purposes, a value for AT
of 59°F (33°C) is adequate.

p

Two other factors that influence the cost and performance of recovery
boilers are the gas outlet temperature (Tgo) and the gas inlet temperature
(Tgi). The gas outlet temperature is usually not allowed to fall much
below about 300°F, a temperature safely above the “sul fur dewpoint" (the
temperature at which sulfuric acid condenses) to minimize metal corrosion:
otherwise expensive alloys must be used in the economizer section of the
boiler. Thus, the maximum allowable amount of heat that can be transferred
to produce steam is proportional to (Tgi - 300).

Not al] of that heat, however, goes into generating useful steam: the
outlet gas temperature depends on the pressure and temperature of the steam
required, the incoming water temperature, and the pinch-point temperature
difference. Also, some heat losses (about 2%) occur through the walls of
the boiler, and some of the saturated water (about 1.2% of the useful steam
production) that is heated to the saturation temperature corresponding to
the required steam pressure is "blown down" to 1imit the accumulation of
scaling and corrosive minerals. The amount of blowdown depends on boiler
design and the quality and treatment of the water used. In some small
installations, blowdown may exceed 5 percent. In addition, some steam may
be required for soot blowing if the exhaust gases contain carbon particles
or ash, as is the case with the combustion products of diesels or gas
turbines operating on liquid petroleum fuels. The amount of steam required
for soot blowing depends on the particular fuel used. Normally, no soot
blowing is necessary for natural gas.
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1.3.2 Estimating Steam Production

The amount of steam produced in a recovery boiler can be quickly
estimated using Figure 1-13 and Figure 1-14, which were computed for an
inlet water temperature of 230°F. However, the results obtained from the
figures are sufficiently accurate for use at different inlet temperatures.
The changes in direction of the lines in Figure 1-14 mark the transitions
from gas exit temperatures in excess of 300°F to the minimum exit
temperature of 300°F. These transitions generally occur when the gas
temperatures at the inlet to the boiler exceed about 1000°F.

If the maximum saturated steam flow exceeds the desired quantity, then
the steam can be superheated or the design pinch-point temperature
difference can be increased, leading to a smaller and less expensive
boiler. If the desired steam flow is substantially greater than what can
be generated from the source gas, then supplementary firing of the boiler
will be necessary (see Glossary for definition of supplementary firing).

Estimates obtained from the above method of computation are accurate
to within approximately 5 percent. This is sufficient to gauge the per-
formance and cost of the heat recovery boiler. The main source of error is
in the specific heat which changes with temperature and with the composi-
tion of the exhaust gases. These in turn, depend on the type of fuel and
the fuel/air ratio used in the prime mover.

1.3.3 Single- and Dual-Pressure Boilers

Because water has a high heat of vaporization, its temperature profile
cannot closely track the temperature of the exhaust gases. As a result,
the temperature differences in the evaporator section of the boiler are
larger than necessary. This thermodynamic inefficiency can be considerably
reduced by generating steam at two or more pressures so that the
temperature profiles track each other more closely resulting in a greater
amount of energy transfer and a 10 to 20 percent greater total steam flow.

Dual-pressure boilers can be used to generate steam for direct process
use or for powering a bottoming steam turbine.
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1.4 DIESEL COGENERATION

Diesel engines can be broadly classified in terms of engine speed in 3
categories: high-speed diesels at 900-1500 rpm with unit sizes up to 3.5
MW; medium-speed diesels with unit sizes from 3 to 9 MW in the 500-600 rpm
range and 5 to 20 MW in the 300-450 rpm range; and slow speed diesels with
unit sizes of 8 to 286 MW at 120-150 rpm. Some automobile and truck engines
may run as high as 5,000 rpm.

The type of fuel used in diesel engines depends on the engine speed
and, to some extent, on the engine design. In general, as engine speeds
are increased, higher grades of fuel o0il must be used to operate them.
Figure 1-15 illustrates typical 1imiting fuel properties that apply to each
of the engine classes. Engines operating on natural gas and dual-fuel
engines operating on oil and gas are also available. High speed engines
operating on ofl almost always use No. 2 distillate fuel (high-grade
residual oil is generally either unavailable or essentially equal in cost
to distillate 0il). Medium-speed engines can use either residual oil or
distillate ofl. Slow-speed engines almost always use residual fuel oil.

The temperature of the exhaust gases released by diesels is generally
lower than that of gas turbines, typically operating in the range of 500 to
950°F. For this reason, the pressure of the steam obtained by diesel heat
recovery in unfired boilers is generally lower than about 400 psig. In
slow-speed diesels where exhaust gas temperatures are lower than 650°F, the
steam pressures are usually less than about 200 psig. Higher pressures can
be obtained but at a significant penalty in mass flow and boiler

efficiency. Hence, supplementary firing is generally used for high steam
pressures and mass flows.

In addition to releasing heat through their exhaust gases, diesels
reject a substantial fraction of low-temperature heat in their cooling
systems, which can be exploited to heat water for space heating or for
process use, such as in paper and textile manufacturing, food processing,
and ofl or mineral recovery. For illustrative purposes, Table 1-2 gives

energy balances for representative engines from each speed group. However,
the energy balances differ with the design and the manufacturer so that

vendor-furnished material should be used whenever possible.
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Table 1-2. Typical Full Load® Diesel Energy Balance for
Representative Engines as Fraction of Input

SLOW SPEED MEDIUM SPEED HIGH SPEED
Input (LHV)P 100 100 100
Power 41.3 38.0 32.8
Exhaust Gases 32.2 33.7 30.5
Cooling System" 24.5 25.0 31.9
Radiation, Other Losses 2.0 < i 4.8

aEnerg:,r Balance Changes with Load

bLuwer Heating Value

“Includes Lube 0i1, Cylinder, and Charge Air Cooling

In summary, the heat from diesels is recoverable from two essentially
different sources: the exhaust gases and the cooling system. For this
reason, it is customary to evaluate the comparative cogeneration potential
of diesels in terms of their power-to-heat ratio {th!lDb Btu) rather than
their power-to-steam ratio {thf1u3 1bs). With unfired recovery boilers,
that power-to-heat ratio varies between 250 and 500 thflUﬁ Btu, depending
on the steam pressure when hot water is generated, and rises to between 450
and 1,500 th;luﬁ Btu when only steam is generated. With supplementary or

fully fired boilers, the power-to-heat ratio may be as low as 130 kuhiihﬁ
Btu.

The second characteristic of interest to cogeneration is the variation
of heat rate with load. Figure 1-16 shows representative heat rate
variations for diesels in each of the 3 major categories. Here, too, the
changes vary with the engine design, the manufacturer, and the fuel used.
Some variations in heat balance and heat rate also occur with ambient
temperature, but these variations are much less significant than the
corresponding changes in gas turbines and have a negligible effect on the
economic performance.
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1.5 BOTTOMING SYSTEM COGENERATION

Bottoming systems use the heat exhausted by gas turbines, diesels,
spark-ignited engines, or industrial processes to generate power. In a
steam bottoming system, heat from the exhaust gases is used to produce
steam in a recovery boiler. The steam is then expanded in a turbine to
generate power. The turbine can be a back-pressure or extraction/
condensing machine delivering steam for process use. Figure 1-17 shows the
amounts of steam and power that can be generated in a non-condensing
system. The power generated in a condensing system is given in Figure
1-18.

As mentioned in Section 1.3.3, the generation of steam at two
pressures in a dual-pressure recovery boiler increases the amount of energy
transfer with the general result that the power generated in a dual-
pressure condensing turbine is 15 to 20 percent greater than that obtained
in a single-pressure system. Such units need to be tailored to the par-
ticular application and are commercially available.

Another method of recovering more energy from hot gases to produce
power in bottaming systems is to use organic fluids with low heats of
vaporization. A variety of such fluids are currently in use or being
tested; toluene, butane, pentane, Fluorinol, antherm«AgD monochlorobenzene,
and a variety of fluorocarbons, particularly the Freons R11, R22, R113,
R114,and C318 are among these. These fluids are used in closed condensing
Rankine cycles similar to the condensing steam turbine systems and,
depending on the fluid and the gas temperature, may produce more or less
power than steam systems. The maximum amount of power that can be
generated with these fluids is shown as a function of gas flow and
temperature in Figures 1-19 and 1-20. The discontinuities in some of the
curves in these figures are caused by the fact that, at low source gas
temperatures, the limiting temperature difference for organic fluids occurs
at the boiler inlet and not at the point of liquid saturation. Organic
bottoming systems are commercially available but are generally custom-
designed for particular applications.
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1.6 COST DATA

Capital Costs

Data on total installed costs for gas turbines, steam turbines, and
diesels are given in Figure 1-21. In new plants where steam is required,
the economic analysis is generally based on the merit of installing a
cogeneration system relative to that of installing steam generating
equipment alone. Such an "incremental economic analysis" considers the
increase in capital investment (i.e., cost of cogeneration system minus
cost of equivalent steam generating capacity) and proceeds to evaluate the
marginal return on investment on the difference in capital costs. To aid
in this assessment, Figure 1-22 gives the incremental costs directly. It
is seen that the total cost of steam turbine cogeneration using oil or coal
generally exceeds that of most other systems, while in terms of incremental
costs, oil-fired steam turbine cogeneration competes with diesels in the
larger sizes. This is largely because the cost of noncondensing turbine
generators is generally dwarfed by boiler costs (especially coal-fired
boilers). The cost of boilers is properly given in dollars per pound of
steam per hour. Total installed costs for coal-fired boilers are in the
range of $40 to $80 per 1b/hr. At high back-pressures, the steam rates
of noncondensing steam turbines may be 40 to 60 1bs/kWh or more. Thus,
the unit cost of the boiler would be $1600 to $4000/kW. The capfital
costs of economically attractive cogeneration systems are now generally
below about $1000 to $1500/kW depending on the local costs of fuel and
purchased electricity.

While the cost format given here is based on convenience for quick
estimating purposes, some caution must be exercised in the use of these
figures. There are several reasons for this, perhaps the most important of
which is the interpretation of what is meant by "installed costs."
Different vendors include different costs under this general heading. For
example, a coal-fired boiler may be quoted at $20 per 1b/hr of steam with
installation costs at $540/day. This type of quotation does not give a
clear indication of the total installed cost. It also does not include the
cost of buildings, coal handling, or pollution abatement equipment,
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INCREMENTAL COST (1981 DOLLARS)
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which depends on the particular type of coal to be burned, the attainment
status of the air quality control region in which the facility is located
and the local environmental regulations.

Such site-specific factors may substantially affect the cost of the
installation with the result that vendors are Justifiably reluctant to
submit genmeral cost data. Such costs as site preparation, ducting, and
electrical work are also excluded from installation costs, but may be
included in the relevant categories and/or in other categories, such as
construction and materials. Retrofit costs can be substantial too,
depending on the facility. For these reasons, it is ultimately necessary
for consulting engineers to visit the site and submit itemized costs in
specific categories.

Similar considerations apply to gas turbines and diesels that may be
derated to control emissions. Also, as these engines are not available in
a continuum of sizes, to meet plant demands at a required power level, it
may be necessary to consider the “next larger size" machine. Additionally,
the transition from a single frame serving several power levels to a larger
frame generally entails a step rise in cost. As a result, the cost per
kilowatt is not a smooth function of size and may be different for appli-
cations having approximately the same power demands. The spread in capital
costs is further expanded by different vendor practices and specifications.

In summary, all cost data should be cautiously interpreted in light of
the circumstances existing at a specific site, particularly during a
detailed study.

The cost data in Figures 1-21 and 1-22 are designed to help the reader
obtain reasonable estimates in a preliminary study without undue attention,
at this stage, to detailed considerations and vendor caveats. The data are
based on historical and current experience and represent typical turnkey
costs, including all equipment, installation, ehgineering, and construction.
A1l costs include provisions for escalation during construction of projects
initiated in mid-1981. Some cost spread is inevitable because of the
reasons outlined above and also to accommodate a variety of possible
configurations within an equipment category. Consider, for example, the
case of a low back-pressure (e.g., 50 psig) steam turbine generating power
from steam produced by a coal-fired boiler at medium pressure (e.qg., 400
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psig). Such a system could generate the same amount of power as that
generated by a moderate back-pressure (e.g., 200 psig) turbine operating
with steam produced from a coal-fired boiler at higher pressure (e.g., 1000
psig). The capital costs of the two systems, however, are not the same,
even at identical steam flows. High-pressure boilers cost more per pound
of steam than low pressure boilers. In addition, water treatment require-
ments are more stringent at high pressures, so that the water treatment
system for the high-pressure boiler is also more costly. As examples of
the use of these curves, the total cost in 1981 dollars of a 23 MW gas
turbine combined cycle ranges between $740/kW and $950/kW and the total
cost of a 23 MW slow-speed diesel with heat recovery ranges between
$1,000/kW to $1,250/kW. These figures may be checked with the values given
respectively in Example 1-A and Example IV (See Section 1.8).

Operating and Maintenance Expenses

Operating and maintenance expenses include the costs of insurance and
property tax, the average annual cost of spare parts and expendables (such
as lube oil and filters), and the cost of maintenance or supervising
personnel. The cost of spare parts and expendables depends on the type of
unit and varies throughout its 1ife; as a rough guide, they may be taken to
be about 1.5 percent of capital cost. Closer estimates may be obtained
from manufacturers or from literature articles based on user experience
(Appendix E). The size of the labor force required to maintain the
unit will also vary with the type and size of the equipment but is
frequently dependent to a greater extent on the particular manufacturing
facility and the governing laws of the state. These laws specify the
experience and credentials required of the personnel in charge of different
types of equipment.

For small plants that are not generating their power or do not have
the required labor, the acquisition of a small power system entails a
significant investment in personnel and is frequently a deciding factor.
For example, if a 1 MW plant operating 8000 hours/yr requires 3 people per
shift to run it at a burdened cost of $30,000 per person, the incremental
running cost will be about 3.4¢/kWh which may be higher than the local cost
of purchased electricity. On the other hand, the same personnel investment
for a 20 MW plant woyld result in a more acceptable running cost of
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0.17¢/kWh. In larger plants that have an experienced maintenance crew, the
incremental investment in additional personnel may be negligibly small.
Such is the case in the chemical plant treated in Section 1.7.3 and Section
1.8 (See Example II1 Table 1-12.)

Because labor costs could directly affect the economic performance of
some cogeneration systems, it becomes necessary to carefully consider the
operation of these systems and their intended objectives. For example, if
the cogeneration system is to operate in parallel with currently existing
boilers, then additional personnel will generally be required to operate
and service the cogeneration system, and the system should therefore bear
the attendant costs. However, if the existing boilers are primarily on
standby when the cogeneration system is operating, the crew normally
operating the boilers could be assigned to the cogeneration system with
little or no incremental labor burden.

As another example, consider the case of a coal-fired steam turbine
cogeneration system to be installed in a plant burning residual oil in its
process steam boilers. Here, the cogeneration system simul taneously
provides two benefits: (1) it provides a shift in fuel from residual oil
to less expensive coal, and (2) it provides electric power in addition to
process steam (cogeneration). Each of these benefits is obtained at a
certain cost and economic return. Hence it is necessary to separate out
the costs of cogeneration from the costs of fuel shifting. One way to do
this is to determine the capital, and 0 & M costs for a transition to
coal-fired boilers at the process steam pressure and subtract them from the
costs of the total cogeneration system to obtain the capital and 0 & M
costs attributable to cogeneration. As shown in the treatment of Example
I-C (Table 1-10, Section 1.8) and Example I-D (Table 2-22, Section 2.4)
the bulk ($870,000/yr) of the total 0 & M costs in this case
($1,070,000/yr) is attributable to fuel shifting, leaving a small labor
burden ($200,000/yr) on cogeneration.

In summary, the 0 & M costs of industrial cogeneration systems are
largely dependent on site-specific factors, on the type and operation of
the particular system,and on the benefits derived from it. Hence it is not
possible to cite general values for 0 & M costs that would be meaningful to
all potential cogenerators. Each situation should be assessed on an
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individual basis. Where the installation of a cogeneration system would
yield benefits other than those directly related to the cogeneration
function, care should be taken not to unduly burden the cogeneration system
with costs attributable to the other benefits.

1.6.1 Construction Times and Cash Flow Profiles

The time needed to construct the facility and bring it to an
operational status depends on the particular cogeneration technology and on
site-specific factors, such as retrofit equipment modification, degree of
site preparation, and building requirements. Small diesel and gas turbine
installations may require less than a year to install and operate. Larger
units could be operational in 2 to 3 years, while coal-fired boiler
installations usually take longer. Licensing requirements also tend to
elongate the period of construction, installation, and operation. Thus it
is necessary to evaluate the period of construction on a case-by-case
basis.

The rate at which expenditures are made during the construction period
depends on the type of project, the conditions of sale, the work contract
negotiated and the particular financing instrument adopted. For "turnkey"
projects, the rate of the expenditure may be small at the beginning of
construction and increase steadily as construction proceeds. "S-shaped"
curves of various forms, such as that illustrated in Figure 1-23, are
characteristic of utility installations or large projects whose construc-
tion period exceeds 3 or 4 years. The curve may be symmetric or skewed to
one side or another. Left-skewed curves are characteristic of projects
requiring heavy front-end cash flows. Right-skewed curves are character-
istic of many coal-fired and nuclear power plant projects. The aim of a
construction strategy is to bring the facility to commercial operation at
the desired date with minimum total cost. Such variables as construction
delays, inflation, and the interest rates of borrowed funds should be taken
into account when devising the optimum financing and construction strategy.
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1.7 TYPICAL INDUSTRIAL APPLICATIONS

Four illustrative examples are treated in this section to illustrate
the use of the parametric data given in Sections 1.0 through 1.6 and show
how a cogeneration system can be assembled and evaluated.

1.7.1 Example I: Synthetic Textile Facility

The annual average pattern of energy use at a synthetic fiber facility
is shown in Figure 1-24. The facility consists of two adjacent processing
plants. One plant produces intermediates which are used in the second
plant to produce textile fibers. Waste heat recovery boilers at the
intermediate plant provide 175 psig steam for use in the textile fiber
plant. Neither plant generates electricity. Residual fuel oil is used in
the boilers to produce process steam.

Cogeneration Option A

The fiber plant requires 93,000 1bs/hr of steam at moderate pressures
and 22,900 kW of electric power, giving a power-to-steam ratio of about 245
kWh/1000 1bs. This ratio is compatible with a gas turbine combined cycle
system using an extraction/noncondensing steam turbine (see Section 1.2).
A heat balance for the installation is shown in Figure 1-25. The
computations required to obtain the performance of the gas turbine are
shown in Table 1-3. For purposes of illustration, the ambient temperature
is assumed to remain constant at 59°F, and the rise in exhaust pressure
caused by the heat recovery boiler and associated ducting is 3 percent of
atmospheric pressure. The power required to compress the fuel gas may be
estimated from the enthalpy-entropy chart of methane or obtained from a
compressor manufacturer.
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Table 1-3. Sample Gas Turbine Performance Evaluation

Example 1: Cogeneration Option A: Synthetic Textile Facility - Fiber Plant

DESIGN CONDITIONS

Ambient Temperature: 59°F

Ambient Pressure: 14.7 psia

Intake Pressure Loss: 1% ambient pressure
Exhaust Pressure Gain: 3% ambient pressure

TURBINE PERFORMANCE PARAMETERS

Power:
No Loss Power Output (Figure 1-10) 3 22,900 kw
Loss Due to Intake Pressure Restrictian {g.?%} 504 kW
l.oss Due to Back-Pressure Increase (3.3%) 756 KW
Gross Power Output (Excluding fuxiliaries) 21,640 kW
Power Required for Auxiliaries 603 kW
Net Available Power 21,037 kW
Exhaust Gas:
No Loss Gas Temperature (Figure 1-10) 920°F
Temperature Increase due to Intake & Exhaust
Conditions 17°F
Corrected Exhaust Gas Temperature 937°F
No Loss Mass Flow (Figure 1-11) 214 1bs/sec
Reduction due to Intake Pressure Loss (1%) 2.14 1bs/sec
Corrected Mass Flow 211.86 lbs/sec
Heat Rate:
No Loss Heat Rate (Figure 1-12) 11,440 Btu/kkh
Increase due to Intake Pressure (1.2%) 137 Btu/kWh
Increase due to Exhaust Pressure (3.3%) 378 Btu/kWh
Corrected Heat Rate 11,955 Btu/kWh

Total Fuel Input = 11,955 x 21,640 = 258.7 x 105 Btu/hr

3 rom Table 1-1
Ppower for gas compression from 60 psig normal delivery pressure to 250

psig combustion pressure; recovery boiler feed water pumps; instrumenta-
tion and controls.

1-42



Because of thermal losses through the ducts connecting the boiler to
the turbine (Section 1.3), the gas temperature at the boiler inlet is
927°F, or 10°F less than the gas temperature at the turbine exit.

The maximum saturated steam output from the recovery boiler at 950
psig and a gas temperature of 927°F is easily obtained from Figure 1-13 as
0.13 times the exhaust gas flow, or 0.13 x 747,442 = 97,000 1bs/hr. This
flow rate is higher than the requirement for process steam (93,000 1bs/hr);
thus, it is possible, in principle, to provide for some superheating in the
recovery boiler without firing. Table 1-4 shows how the performance of the
boiler and its different sections can be computed in the case where

superheated steam is required. The temperature profile is shown in Figure
1-26.

The computation of the power obtained from the steam turbine is shown
in Table 1-5.

The steam exit enthalpies depend in part on the turbine efficiency.
Also, wet steam conditions, as obtained in this option, will reduce the
turbine efficiency. Depending on the temperature, some wetness (less than
about 7 percent) can generally be tolerated without significant deteriora-
tion of the turbine performance or corrosion of the blades. If the process
steam is required to be dry and saturated, then a greater amount of super-
heat is needed at the turbine throttle. In this example, this means that
the heat recovery boiler requires some supplementary firing.

Cogeneration Option B

The process steam at the intermediate plant is at high pressure (650
psig) and the power-to-steam ratio is approximately 95 kWh/1000 1bs. This
value is lower than what can be obtained from a gas turbine and unfired
heat recovery boiler. Thus, a fired heat recovery boiler is required. In
this case, two gas turbines similar to the one considered above can be
used. The heat balance for this plant is shown in Figure 1-27. The
computations required for the heat recovery boiler are shown in Table 1-6.
Note that at high inlet gas temperatures, the pinch-point temperature
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Table 1-4. Steam Production From An Unfired Recovery Boiler - Example I-A

Given:
Gas Turbine Exhaust Flow : 211.86 1bs/sec
Exhaust Gas Temperature: 937°F
Inlet Water Enthalpy : 214.9 Btu/lb
Inlet Water Temperature: 246°F
Required Steam Pressure: 950 psig
Compute:

(1) Maximum Saturated Steam Flow and Exit Gas Temperature
(2) Outlet Steam Conditions for a Flow of 93,000 1bs/hr, Exit Gas
Temperature and Duty of Each Boiler Section

Solution:

From Steam Tables at 950 psig (964.7 psia):
540.4°F
536.9 Btu/1b

1193.7 Btu/1b
656.8 Btu/1b

Steam Saturation Temperature
Saturated Water Enthalpy
Saturated Steam Enthalpy
Latent Heat of Vaporization

n o

u

n

Gas Turbine Exhaust Flow = 211.86 x 3600 = 762,696 1b/hr
Duct Losses (2%) = 15,254 1b/hr
Gas Flow at Boiler Inlet = 747,442 1b/hr
Exhaust Gas Temperature = 937°F
Duct Losses = 10°F
Gas Temperature at Boiler Inlet = 927°F
Pinch-Point Temperature Difference = 59°F

540.4 + 59 = 599 4°F

Gas Temperature at Evaporator Exit

Assume a gas specific heat of 0.265 Btu/1b“F and a radiation loss of 2%.
Heat Transferred by Gas in Evaporator 6
= 0.98 x 747,442 x 0.265 x (927 - 599.4) = 63.59 x 10" Btu/hr

: 63.59 x 10°
Maximum Saturated Steam Flow = ——JEEE—E—- = 96,819 1bs/hr

Blowdown Water (1.2%) 1,162 1bs/hr
Water Flow in Economizer = 96,819 + 1,162 = 97,961 1bs/hr
Enthalpy Gained by Water in Economizer 6
= 97,981 x (536.9 - 214.9) = 31.55 x 10" Btu/hr
Enthalpy Lost by Gas in Economizer 6
= 0.98 x 747,442 x 0.265 x (599.4 - Tgo) = 31.55 x 10° Btu/hr
Qutlet Gas Temperature Tgo = 437°F
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Table 1-4., Steam Production From An Unfired Recovery Boiler - Example 1-A
(Continued)

For a steam flow of 93,000 1bs/hr:
Enthalpy gained by steam in superheater and evaporator

6
2 Eéﬁgﬁnﬁniﬁ_ = 683.8 Btu/1b

Outlet Steam Enthalpy = 536.9 + 683.8 = 1220.7 Btu/1b
Corresponding Temperature at 950 psig (From Steam Tables) = 567°F

Water Flow in Economizer = 93,000 x 1.012 = 94,116 1b/hr
Enthalpy Gained by Water in Economizer = 94,116 x (536.9 - 214.9)

= 30.31 x 10% Btu/hr

Enthalpy Lost by Gas in Economizer
= 0.98 x 747,442 x 0.265 x (599.5 - Tgo)

30.31 x 10° Btu/hr

Outlet Gas Temperature: Tgo = 443°F

Total Enthalpy LnEt by Gas = 0.98 x 747,442 x 0.265 x (927 - 443)
= §3.90 x 10" Btu/hr

Duty of Boiler Sections:

. 6
; . Enthalpy Gained by Water in Economizer o 30,31 % 105 .
Economizer: Total EnthaTpy Lost by Gas 93.90 x T0° - V.32
Evaporator: Enthalpy Gained by Steam in Evaporator _ 93,000 x 656.8 _ 0.65

Total Enthalpy Lost by Gas 93.9 x 10°

Superheater: Enthalpy Gained by Steam in Superheater _ BB,UDDxIIZZE.?-IIQE.?l = 0.03
Total Enthalpy Lost by Gas 93.9 x 10
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Table 1-5. Computation of Steam Turbine Power Output

S
Example 1: Cogeneration Option A: Synthetic Textile Facility - Fiber Plant

Boiler Exit Steam Conditions (from Table 1-4):

Steam Flow: 93,000 1bs/hr
Pressure: 950 psig

Temperature: 567°F

Allowing pressure and temperature drops of 50 psi and 17°F respectively

between boiler and turbine the steam conditions at the turbine throttle
are:

Steam Flow = 93,000 1bs/hr
Pressure = 900 psig
Temperature = 550%F
Enthalpy = 1213.2 Btu/1b

From Theoretical Steam Rate Tables:
TSR for expansion to 175 psig = 27.19 1bs/kWh
TSR for expansion to 350 psig = 45.07 1bs/kWh
Assume:

Steam Turbine Efficiency
Generator Efficiency

W oh
o

.
o
=)

Actual Steam Rates (ASR):

27.19

ASR (175 psig) “TEr" 44,57 1bs/kWh

ASR (350 psig) = 22:9% = 73.89 Tbs/kuh

Power:
From expansion of 51,000 Tbs/hr = %80 - 1 144 K
From expansion of 42,000 1bs/hr = 5%59%% = 568 kW
Total Power = 1,712 kw

Generator Output Power = 1,712 x 0.96 = 1,645 kW
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Table 1-5. Computation of Steam Turbine Power Output (Continued)

Process Steam Enthalpies:

Enthalpy at 175 psig = 1213.2 - gzr = 1136.6 Btu/lb

Enthalpy at 350 psig = 1213.2 - g = 1167.0 Btu/1b

Process Steam Quality

From Steam Tables:

At 175 psig At 350 psig
Evaporation Enthalpy 846.8 Btu/1b 790.1 Btu/1b
Saturated Steam Enthalpy 1197.6 Btu/1b 1204.2 Btu/1b
Quality at 175 psig = 119?'34; }313‘5-5 ~ 0.072

Quality at 350 psig =  1208-2- 2167.0 . ¢ 047

1
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Table 1-6. Estimating Fuel Requirements in Fired Boilers

Example I: Cogeneration Option B: DuPont Synthetic Textile Plant

Gas Flow at Boiler Inlet : 415.25 1bs/sec
Gas Temperature at Boiler Inlet: 027°F

Inlet Water Enthalpy i 167.7 Btu/1b
Inlet Water Temperature : 199%F

Required Steam Pressure : 650 psig

Required Steam Flow 2 1bs/hr
Blowdown Water : 4,500 1bs/hr
Required Steam Condition : Dry and Saturated
Radiation Loss =1 2%

Assume mean specific heat of exhaust gases = 0.265 Btu/1b°F

From Steam Tables at 650 psig (664.7 psia):

Steam Saturation Temperature :  497.3°
Saturated Water Enthalpy : 4B4.7 Btu/1b
Saturated Steam Enthalpy ¢ 1202.6 Btu/1b

Enthalpy Gained by Water in Economizer 6
= (372,500 + 4,500) (484.7 - 167.7) = 119.35 x 10° Btu/hr

Enthalpy Lost by Gas in Economizer
= (0.98) (415.25) (3,600) (0.265) (T-300) = 119.35 x 10% Btu/hr

Gas Temperature at Inlet to Economizer: T = 607.4°F

Enthalpy Gained by Steam in Evaporator 6
= (372,000) (1,202.6 - 484.7) = 267.06 x 10° Btu/hr

Enthalpy Lost by Gas in Evaporator 6
= (0.98) (415.25) (3,600) (0.265) (Tgi-607.4) = 267.06 x 10 Btu/hr

Required Inlet Gas Temperature: Tgi = 1,295"Fa

Fuel Required to Raise Gas Temperature from 927°F to 1,295°F
= (415.25) (3,600) (0.287)° (1,295 - 927) = 157.9 x 10° Btu/hr
Alternative Method of Finding Inlet Gas Temperature:

372,000
25 X 3,

From Figure 1-14, Required Inlet Gas Temperature = 1,265°F.

Ratio of Steam to Gas Flow = = 0,249

qnit is Supplementary Fired

PMean Specific Heat at High Temperatures of the Combustion Products of
Natural Gas (Lower Heating Value = 21,520 Btu/1b). This value can
also be used for other fuels.
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difference is not a limiting factor (in the case study shown, ATp = 607.4
- 497.3 = 110°F); the limiting factor is the minimum outlet gas

temperature. For clean low-sul fur fuels, the outlet gas temperature can be
reduced to 250°F resulting in less fuel consumption in the boiler.

Estimates obtained by the method of Table 1-6 are accurate to within
approximately 5 percent, the main source of error being the variations in
specific heat with temperature and fuel noted earlier.

Cogeneration Option C

This option involves the installation of new, high-pressure pulverized
coal-fired boilers and steam turbines as shown schematically in Figure
1-28. This configuration provides the steam for both the intermediate and
the fiber plants. The computation of the power output from the turbines is
given in Table 1-7.

1.7.2 Example 11: Large Petroleum Refinery, Norco, Louisiana

Figure 1-29 shows the annual average pattern of energy use in a
typical large refinery. Some steam turbine cogeneration capacity is
included as is generally the case in refineries of that size.

Cogeneration Option A.

This particular cogeneration option is that of a gas turbine topping
the existing boilers. In this case, the raw exhaust gases from the turbine
are directed into the boilers as highly preheated combustion air. These
gases contain sufficient oxygen for combustion because of the large amount
of excess air used in the gas turbine to maintain moderate turbine blade
temperatures. The result is that less fuel is consumed in the boiler.
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Table 1-7. Computation of Steam Turbine Power Output

Example I-C: Coal-Fired Boiler Option, Textile Fiber Facility (Figure 1-28)

Steam Turbine Throttle Conditions:

Steam Flow = 465,000 1bs/hr
Pressure = 1,500 psig
Temperature = 850°F
Enthalpy = 1,396,7 Btu/1b

Theoretical Steam Rates:

TSR (to 175 psig)
TSR (to 350 psig)
TSR (to 650 psig)

15.927 1bs/kWh
21.75 1bs/kWh
35.3  1bs/kWh

now

Assume;

Turbine Efficiency = 0.74
Generator Efficiency = 0.96

Actual Steam Rates are:
ASR (175 psiq)

ASR (350 psig)
ASR (650 psig)

21.52 1bs/kWh
29,39 1bs/kWh
47.70 1bs/kWh

]

Fower:
From expansion of 51,000 1bs/hr = 31000 - 5 370 yy
From expansion of 42,000 1bs/hr = i%ﬁ?gg' = 1,429 kW
From expansion of 372,000 1bs/hr = El%fggg. = 7,798 kW
Total Power = 11,597 kW

Generator Qutput Power = 11,597 x 0.96 = 11,130 kW

Process Steam Enthalpies:

Enthalpy at 175 psig = 1396.7 - 23912 = 1238.2 Btu/lb
3412

Enthalpy at 350 psig = 1396.7 - oh g = 1280.6 Btu/1b

Enthalpy at 350 psig = 1396.7 - 90% = 1325.2 Btu/lb

A1l process steam is superheated
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The performance computations and heat balance for this example are
shown in Table 1-B and Figure 1-30 respectively. The computation starts
with a determination of the gas flow rate required to operate the boiler
without additional air. This involves calculations of the amount of oxygen
in the turbine exhaust gases. A boiler input heat balance then determines
the fuel and gas flows. The boiler efficiency in this example is assumed
to be constant but may change in practice in several ways. The gas flow
rate is greater than the amount of air normally used by the boiler and
hence tends to reduce the flame temperature. This reduction in flame
temperature is counteracted by the higher inlet air temperature so that
detailed combustion and heat transfer calculations are required to
determine the relative effects on flame temperature and on the competing
processes of convective and radiative heat transfer for a particular
boiler. If a lower flame temperature is obtained, then same boiler
modifications may be necessary. The higher flow rate will also produce
larger pressure drops and may require larger fans.

The computations of Table 1-8 permit a preliminary evaluation to be
made of the size and performance of the topping facility. A more accurate

assessment of the performance, boiler compatibility, and extent of required
modification should be obtained from boiler and turbine manufacturers.

Cogeneration Option B

This option involves installing a pulverized coal-fired boiler and
back-pressure steam turbines (Figure 1-31). It is essentially the same as
Option C of Example I, except that the back pressure is very high in this
case.

1.7.3 Example II1: Agricultural Chemicals Plant - Turbine Cogeneration
Uption

One of the most economically attractive opportunities for cogeneration
with back-pressure or extraction/noncondensing steam turbines is in
applications where a significant amount of steam is throttled to a lower
pressure for process use. Such situations are not uncommon. They may
occur in old plants that have undergone substantial changes in product
structure, process technology, and/or energy use, Figure 1-32 illustrates
one such situation in a Union Carbide Agricultural Chemicals Plant where
substantial amounts of steam are throttled down to process pressures of
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Table 1-8. Boiler Topping Cogeneration With Gas Turbines -
Exampie 1I, Cogeneration Option A

Step 1: Compute fuel flow (WM. Tbs/hr] and minimum exhaust gas flow for
residual oil-fired bgi1er operation without ambient air

For residual oil assume:

Density = 1B.3°API at 60°F
Heating Value = 19,000 Btu/l1b 4
Theoretical Air Requirement™ = 7.46 1bs air/l10" Btu fuel

_ 7.46 x 19,000 _ 14.17 1b air
10,000 y b fuel

Excess Air = 10%

For gas turbine assume:

Exhaust Gas Temperature at Boiler = EZT“E
Excess Oxygen in Exhaust Gas = 0.17
Ambient Air Temperature = B9°F
Solution
Actual air requirement for Mc 1bs fuel/hr = 1.1 x 14.17 x Mg
= 15.59 Hf 1bs/hr

Corresponding oxygen requirement = 0.23% x 15.59 Me = 3.59 Hf 1b/hr
Turbine exhaust flow rate corresponding to oxygen requirement

3:59 Me = 21.09 Mc 1b gas/hr

Boiler input heat balance (Figure 1-31):
21.09 Hf % U.EESﬂ x (927 - 59) + Hf x 19,000 = 0.86 x 1{1g Btu/hr
Hf = 36,100 1bs/hr

d4Steam," Babcock and Wilcox (see References) p. E-1.
bVaries to some extent with turbine, manufacturer, and operating conditions.
CAir contains 23% oxygen by weight.

duean specific heat of exhaust gases (see Table 1-4).
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Table 1-8 (Continued)

Corresponding exhaust gas flow at boiler 36,100 x 21.09
761,450 1bs/hr
15,540 1bs/hr

776,990 1bs/hr

Wowon

Duct losses (2%)
Minimum turbine exhaust gas flow

n

Step 2: Select Most Compatible Turbine from Manufacturers’ Data and
Repeat abgue Computation if Exhaust Gas Temperature is
Different

1f the previous gas turbine is selected (Table 1-4) we have:
Gas turbine exhaust flow = 21}.86 x 3600

Duct losses (2%)
Gas flow at boiler inlet

762,696 1bs/hr
15,254 1bs/hr
747,442 1bs/hr

W oun

From Boiler Input Heat Balance:

Boiler Fuel Consumption = 0.861 x 107 - 747,442 x 0.265 x (927 - 59)

0.689 x 10° Btu/hr

0.689 x 107 Btu/hr
: T

36,300 1bs/hr?

®Notes: (1) Optimum choice of maximum power at matching exhaust flow may
not always be obtainable.

(2) Boiler efficiency will decrease if turbine exhaust flow is
greater than the amount required because the amount of excess
air (and excess oxygen) will increase.

(3) Some ambient air may be required for better boiler control at
different load conditions.

ansses in ducts connecting turbine to boiler.
YBecause of the smaller contribution of exhaust gas sensible heat, the fuel

consumption is approximately 200 1bs/hr greater than the optimum
consumption.

1-57



85-1

Satgrel Gan 60 pakg J8). MM sofn

Mabured Cla (290 pabgl 258 7 o 108 Bhy it

S

T

GAS TURBINE I
Turtwiive Lehaunt as

T41 MLEMH (5277F) I'
EREFERT T T Boosm e 0 ® i

FETT ]
Fusl g ganu 10" Biu v i Elwciricity . 3004 Mo T8 0¥
Massdun Ol 7« 084 H Vi
£40 MLEM
2% paig
i i Hest D18 1p?
Steam &0 MLBH £25 Psig 4 - LT _.l B
S80 MLEH ‘ﬁ_l (350420 “F
aam X Shatt Power: 20.6 MW 2! X
“I[ﬂfbﬂll Bi%an B e
i [ Steam 485MLBN 150508 o5 wian 130 o) _ R
100 ML BM | 150 pulg: PROCESS
i [ s1eam 30 LB Mgy rsMienopug | | Atarusanon Tieem 8118 107 1 e
A3 MLBH (00 piag a2t e ™ B i
S MLBR Wter Simam . 10 MLBH 18 paig: B ML S gk Tankage Reyect Meal < 360 F
1] ] = meis.
Buig Trmatman) ML 08 prig (o Coamicnl
Plant and et 1 00 BIC BFCD Enmigy
640 MLEH | Feacwates Fracens Canaenuaie | RO MLEM 1170°F W “ _| Nl Piageai e
- Mskeug 385 MLEM .
e [ERRT LN [T
224 10" S
1 I%F
Canten
Awjecs Hedl wnd

[~ m——— Condenieiy

o208 w007 miwi
>IN F)

Figure 1-30. Cogeneration with Gas Turbine Topping Existing Boilers --
Heat Balance Schematic, Example II, Cogeneration Option A
(1 MLBH = 1,000 1b/hr)



Steam - 450 MLEH (1500 palg (9507 F)

o808 = 0¥ Bi it
Ve New Coul
Boiin
A8 MLEM L

4
Lp":;’- Electricity 11 1 MW

0.0 x 10% Biuly Btmam
Turbina

"--..____--

IM 018 s 107 mi e

65-1

Fusl 0743 x 109 B iny ! Pranant Elacingity. 49.2 MW 2.80 107 Bt
[Fsaidusl 01l 4 s
i 7 =08 o ” l
190 MLEH g B
(B35 paig -2
1o F } Siwam - B0 MLEH (625 Psig) '_JLM-::M-G.TIIH'INHM
\ S0 WILEH (A50-420 "F1
Shatl Pows: 208 MW 4
B ~ | Rspect Hwwl 0,58 %167 Biu /e
Staam: 465 WLBH (150 90i0) 53 WLBN (150 pel0) — T
!' 100 MLEH [ 150 paigi PHOCESS
| Atomisation Sieam: 0.1 & 108 Biu/h
Sieam 30MLON oun) 75 MLEN 0 punp
—! A% MLBH 80 paig) o x 10% Eiwine g
ML Steam 10 MLEM (13 pakg) 1O MLEH 1S paig) Tanungs Rempect Hest < 360°F
(15 peuig: ,m"'“' " ! oL itS Chamics
Flani ant il 203800 BPCD _ Enargy
840 MLEH | Fowdwater Frucess Condenuats: 1GOMLEN | 170°F) Nl Frogutt T
3 ...T!:E“Hm 01 160 E i

2.3%x TH' B e
1< 280°F)

Coolers
Fajsct Haal wnid
-— | Condensern
.28 x 10%B1u e
|3 280°F)

Figure 1-31. Cogeneration Option for Large Refinery using
a Coal-Fired Boiler and Back-Pressure Steam Turbines -
Example I1, Cogeneration Option B
(1 MLBH = 1,000 1b/hr; BPCD = barrels per calendar day)



09-1

J IJ‘Btlﬂ‘lﬂ.fhr

IPURCHASED FUELS - N.G. 117 & 108, COAL 281 5 108
808 5 108wy ne |

(PURCHASED FUELS: FUEL OIL 44 « 10%, COAL 827 1 v0%

!

MDY LR KW |
m-uu'r I
I8 BOSLERS
A WLAH AUNILIARIES TMLEN MR MLEN |
91 MLEN |
(400 paig, S80°F) 4 MLBH |
11,000 pig) 1|
o8 LB |
IMLEH |
i

380 MLEW T MLEH b
LA iy I 1490 paig) |
0% STEAM L

TURABINE

Ta Bollses .
I
Bl . WS 18 ML |
iy ) 5 i 300 paigl |
=
WATER - 3 MLEH 14 ITH LB
"‘m‘ . (a0 paig) i 4 palg:

12 MLAH .
= } |
i

Figure 1-32. Annual Average Pattern of Energy Use in an
Agricultural Chemicals Plant in Institute, W.Va.
(1 MLBH = 1,000 1b/hr)

- Example I1I

p—

Bpprogus) F sy

P48 ¢ 100 Brw e




200 psig and 75 psig from a header pressure of 400 psig. Taking seasonal
variations into account, the average base load flows to the two process
pressures are 125,000 1bs/hr and 200,000 1bs/hr as shown in Figure 1-33.

1.7.4 Example IV - A Fine Chemicals Plant: Diesel Cogeneration Option

The electrical load for a fine chemicals plant is 20,000 to 23,000 kW.
Approximately 900 kW of mechanical drive power is currently cogenerated in
the plant, using noncondensing steam turbines. Steam is produced in
residual oil-fired boilers at 650 psig and 200 psig. Process steam is used
at 200 psig and B5 psig. With the existing boiler and process steam
pressures, the plant is operating close to its maximum steam turbine
generating capacity and must purchase power from the local utility. The
total average steam output of the plant's boilers is 430,000 1b/hr with
about 65 percent generated at 650 psig/700°F and 35 percent at 200 psig.
The 650 psig/700°F steam s utilized in existing back-pressure turbines
that supply mechanical power to the plant, reducing the steam to 200 psig,
85 psig, and 25 psig. The 200 psig and 85 psig steam flows are utilized
for process purposes and 25 psig primarily for deaeration. A slow-speed
diesel cogeneration system is designed to integrate with the existing plant

and is currently under construction. The system heat balance and
performance summary are given in Figure 1-34 and Table 1-9,

Waste heat from the diesel is recovered from the exhaust gases, air
cooler, and engine water-cooling circuits. To maximize overall thermal
efficiency, the temperature levels of the waste heat are matched to the
plant’s thermal requirements. The exhaust gas, at a temperature of 550°F
is used to raise 225 psig saturated steam in a supplementary-fired boiler.
The boiler is supplementary fired because of the plant's requirement for
150 to 160,000 1b/hr 200 psig steam, much greater than the amount that can
be obtained without additional fuel input. Additional oxygen for
combustion beyond that already contained in the flue gases is not
necessary, a result of the large amount of excess air used in the diesel
engine cycle.
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Figure 1-33. Extraction/Noncondensing Steam Turbine Cogeneration
for Agricultural Chemicals Plant - Example III
(1 MLBH = 1,000 1b/hr)
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Table 1-9. Cogeneration System Performance Summary - Example IV

Net Electrical Output
Steam Output (225 psig)
Hot Water Output (1BO°F)

Residual 011 Consumption
Diesel Engine
Supplementary Fired Boiler

Engine/Generator Electrical Efficiency

Overall Engine Utilization

Engine Exhaust Conditions
Flow Rate
Specific Heat
Temperature

Supplementary Fired Boiler Conditions
Inlet Gas Temperature
Inlet Gas Flow
Outlet Gas Temperature
Steam Pressure (saturated)
Steam Flow Rate
Feedwater Temperature

Energy Balance (LHV)
Engine Fuel Input

Supplementary Fired Boiler Fuel Input
Total

Steam Output
Hot Water Output

Total
Heat Exchange Losses

Radiation and Convection Losses
Auxiliary Electrical Load

Stack Losses
Total

Electrical Power

Total Useful Energy Output

23,275 kW
160,000 1b/hr

262,300 1b/hr

34.5 bbl/hr
24 bbl/hr

39.3%
86.7%

478,000 1b/hr
0.254 Btu/1b-°F
550°F

550°F

478,000 1b/hr
300°F

225 psig
160,000 1b/hr
213°F

198.1 x 10°Btu/hr
138.4 x 10%Btu/hr

336.5 x 10%Btu/hr

186 x 10°Btu/hr
26.2 x 10%8tu/hr

212.2 x 10%Btu/hr

9.4 x IDgBtufhr
3.0 x 10%Btu/hr
1.6 x 10"Btu/hr
30.0 x 10%8tu/hr

44.0 x 10%tu/hr

79.4 x 10%8tu/hr

b

291.6 x 107Btu/hr
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The air temperatures entering and leaving the diesel air cooler are
about 300°F and 100°F, respectively. This waste heat source is used to
preheat the feedwater for the supplementary fired boiler in an air-to-water
heat exchanger from a nominal 70°F to about 200°F prior to entering the
deaerator for oxygen scavenging. Of the sources of waste heat from the
engine cooling circuits, the turbocharger is at the highest temperature,
about 180°F, and the lube 0il is at the lowest, about 120°F. To maximize
the amount of waste heat recovered from the engine cooling system and to
maintain a reasonable pinch point in the heat exchanger, only the
turbocharger, jacket, and cylinder water circuits are used. From these
sources, about 260,000 1b/hr of 70°F water is heated to 170°F for use as
feedwater in existing high-pressure 650 psig boilers. Additional low-
temperature heat, as well as the low-temperature heat from the lube oil
cooler, is dissipated in a rooftop cooler.

As shown in Figure 1-34 the continuous electrical output rating of the
system is approximately 23,300 kW (net). Residual fuel oil consumption is
approximately 34.5 bb1/hr (198.3 x 10° Btu/hr) in the diesel engine and 24
bb1/hr (138.4 x 108 Btu/hr) for supplementary firing. The energy content
of the steam and hot water produced is 212 x IUE Btu/hr. If this process
heat were produced in a separate boiler, an additional 43 bbl/hr of fuel
0il would have to be consumed. The total emergy utilization is 86 percent
of the energy input. In terms of electrical generation, the effective
cogeneration heat rate is 3752 Btu (LHV)/kWh.
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1.8 SUMMARY OF ILLUSTRATIVE SYSTEM EXAMPLES

Cost summaries of the 4 illustrative examples given in this chapter
are shown in Tables 1-10 through 1-13. The diesel and gas turbine systems
do not include emission control equipment. The pulverized coal-fired
boiler for the textile plant (Example I-C) includes wet limestone
scrubbers. The pulverized coal-fired boiler for the refinery (Example II-A)
includes electrostatic precipitators and wet 1imestone scrubbers because of
the high ash content of the coal expected to be used in that facility. The
ash that falls to the bottom of the boiler is removed by a water sluicing
system in both boilers. The remaining ash passes out with the flue gas
where it is removed by the precipitators and/or scrubbers. Both boilers
include feedwater economizers and regenerative air preheaters and are
equipped with steam soot-blowers. The ash is removed from the boiler
hoppers and from the precipitators and/or scrubbers by a water sluicing
system. The ash is then separated from the water and removed off-site.

The economically relevant parameters for all the illustrative examples
are summarized in Table 1-14. The capital costs were based on vendor
quotations and past experience with similar projects. All costs are in
1981 dollars and include provisions for escalation during construction.

The projects are assumed to be initiated in mid-1981. Fuel consumptions
were obtained from figures supplied by the Company. These parameters are
used to determine the returns on investment and energy savings in Section
2.4.
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Table 1-10.

Example 1 - Cost Summary (Cogeneration Uptions

for Textile Fiber Plant

[-A 1-B 1-C
(Gas Turbine (Gas Turbine (Coal-Fired
Combined Cycle) with Heat Steam)
Recovery)
CAPITAL COSTS
Installed Equipment $16,080,000 $30,400,000 $28,700, 000
Engineering and
Construction
Supervision 940, 000 1,870,000 1,800,000
General and
Administrative Costs 1,130,000 2,160,000 ¢,000,000
Total $18,200,000 $34,430,000 $32,500,000
Total Cost per
Kilowatt (S/kW) 802 820 2,920
ANNUAL OPERATION AND MAINTENANCE COSTS
Insurance $ 35,000 $ 70,000 $ 70,000
Maintenance and
Expendables 430,000 740,000 700,000
Burdened Labor
(10 x $30,000) 300,000 300,000 300,000
Total $765,000 $1,110,000 $1,070,000
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Table 1-11. Example Il - Cost Summary (Cogeneration Options for Refinery)

11-A 11-B
(Coal Boiler/ (Gas Turbine)
Steam Turbine)

CAPITAL COSTS

Installed Equipment $27,800,000 $13, 500,000

Engineering & Construction

Supervision 1,800,000 1,000,000

General and Administrative

Costs 2,000,000 1,000,000
Total $31,600,00 15,500,000

Total Cost per Kilowatt
($/kW) 2,850 733

ANNUAL OPERATING & MAINTENANCE COSTS

Insurance $ 65,000 $ 35,000
Maintenance & Expendables 650,000 400,000
Burdened Labor (10 x $30,000) 300,000 300,000

Total $1,015,000 $735,000
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Table 1-12. Example III - Cost Summary (Extraction/Noncondensing Steam
Turbine for Chemical Plant)

CAPITAL COSTS

Installed Equipment $1,650,000
Engineering and Construction Supervision 1,400,000
General and Administrative Costs 250,000
Total $3,300,000
Total Cost per Kilowatt ($/kW) 418

ANNUAL OPERATING AND MAINTENANCE COSTS

Insurance $ 5,000
Maintenance ang Expendables 40,000
Burdened Labor 0

Total $ 45,000

This plant has sufficient power and maintenance personnel to service the
steam turbine.
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Table 1-13. Example IV - Diesel Cogeneration Cost Summary®

CAPITAL COSTS

Installed Equipment
Engineering and Construction Supervision
General and Administrative Costs

Total

Total Cost per Kilowatt (S/kW)

ANNUAL OPERATION AND MAINTENANCE COSTS

Property Tax and Insurance (2% Capital Cost)
Maintenance and Expendables (1 1/2% Capital Cost)
Burdened Labor (8 x $25,000/yr)

Total

$19,017,000
1,171,000

1,332,000
$21,520,000
925

$439,400
322,800
200,000

$962,200

%Thermo Electron estimates, March 1981.
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Table 1-14. Summary of Cogeneration System Parameters for Illustrative Examples
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Base Case - B, 000 o 58,000 Readd 0. &05 — e -
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2.0 INVESTMENT AND ENERGY SAVINGS ANALYSIS

This section presents the data and methodology necessary for
performing investment and energy-savings analyses of alternative ccgener-
ation systems. Section 2.1 presents recent industrial fuel and electricity
price forecasts that can be used in cogeneration economic analyses.

Section 2.2 contains electric utility fuel use profiles that are used to
estimate the types and gquantities of utility fuels that would be displaced
by cogeneration in specific regions. Section 2.3 describes the methodology
for performing an economic and energy savings analysis of cogeneration
systems, and Section 2.4 illustrates the use of a computer model to analyze
the seven examples of cogeneration options defined in Section 1.7. The
computer model is available from the Argonne Code Center, Argonne National
Laboratory, 9700 South Cass Avenue, Argonne, 11linois 60439.

2.1 INDUSTRIAL FUEL AND ELECTRICITY PRICE FORECASTS

2.1.1 Introduction

Forecasts of industrial fuel and electricity prices are essential for
analyzing the economic feasibility of cogeneration systems. The price of
fuel is the dominant factor in cogeneration operating costs, and the price
of purchased electricity largely determines dollar savings. Forecasts of
these prices are necessary for two reasons. First, cogeneration systems
typically require from one to four years from the time of investment
decision to initial operation. Second, such investments are best analyzed
in terms of life cycle costs with explicit consideration of fuel and
electricity prices and their escalation rates over the economic life of the
system. Some cogeneration systems have been technical successes but
economic failures because energy price forecasts were either not made, or
the forecasts failed to account for a reasonable range of uncertainty.

Because several of the most important factors influencing the future
prices of fuels and electricity are highly uncertain (e.g., general
economic conditions and the price of imported oil), it is not judicious to
rely solely on a single price forecast. This handbook, therefore, presents
a set of three price forecasts which attempt to account for the range of
uncertainty of the most important factors determining energy prices. The
user of these forecasts has the option of choosing from any one forecast,
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or a combination or variation thereof, depending on which forecast he
believes is most in accord with his own perception of future price changes.
Confidence in an investment decision will be increased, however, if the
investment is attractive under a wide range of energy price assumptions.

Al though energy price forecasts have been developed for 13 regions of
the nation, users should augment or replace these forecasts with their own
price forecasts as necessary to reflect local conditions. Intraregional
variations in fuel and electricity prices can be significant, further
reinforcing the need to employ a projection for a smaller geographical area
if such a projection is available to the user. In particular, a user may
want to use his own local, current year, energy prices as a starting point
and then apply the future year energy price escalation rates contained
herein as a way of generating his own forecasts.

2.1.2 Scope

This section presents three forecasts of delivered industrial fuel and
electricity prices: best case, low case, and high case. These forecasts
differ primarily because of the assumed price of world oil and its effect
on economic growth and inflation. Policy assumptions that affect fuel
prices (e.g., Natural Gas Policy Act) are also incorporated into the three
price scenarios. The fuel and electricity price forecasts were made using
the Energy Core Model* of Data Resources, Inc. (DRI). The best case
forecast, which DRI produced and presented in their summer 1981 Energy
Review, is taken to be the best estimate of future energy prices. The low-
case forecast, which was also produced by DRI, assumes that the current
soft oil market continues in the future and that a lower rate of oil price
increase occurs. The high-case forecast was produced by TRW using DRI's
energy model. The low and high price forecasts assume low and high

imported oil prices, respectively, relative to the best-case, and incorpor-
ate the direct effects of those prices on other energy commodities and

economic growth in general.

*U.S. Energy Model developed by Data Resources, Inc., Lexington, MA
02173, June 1981.
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Prices have been forecast for the following industrial energy
resources, by geographical region, for the years 1981-1995:

Distillate oil
Residual oil
Natural gas
Coal
Electricity

The regions defined in the DRI model are shown in Table 2-1; Figure
2-1 presents a map showing the geographical demarcations.

Table 2-1. Regional Definitions for the DRI Energy Model

Region Abbreviation States
New England NENG MA, ME, VT, RI, NH, CT
Middle Atlantic MATL PA, NJ, NY
South Atlantic SATL DE, MD, DC, VA, WV, GA,

FL, SC, NC

East North Central ENC OH, WI, IN, MI, IL
West North Central WNC KS, NE, ND, SD, MN, IA, MO
East South Central 1  ESC1 KY, TN
East South Central 11 WSC2 AL, MS
West South Central 1  WSCl oK
West South Central 11 WSC2 TX, AR, LA
Mountain 1 MTNL NM
Mountain II MTN2 MT, CO, WY, 1D, UT
Mountain III MTN3 NV, AZ
Pacific PAC CA, OR, WA, AK, HI

2.1.3 Forecast Assumptions

The key assumptions that were used to make the three fuel price
forecasts--low case, best case, and high case--are presented in Table 2-2.
These assumptions include the projected price of imported oil, the general
economic conditions resulting from these oil prices, and the manner in
which two of the Acts [ the Natural Gas Policy Act (NGPA) and the Powerplant
and Industrial Fuel Use Act (FUA)] contained in the National Energy Act of
1978 are assumed to be implemented at the time this forecast was prepared.
Internal consistency between the macroeconomic assumptions (i.e., rate of
economic growth and inflation) and the price (and quantity) of imported oil
was maintained by either generating or using a macroeconomic scenario that
included the imported oil costs to the economy.
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Table 2-2. Fuel Price Forecasting Assumption

Key Assumptlon Low Case Bast Case High Case
Imported 011 Prilces ($/bbl)
1980 $ 34.00 $ 34.00 $ 34.00
1981 § 37.00 § 38.75 $ 38.75
1995 Current Dollar Price $129.55 $172.41 $397.86
1995 Real Prlce
(1980 dollars) § 44.26 $ 93.46 § B4.569
Frice Escalatlon Rates
Mom Inal Escal ation B.7% 10.5% 18.1%
rate to 1995
Real Escalation 1.8% 313 6+5%
rate to 199%
a
Macr caconam ¢
Real GNP Growth rate 2.5% 2.5 2.1%
(1981 +o 1995)
Infiation Rate 6.5% T1.4% 10.9%

11981 +o 1995)

Natural Gas Policy Act

Powerplamt and |ndustrial
Fuel Uss Act

Accel ar ated Phased
Decontrol 19831986

System compl lance
not enforced

Acceler ated Phased
Oacontrol 1983-1986

System compl lance
not enfor cad

Total Decontral In
1982 ewcept for "old
Interstata gas"

System compl lance
not enfor ced

a
Assumptions were based on the following DRI macroeconomic forecasts: Low Case — TRENDLONG 0681;

Best Case — TRENDLONG 2006; High Case — PESSIMLONG POOG



Price of D11

The price assumptions for imported oil in the three forecasts are
shown in constant 1980 dollars in Figure 2-2. In the high and best case
forecasts, imported oil prices are assumed to remain constant in real terms
for 1982-83. This assumes that the current high level of Saudi production
continues, maintaining an oversupply in the market that results in slow
price rises. The low case assumes, based on the recent round of price cuts
by foreign oil producers, that an average price of $37/bbl occurs in 1981
rather than the $3B.75 price, which is assumed in both the best and high
cases. In this case, the real price of imported oil actually declines
through 1984, remains flat in 1985, and finally grows at a real annual rate
of 3.2 to 4.0 percent above inflation. The overall average annual real
price increase from 1981 to 1995 is 1.8 percent as compared with 3.1
percent in the best-case, and 6.5 percent in the high case.

The reason for the much higher rate of increase in the real price of
0oil (6.5 percent above inflation) in the high case was caused by the
assumption that another oil supply disruption was probable in the next 15
years with a consequent sharp increase in the real price of oil. Because
the timing and magnitude of this price increase as a result of a supply
disruption is not predictable, it was represented by assuming a continual
steep rise in real prices over the forecast interval. This high case is
intended to provide a reasonable upper bound on the future prices of
imported oil.

In all cases the price of domestically produced oil, in accordance
with the advent of price decontrol, reaches parity with world oil prices by
1982 with slight price variations due to quality differentials.

Economic Growth

The rate of economic growth is a primary determinant of the growth in
energy demand and, therefore, of energy prices. This rate of economic
growth is also strongly affected by energy prices in general and oil import
prices in particular. Therefore, when making long-term enerqy price
forecasts it is important to use an economic growth forecast that is
generally consistent with these forecasted energy prices.
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For the low and best case scenarios DRI generated and used consistent
macroeconomic projections to make their energy price forecasts. For the
high price case, TRW chose a more pessimistic DRI long-term forecast, which
is believed to be consistent with the lower economic growth rate that would
occur under a high oil price scenario.

Two economic indicators are critical in determining the consistency of
an economic growth scenario with an energy price scenario: real gross
national product (GNP) growth rate, and the GNP implicit price deflator.
The first indicator is a measure of the real growth in output of goods and
services in the economy, while the second indicator measures the general
level of price inflation. Real GNP growth averages 2.5 percent per year in
the low and best case scenarios, as compared with 2.1 percent in the high
case. The GNP price deflators for the three scenarios are presented in
Table 2-3 to enable the user to perform analyses in real temms if desired.

Natural Gas Pricing

The Natural Gas Policy Act was passed by Congress in 1978 in order
to gradually phase out price controls on most categories of gas between
the time of passage of the Act and 1987. Although the Administration
advocates decontrpl of natural gas prices to allow free market price

adjustments to occur, it has indicated that decontrol will not be sought
in 1981.

The natural gas pricing scenarios envisioned here all assume some form
of accelerated decontrol of natural gas. Specifically, the low and best
case scenarios assume an acceleration of the decontrol of various
categories of gas prior to their current decontrol dates under the NGPA.
The market-ordering schedule for natural gas decontrol assumed in these two
cases is as follows: controls on new interstate and intrastate gas are
phased out together at the same rate from 1983 to 1987. The rate of
decontrol was determined by selecting values for the share of gas remaining
under controls that would smooth the price transition to complete



Table 2-3. Year-End GNP Price Deflator Index for the High, Best, and
Low Case Scenarios (1980=1.00)

1978 1979 1980 1981 1982 1983 1984 1985 1986

High 0.846 0.918 1.000 1.105 1.233 1.383 1.557 1.767 2.001
Best 0.846 0,918 1.000 1.100 1.210 1.318 1.429 1.560 1.703
Low 0.846 0.918 1.000 1.095 1.192 1.290 1.389 1.500 1.618

1987 1988 1989 1990 1991 1992 1993 1994 1995
High 2.251 2.507 2.775 3.061 3.361 3.668 3.988 4.326 4.698

Best 1.852 2.006 2.165 2.334 2.507 2.6B0 2.853 3.034 3.225
Low 1.743 1.874 2.011 2.159 2,308 2.459 2.611 2.766 2.927

decontrol. In other words, it was assumed that the decontrol plan that is
ultimately passed by Congress would be constructed so as to avoid price
discontinuities.

In contrast to the low and best case scenarios, the high case scenario
assumes decontrol in 1982 of all natural gas except for "old interstate"
gas (volumes committed to the interstate market prior to passage of the

NGPA). While it is unlikely that the Administration and Congress would
agree to nearly immediate decontrol, this case is useful in providing an
upper bound on near-term natural gas prices.

Fuel Use Act

The Administration prefers operation of the forces of a free market to
regulatory provisions in the Powerplant and Industrial Fuel Use Act (FUA).
These provisions (1) prohibit oil or gas use in new large boilers and
powerplants unless exemptions are obtained and (2) permit the government to
order conversion of existing plants. Reflecting the high likelihood of
both Administration and Congressional proposals to streamline the exemption
procedure and ultimately to dismantle most, if not all, of the Act's
provisions, all three scenarios assume no enforcement of compliance with
the FUA. This assumption also reflects enactment of the Omnibus
Reconciliation Act of 1981, which repealed the utility “"off-gas" provisions
of the FUA. While this assumption can lead to a slightly higher demand
projection of gas use by utilities and industry in the next few years, it
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is expected to have little effect on delivered industrial natural gas
prices.

2.1.4 Fuel-Specific and Regional Forecast Assumptions

In addition to the major forecast assumptions that differ between the
low, best, and high case forecasts, a large number of fuel-specific
assumptions are generally common for all three price forecasts. These
assumptions relate to the domestic crude oil supply as a function of world
0il price; the supply and price of Alaskan, Canadian, and Mexican natural
gas and imported LNG; regional coal supplies and coal production and
transportation costs; and electric utility plant capacities, capital costs,
and allowable rate of return on invested capital. [The interested user is
referred to the DRI Energy Review (summer, 1981) for more detail.]

The DRI Energy Core Model forecasts delivered prices of residual and
distillate oil on a national average basis only, and regional delivered
coal prices are forecasted for electric utilities but not for industry.
Consequently, TRW developed regional prices for residual and distillate oil
based on the national average prices using Department of Commerce* state
data for 1976-78. These data were used to calculate weighted average price
rates for each of the 13 DRI regions. In general, regional residual and
distillate oil price variations are small. In developing regional
industrial coal prices, TRW assumed that the percentage difference between
the regional coal prices delivered to utilities and the regional coal
prices delivered to industry remains constant over time. The percentage
difference between utility and industrial delivered coal prices was
determined from Department of Commerce* data and applied to the utility
regional coal prices as forecast by the DRI model. The higher prices of
coal delivered to industry reflect purchases in smaller quantities,
generally higher transportation costs and shorter term contracts or more
spot market purchases, as compared with utilities. Regional and

*Annual Survey of Manufacturers, U.S. Department of Commerce, Fuels and
Electric Energy Consumed, Table 3, Washington, D.C. (1976-1978).
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intraregional differences in coal prices are significant and the user
should obtain supplementary price quotations, if possible, reflecting local
conditions and specific coal characteristics.

2.1.5 Forecast Resul ts

For making energy price comparisons, the forecast of the national
average fuel and electricity prices for the best, low, and high scenarios
is presented graphically in Figures 2-3, 2-4, and 2-5. These graphs
present the forecast estimates in current dollars per million Btu. When
comparing the three scenarios, note that the underlying implicit price
deflator for each scenario is different. Note also that the price scale
for the graph in the high case scenario is compressed compared with that in
the best and low cases.

An examination of the best case results presented graphically in
Figure 2-3 reveals results as expected. Coal prices increase at a slower
rate as a result of the elasticity of supply of coal compared with the
other fuels. Natural gas prices under accelerated decontrol have the
widest disparity when compared with residual oil in 1982, but gradually
approach residual oil prices in 1988 to 1992, Distillate and residual fuel
0il follow crude oil prices; however, distillate follows crude prices more
closely than residual. This might be anticipated as residual fuel oil
prices would be expected to be driven by demand and the price of
substitutes (e.g., coal). In the later periods of the forecast, the
difference in the prices of coal and residual oil becomes more pronounced.
This could cause some depression of residual fuel oil prices.

The results of the forecasts in the low scenario presented in Figure
2-4 are similar to that of the best case, except that the general prices
are lower, The prices for distillate and residual fuel are relatively flat
through 1985 because crude oil prices remain flat. In real dollars,
distillate and residual fuel prices decline over that period. Coal prices
increase over the forecast period, but, as in the best case, at a lesser
rate than the other fuels. Electricity prices increase at a rate less than
that in the best case and, as expected, are affected by the price of coal
and the price of capital (reflected through inflation-based interest
rates).
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Results of the high case forecast (Figure 2-5) exhibit slightly
different trends from the two other scenarios. Residual and distillate
fuel oil prices increase at a much higher rate than the other cases because
of the high rate of increase in crude oil prices (6.5% real price
increase). Natural gas is decontrolled in 1982 in this scenario, which is
illustrated by the upward shift in natural gas in 1982. Due to the
tremendous price increase in residual oil and the effect of old gas
contracts, natural gas does not reach absolute parity with residual fuel
until 1989. Coal prices, as in the other scenarios, increase at a rate
less than that of the other fuels. MNote that on a Btu basis, distillate
fuel prices begin to approach parity with the price of electricity in 1995.
This phenomenon reflects the increased use of coal and nuclear fuels in the
generation of electricity and the trend away from petroleum and natural
gas, all of which act to bring the prices of electricity and distillate
closer together.

Appendix B contains complete tabulations of annual regional values for
the forecast prices of electricity, distillate, residual fuel, natural gas
and coal for the best, low, and high case scenarios. For visualizing price
trends, Appendix B also presents graphically the best case forecasts of
fuel and electricity prices for each region.

The user of this handbook can employ these values as they are
presented or, alternatively, use them as reference values to be modified by
more recent judgment or by other mathematical-statistical methods.
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2.2 UTILITY FUELS DISPLACED

Industrial cogeneration saves electric utility primary fuels by
displacing central station electricity that the industrial plant would
otherwise purchase. Whether cogenerated electricity is consumed in-plant
or exported to the utility grid, load demands on the utility will be
reduced and therefore consumption of fuels at central powerplants will be
reduced.

While the types and guantities of fuels displaced at the utility are
not directly used in computations of cogeneration economic performance,
utility fuel savings are of interest to the potential cogenerator for
several reasons. A cogeneration system that displaces premium fuels (oil
and natural gas) within a utility or power pool is more likely to be
economically successful than a system that displaces lower-cost primary
energy sources (coal, nuclear, and hydro). This is because utility fuels
usa is reflected in utility rates, and utility rates directly affect the
economics of cogeneration. In addition, for a potential cogenerator
seeking an exemption from the FUA prohibitions on oil or natural gas firing
on the grounds that the cogeneration system would realize a net savings of
0il or gas, estimating utility fuel displacement by type of fuel is
essential (see Chapter 4).

2.2.1 Utility-Cogenerator Interactions

When a cogeneration system begins operation at an industrial plant,
the utility serving the plant will experience a reduction in power demands.
Under the principles of economic dispatch, the normal utility response to a
small reduction in load would be to reduce the output of the currently
operating plant that has the highest operating cost.* Because fuel is the
dominant component of operating costs, the plant that is providing the
marginal, incremental unit of power would normally be the one using the
most expensive fuel of those currently operating and would be the least

*Certain units on a system must sometimes operate even if their running
costs exceed the running costs of units not operating at full capacity
because of technical constraints (e.g. area protection, reserve to cover
forced outages, and maintenance scheduling).
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efficient plant of those operating with that fuel. This implies that
plants using oil and gas would be the first units backed down when a
cogenerating facility came on line.

Many utilities operate together in power pools to improve the economy
and reliability of supply to customers. The power pools are further
aggregated into the 9 National Electric Reliability Council (NERC) Regions
(Figure 2-6). Thus, if a utility is located in a region that predominantly
uses oil and gas, it would be expected that oil and gas would be displaced
by cogeneration. The following section illustrates techniques to estimate
utility overall fuel savings and oil/gas savings.

2.2.2 Computation of Utility Fuel Displacement

Utility fuel displacement through cogeneration can be computed from
the following equation:

Total Fuel Power Produce No. of Hours o System*

Displaced = | by Cogenerator ODperation per Heat Rate |x 1.07
at Utility (kW) year of Cogen- of Utility
(Btu/year) eration System Btu/kWh)

In Equation (1) the power produced by the cogenerator and the number
of hours of operation of the system depend on the cogeneration system
design and operating characteristics. Heat rates of utilities are
available from a number of sources, such as Electrical World, Directory of
Electric Utilities, 1979-1980, and are reported annually on a
plant-by-plant basis to the Federal Energy Regulatory Commission (FERC), on
FERC Form 1. An example of this data is shown in Table 2-4. In the
absence of local or regional data, a nominal value of 10,500 Btu/kWh can be

used,

*se of an overall system weighted average heat rate will give a
conservative estimate of utility fuel displaced because actual fuel
displacement will usually take place at one of the utility's least
efficient plants.

2-17




| (1S

Il

Il |

[=ean sty eominase MAN s o —
[T encor geces namey N\ MARCA Futaoy Eossrason -m PR
o i e smtw. Tjweccmemiees
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Source: National Electric Reliability Councils, 1979 Annual Report.

Figure 2-6. National Electric Reliability Council (NERC) Regions
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Table 2-4. Data Available from FERC: Portion of FERC Form I°
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The factor of 1.07 in Equation (1) accounts for transmission and
distribution (T&D) inefficiencies (estimated at 7 percent), which reflect
losses to the utility if the cogenerator were not in operation. This
assumes that the industrial plant is situated within a utility load center,
at some distance from the serving utility (Figure 2-7). The T&D losses
occur only when the industrial plant is accepting power from the utility.
Negligible T&D losses are assumed when the industrial plant cogenerates and
consumes power internally or exports power for consumption by other
customers within the load center. If the industrial plant is not situated
within a load center, this transmissfon credit cannot be taken for that
portion of exported power because the cogenerator and utility are then
assumed to accept the same T&D losses.

Equation (1) gives the total fuel displaced at the utility. To
estimate oil and gas displacement, a separate analysis is required.
Equation (1) can again be used, but in this instance the heat rate for the
utility must reflect the average annual incremental (or marginal) oil and
gas displacement heat rate. For cogeneration systems that cause constant
reductions in demand to electric utilities, an estimate of this heat rate
can be taken from Table 2-5, which shows average annual values for incre-
mental oil and gas displacement for the nine NERC regions. These values
are forecasts for 1989 and reflect a considerable transition from oil and
gas toward coal and nuclear power on the part of utilities. The derivation
of these values is described in Appendix C. If the cogeneration system has
a variable power output, then estimates of utility oil and gas displacement
heat rate by time of day and season of year from Appendix C should be used
instead of the annual average value.

However, use of the values of incremental oil and gas displacement in
Table 2-5 [developed by the Economic Regulatory Administration (ERA)] may
not give an accurate measure of the oil and gas displaced at the utility.
This is because potential oil and gas displacement can vary (1) within a
single region, (2) between power pools, and (3) between utilities. For
example, the TVA power pool, within the SERC region, is heavily dependent
on coal and nuclear power for its generation. Negligible displacement of
oil and gas is expected for this power pool, although SERC overall shows
some potential for oil and gas displacement. Conversely, Louisiana Power
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and Light, within the Middle South Utilities power pool of the SPP region,
is currently entirely dependent on natural gas and oil, and most other
utilities in this pool are also heavily dependent on these fuels. Although
SPP shows only a moderate incremental oil/gas savings of 4700 Btu/kWh,
savings in this particular utility and power pool would be considerably
greater.

Calculation of oil/gas displacement is further complicated by
interpool transfers. Utilities can purchase power from pools other than
their own. For example, in 1980, the American Electric Power (AEP) power
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Table 2-5. Average Annual Incremental 0il/Gas Savings by
NERC Regions (Projection for 1989)

NERC REGIONS OIL /GAS SAVINGS
(Btu/kWh)
ECAR 0
ERCOT 8900
MAAC 5200
MAIN 0
MARCA 0
NPCC 6400
SERC (except Florida) 600
Florida 7100
SPP 4700
WSCC East 1300
WSCC West 7100

Source: Regional Electric Utility Fuel Use Tables for
Scarce Fuel Displacement Determination, Draft
Chapter for "Electric Power Supply and Demand for
the Contiguous United States 1980-1989. U.S.
Department of Energy Economic Requlatary

Adninistration. Division of Power Sugg'ly and
Reliability. DOE/RG-0036 (Rev. 1). vised and

Reprinted July 1980.

Note: The SERC and WSCC regions have each been divided
into two subregions to account for the differences
in fuel mixes being used in power generation among
utilities located in these regions.
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pool* was able to sell low-priced coal-based power to utilities outside of
AEP, replacing the higher-priced oil-based power at these utilities. On
the other hand, the Middle South Utilities power pﬂa1+ notes that in 1980,
22 percent of their power was purchased from outside utilities. These
examples show that potential cogeneraters must consider the characteristics
of their particular power pools and utilities in determining the expected
oil and gas savings for their specific cases. The complete FERC Form 1 for
each utility provides a significant portion of the information and data
required for this determination.

*1980 AEP Annual Report
1980 Middle South Utilities Annual Report
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2.3 CALCULATION OF SYSTEM ECONOMIC PERFORMANCE AND ENERGY SAVINGS

Thus far, a range of cogeneration system options has been defined, and
typical industrial applications have been illustrated. Basic information
necessary to calculate system economic performance and energy savings has
been discussed, including technical and cost data, fuel and electricity
prices, and utility fuels displacement. This information provides the
basis for a preliminary investment analysis of proposed cogeneration
systems and alternatives.

2.3.1 Methodologies for Estimating Economic and Energy Savings Performance

The objective of the preliminary financial analysis is to determine
whether the installation of a cogeneration system is justified economically
for the potential cogenerator. Specifically, the analysis should identify
those systems which meet or exceed the after-tax ROI required by an

industrial firm. Based on the economic results, an optimum system can be
selected.

The long-term nature of the investment and the interaction of fuel
costs, electricity prices, capital costs, and other cost factors require a
sound economic approach to identify and discount each set of annual cash
flows. A general overview of an appropriate analysis methodology is shown
in Figure 2-8. While the financial analysis can be performed using any
methodology consistent with user practices, this section illustrates the
use of a discounted cash flow (DCF)/internal rate of return (IRR) model.*

The DCF model identifies and discounts all relevant cash flows and
computes the IRR of the proposed cogeneration system. Each element of the
methodology is described in the following section. Although the discussion
focuses on this particular DCF model, it is written as generally as
possible, noting that this analysis can be performed by other models or
even by hand calculaticns.

*The model, which is basically a general purpose DCF model uses methods
similar to those used by industrial fims in evaluating energy
conservation investment alternatives. The model is available from the

Argonne Code Center, Argonne National Laboratory, 9700 Cass Avenue,
Argonne, I11inois 60439,
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2.3.1.1 Model Inputs

The economic and energy savings analysis first requires that the
system under consideration be described by its technical characteristics,
system costs, enerqy costs, and financial parameters. These characteris-
tics constitute the input data to the model, as shown in a sample model run
sheet in Table 2-6. The calculations and sources of information for these
inputs are listed in more detail in Table 2-7 and are described in the
following section. For purposes of comparing alternative cogeneration
systems, the analysis uses 1985 as the initial year of operation for all
systems, unless otherwise specified.

Technical Characteristics

Technical characteristic inputs to the model are incremental fuel
consumption, net electricity generation, and the utility heat rate.
Incremental fuel consumption, defined as the annual increase in industrial
plant fuel consumption caused by operation of the new cogeneration system,
is used to compute energy savings. It is also used with fuel price data to
campute the annual increase in fuel cost to the industry for operating the
system. This figure must be a composite of all fuel types previously used
or planned for use by the plant (Table 2-7, entry 1). If the cogeneration
system results in a fuel switch, all of the fuels replaced must be included
in this calculation.

Net electricity generation is the annual kWh output of the
cogeneration system, or the net increase in electric output for plants
having existing levels of cogeneration (Table 2-7, entry 2). It is used
to campute energy savings caused by displacement of utility electricity and
is used with electricity price data to compute the industrial plant's
annual savings on the electricity bill.

The utility heat rate is used to compute primary energy savings that
result from displacement of central station power. The utility heat rates
should include the T&D losses (estimated at 7 percent) that the utility
must accept in serving an industrial customer (Table 2-7, entry 3). For
that portion of the cogenerated electricity that is sold back to the
utility, no T&D adjustment is made if it is assumed that the electricity is
consumed outside the load center containing the industrial plant.
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TABLE 2. Sample Modal Run Sheot
RUM SHEET
RUN NO.
PARAMETERS VAR | ABLE NAME VALUE OR DEFAULT
TECHNM | CAL
CHARACTER IST 105
INCREMENTAL FLEL CONSUMPT ION, FLELCN 0.0
10 Btulyrd
NET ELECTEICIT‘I’ GENERAT ION NETGEN 0.0
(107 kWhiyrd
UTILITY HEAT RATE (INCLUDING TAD LOSSES) HTRATE 0.0
(Btu RWh)
SYSTEM OO5TS:
CAPITAL INVESTMENT CAPINV 0.0
{$ In 19851
CONSTRUCTION COST DISTRIBUTION -
PERIODS OF CONSTRUCT |ON NPER 0
FERIODS PER YEAR IFER o
CONSTRUCT I1ON FRACTION FER PERIOD FOONST 0.0
OPERAT IONS & MAINTEMANCE COST, INITIAL CHANDIM 0.0
($/yr In 19685} By e
OAM COST ESCALATION RATE OMRATE 0.0
{Fractlon!
SALVAGE VALUE SALVAG 0.0
(51
ENERGY COSTS:
INCREMENTAL FLEL OOST, INITIAL FLEL 0.0
($/yr In 1985)
INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.0
{ Fractlon)
ELECTRICITY COST, INITIAL ELECT 0.0
($/yr In 19851
ELECTRICITY 0OST ESCALATION RATE ERATE 0.0

{ Fractlon)
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TABLE 2-6. SAMPLE MOEL RUN SHEET (CONTINLED)

RUN SHEET (Continued)

FINANCIAL PARMMETERS :

DISCOUNT RATE
(Fractlon)
DOV WP 8 TMENT
{Fraction}
LOAN LIFE
{Up To 40 Years)
SYSTEM LIFE
(Up To 40 Years)
INTEREST RATE
(Fraction)
INCOME TAX RATE
{ Fractlon)
TAX CREDIT RATE
{Fraction)
INSURANCE RATE
{(Froction}
INSUR ANCE ESCALAT ION RATE
(Fractlion)
PROPERTY TAX RATE
{Fraction)
PROPERTY TAX ESCALATION RATE
{Fraction)
DEPRECIATION LIFE
(lp To 40 Yeors)
DEPRECIATION MOE
= 1 = SUIM=-OF-YEARS-DIGITS

2
3
4

STRAIGHT LINE

DOUBLE DECLINING BALANCE

1508 DECLINING BALANCE

CHANGING TD STRAIGHT LINE

1758 DECLINING BALANCE

CHANGING TO SUM-OF-YEARS-DIGITS
2008 DECLINING BALANCE CHANGING
TO SUM-OF-YEARS-DIGITS

DISATE

DwitePMT

LIFLON

LIFSYS

IRATE

TIRATE

TAXCRD

INS

INSRAT

PCTAX

PCRATE

[(EPYRS

LT

0.2

1.0

0.005

0.0

0.02%

0.0

2-28



62-2

Table 2-7. Calculations and Sources for Model Inputs
TECHN | CAL CHARACTERISTICS
VALLE OR
DATA
PARAMETER CALCULAT IONS SOURCE COMMENTS
1«  Incremental Fuel Totsl Incremental Fuel Consumption System "or Iginal™ refers to existing
Con tlon = (pew-original} oll consumption Des laner , consumption at the plant
(10 Btu/yr) + (new-or Iginal ) NG consumption Energy use
+ (new-or lginal) coal consumption proflle If fuel-switch has occurred, all
*+ EfConnns replaced fuels should be Included
In the calculation
2. Net Electricity Het Electr lcity Generation System "Or Iginal" refers to existing
Gener ation Daslgner alectr lcity productlon st the plant
(kWhl ntinuous Ne Contlnuous Net
= | Rated Capacity | - | Rated Capacity
* Hrs of % Hrs of
Operation /New Operstion /Or lginal
3.  Hility Heat Rate Utll 1ty Heat Rate Local Local utll ity data corrected for
(Btu/kWh) = System Hest Rate x 1.07 I T4y TAD lossas of 7 percent

Data
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Table 2-T. Calculstions end Sources for Model Inputs (Continued)

SYSTEM CO5TS
YALUE OR
DATA
PARAMETER CALCULAT |ONS SOURCE COMMENTS
4., Capital Investment (Capital IIWH.‘I‘mnﬂlm‘ e Vendor Year & paricd of vendor quote should
(% In 1985) quotes be noted
= {Vendor Esﬂmmﬂumm Yoar$ e GNP Yendor quote [ncludes escalation
daflators during construction
In Sactlon
(mu: Detlator) I Escalation carried through to quarter
g startup yﬂnr)
\IGNP Daflator) Table 2-3 in which construction beglns
Quote year
5. Construction Cost Systen Model uses these Inputs to compute
Distribution Deslgner burdensd |nvestmant
=~ Periods of
Construction —
- Periods Per Year ——
= Construction
Fraction
par Period 1/Perlods of Construction
G Incramental (oM {bﬁﬂ}‘ms Systam —
Operations & Des|gner
Malntenance Cost,
Inf+ial Incremantal (GNP mﬂﬂm]sfarfup yor e GNP
18/yr In 1585) = Annual O&M ] x | (GNP Deflator) Deflators
" Costs REGIW, Yooy In Section
Quote 2al,

Yaar § Table 2-3
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Table 2-7.

Caleulatlions and Sources for Model

Inputs (Continued}

SYSTEM COS5TS (Continued)

VALLE (R
DATA
PARNMETER CALCULAT 10NS SOURCE COMMENT S
7. OAM Escalstion Rate —_— e Econamic & Can be assumed equal to
(Fraction) Praoject|ons Inflatlon rate
Sact. 2.1
T o & Alternatively, con be astimated by

B. Salvage Value
(8 5]

user
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Table 2-7. Calculations and Sources for Model Inputs (Continued}

EMERGY COSTS

PARAMETER

CALCULAT 1ONS

VALLE OR
DATA
SOURCE

QOMMENTS

9. Incremental Fusl Cost,
Intttal (1n 1985)

10- Fuel Oost Escalation
Rate (Fraction)

{ Incremental Fuel Cost)

1985
= . + ]
Iner« 11 Consumptlon 1085
&
(LB
x [ $A10° Btu o1l i

+ . Co +ion)
(Inor= NG Consump nﬂl‘lﬂﬁ

&
Btu NG
w $/10 1585

+ 8t annns

Fua|l Cost Escalation Rate

{1995 1ncr. Fuel cost)’'? ‘
“\1985 Incr. Fuel Cost

Prav lous
Conzumptlon
Calculations
Entry 1

Fuel Price

Praj ectlons

for Geographlc
Reglon, Sect.
2.1; Inltialize
wlth Local Data

1985 Incr.
Fuel Costs
from Enfry
9.

1995 Inor.

Fual Costs

using Equa=

tion In Entry

9, with 1985

Incr. consumption
and 1995 fusl|

pr ice prajectlons,
Sect. 2.1

If incr fuel costs change sign
betwesn |98% and 1995, escala~
tlon rate can not be used.
Discrete values must be
antared.
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Tahle 2-7. Calculations and Sources for Model Inputs (Continued)

ENERGY OOSTS (Contlinued)

VALLE OR
DATA
PARMMETER CALCULAT |ONS SOURCE OOMMENTS
11. Electrlclity Cost Electr icity Cost kWh/yr of ——
Cogener atlon
($/yr In 1985) lact Gen fo tost of System
el On-514e Usa, Jx | Purchased Des fgner
kWh/yr lec, $/kWh
Elect Price
lect Sold Price of Elect Projectlons
={to UtTilty, ] x sold for Reglion,
kWh/ yr Soct. 2.1}
Initialize
+ Capaclty Payments with Local
Data
Price of
Elect sold
+ Capacl+ty
Paymants
from State
PUC*s
(Saction £.00
12. Electriclty Cost Elect Cost Escalation Rate Reg lonal el
Escalation Rate 1710 Elect Price
(Fraction) '(ifuun in 1995‘1 ’ Prajections,
\5.{1;?! H 79‘35; Sacts 2.0
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Table 2-7. Calculations and Sources for Model Inputs (Continued)

FINANCIAL PARAMETERS

VALLE OR
DATA
PARAMETER CALCULAT 1ONS SHR(E COMMENT S
13. Discount Rate — # [ndustry e |RR hurdle rate
{Fractlon} Requ lrements
14, Down Payment m———— & Industry e 1.00 for 100 Percent Equlty Flnancing
(Fraction) input
15 Loan Llfe S & Industry m————
(Years) Input
16. System Life — e Industry ——
(Years) Input
17. Interest Rate ——— o Industry ——
(Fraction) Input
18. Income Tax Rate —— e 48 percent e By law; Includes state & local e
(Fraction)
19, Tax Oredit Rate — s Enargy Ses Sect. 4.0 for more detalls
(Fraction) Tax Act e 108 olifgas=tired unlts

of 1978; e 201 coal-fired units
rude 01l o OFf oll/ges-fired bollers
Windfal |

Profi+s

Tax Act

of 1980.
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Tabhla 2-7.

Calculations and Sources for Model

Inputs (Continued)

FINANCIAL PARAMETERS (Continued)

PARAMETER

CALCULATIONS

VALLE OR
DATA
SOURCE COMMENTS

21.

22.

25.

24,

Insur ance Rate
(Fraction)

Insur ance Escalation
Rate (Fraction)

Property Tex Rate
(Fraction)

Property Tex Escalation
Rate (Fraction)

Depreclation Life
(Years)

2«5 —
Par cent

Inflation -
Rate,

Econam fc

Projections,

Sects 2.1

From Local e Set by Law
Date

Lecal Data S
5 Yaars e Per the Accelerated Cost Recovery

System (ACRS) of the Econamic Recovery
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Table 2-7.

Calculetions and Sources for Model Inputs (Continued)

FINANCIAL PARAMETERS (Cont!nued)

VALLE R
DATA
PARAMETER CALCULAT1ONS SOURCE COMMENTS
5. Deprecietion Mode e e S5YD, 5L, ® S5YD - Sum of Years Diglts
DDBE, 1508 SL - Stralght Line
passL, DDB - Double Declining Balance
1738 DB/SYD,  150% DB/SL - 150 percent declIning
or 2001 balance (DB) changlng +o SL per +the
DR/SYD Economic Recovery Tax Act (ERTA) of

1981 for systems placed In service
between 198] and 1984.

175% DB/SYD - 175 percent DB changing
to SYD per the ERTA for property
placed In service In 1985.

200% DB/SYD - 200 percent DB changing
to 5YD per the ERTA for property
placed In service after 1985,
Accelerated depreciation denied o
ollfges fired bollers (Sect. 4.00.



System Costs

The initial capital investment is the primary system cost (Table 2-7,
entry 4). This is the capital cost above that for comparable alternatives.
For example, if the potential cogenerator is currently using conventional

steam boilers, the alternative is simply to continue operating the existing
boilers, and the initial capital investment is the total cost of the
retrofit cogeneration system. If the user is contemplating replacement of
0il- or gas-fired conventional boilers with new boilers burning coal or
alternative fuels (with no new cogeneration), then the latter may be
considered the alternative, and only incremental cogeneration capital costs
above and beyond this alternative cost need be considered. Where the
installation of cogeneration is accompanied by a switch from oil or gas to
coal or alternative fuels, the economics of fuel switching alone should be
considered in addition to the fuel switching/cogeneration combination. The
third possibility is in the case of a new facility, with no existing
system, and the cogeneration option is again compared on an incremental
basis with the cost of new steam boilers. Estimates of system capital
investment are obtained from vendor quotes and should include escalation
during construction. These estimates should be further escalated to dollar
figures for the year and period in which construction begins. GNP
deflators (Section 2.1, Table 2-3) may be used for this escalation.

The construction cost distribution spreads the capital investment over

the construction period to account for interest or burden during
construction. Although construction times for industrial cogeneration
systems are short compared with utility plants, the effect of the construc-
tion burden is by no means negligible. Applying this burden accounts for
the fact that if a company were not making an investment in the cogenera-
tion project, the funds would still be invested internally where they would
be expected to earn a return at the IRR rate. This distribution consists
of (1) the number of periods of construction per year, (2) the total number
of construction periods, and (3) a construction fraction per period (Table
2-7, entry 5). The model will accept any distribution of construction
costs as percentages per quarter for up to 20 quarters (5 years) although a
uniform distribution of construction cash outlays has been assumed.
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Other system cost inputs include the incremental O&M costs for the
start-up year and an 0&8M escalation rate (Table 2-7, entries 6 and 7).
These are used by the model to generate 0&M costs for subsequent years of
operation. Initial incremental O&M costs are provided by the system

designer and are based on the additional expenditures necessary for O&M of
the cogeneration system. Typically, these are given in dollars per year
and are escalated to a dollar figure for the first year of operation. The
D&M escalation rate can be assumed equal to the inflation rate.

The system salvage value at the end of the analysis period can be
estimated by the user (Table 2-7, entry 8).

Energy Costs

The energy cost inputs are (1) the incremental fuel costs in the
start-up year, (2) the fuel cost escalation rate, (3) the electricity cost
savings, (4) the electricity escalation rate, and (5) the price of
electricity sold to the utility. MNote that the energy price forecasts used
in the model are in current dollars. That is, they include the effects of
inflation. The incremental fuel costs in the start-up year are obtained
for each fuel type by multiplying the incremental fuel consumption (from
cogeneration) by the price for that type of fuel (Table 2-7, entry 9).
Calculations of incremental fuel consumption were shown previously (Table
2-7, entry 1). Projected prices for each type of fuel are shown in
Appendix-B (Tables B-1 through B-15). These projected prices should be
initialized using local data, if available. An example of this
initialization is shown in Section 2.4.

The fuel cost escalation rate is calculated using the incremental fuel
cost in the start-up year (Table 2-7, entry 9) together with the
incremental fuel cost in 1995. Incremental fuel costs in 1995 are
calculated like those in entry 9 using 1995 fuel price projections. Where
the fuel mix changes with the installation of cogeneration, the fuel cost
is thus a composite number reflecting the cost of the fuel used for
cogeneration less the cost of one or more other fuels that are replaced.
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In such cases, the fuel cost escalation rate is also a composite.
Calculations of these composite numbers are shown in Table 2-7, entry 10.
Normally, the fuel cost increase is characterized by a power curve, and the
fuel cost escalation rate is calculated from this. In the case where
composite fuel costs change sign over the analysis period, however,
incremental fuel costs are calculated as discrete annual values. These
discrete values must be tabulated for each year of the analysis period.

The model uses both incremental fuel costs and the fuel cost
escalation rates to calculate incremental fuel costs for subsequent years
of system operation.

The electricity cost in the start-up year is calculated as follows:

Electricity Cost = (Electricity generated for on-site use)
(price of purchased electricity)
(Electricity sold to utility)

(Price of electricity sold)

Capacity payments

+ x + X

The first term is the product of the electricity generated for use on-site
and the electricity price (the start-up year electricity price projection
tabulated in Appendix-B). This term accounts for the savings the
cogeneration system realizes by not purchasing this power from the utility.
If local data are available, those data should be used to initialize the
price projections.

The second term accounts for the revenue realized by the system
through sale of power to the utility. A cogenerator is not restricted
to the sale of excess power only. Under the provisions of the Public
Utility Regulatory Policies Act (PURPA), all of the power produced by
the new capacity may be sold to the utility at the full avoided cost
(see Chapter 4), and the cogenerator can purchase back electric power
for internal needs at non-discriminatory retail rates. The prices of
electricity sold under these provisions are available from the State
Regulatory Commission (SRC) of each state. The SRC contacts are listed
in Table 4-2, Chapter 4.

The third-term accounts for savings the system realizes through
the utilities avoided capacity costs, which are the costs avoided by
the utility as a result of not having to generate this power itself or
purchase it from another source. Capacity payments by utilities are also
subject to the provisions of PURPA (Section 4).
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The overall electricity cost is indicated as a negative number (i.e.,
negative costs) for input to the ICOP mode].

The electricity cost escalation rate is calculated using electricity
price projections for 1995 and 1985 (Table 2-7, entry 12). The electricity
cost escalation rate and the electricity cost in the startup year are used
to calculate electricity cost from cogeneration in subsequent years. Both
the price of electricity sold to the utility and the capacity payments are
assumed to escalate at the same rate as the price of electricity purchased.

Financial Parameters

Financial parameters include the discount rate, (Table 2-7, entry 13)
or the IRR hurdle rate, defined as the rate of return which the project
must earn to equal alternative investments. This rate of return includes
some implied expectation of inflation.

Three financial parameters relate to the system capital cost if the
investment is not entirely equity funded. These are the down payment as a
percentage of total capital cost, the loan 1ife, and the interest rate on
borrowed capital (Table 2-7 entries 14, 15, and 17. respectively).

The investment tax credit (Table 2-7, entry 19) for non-boiler oil- or
gas-fired systems is 10 percent. Coal-fired systems are allowed an
additional 10 percent energy tax credit under the Energy Tax Act as amended
by the Crude 01 Windfall Profits Tax Act. (This calculation involves more
detail as described in Chapter 4. For example, o0il- or gas-fired boilers
are not allowed any tax credit or accelerated depreciation.)

Other financial parameters include the income tax rate (48 percent to
include both state and Federal taxes), and selection of a depreciation
method (Table 2-7, entries 18 and 25 respectively). The depreciation method
may be the sum-of-years-digits (SYD), straight line (SL), double-declining
balance (DDB), 150 percent declining balance (DB) changing to SL (150%
DB/SL), 175 percent DB changing to SYD (175% DB/SYD), and 200 percent
DB changing to SYD (200% DB/SYD). The latter three methods are in
accordance with the Accelerated Cost Recovery System (ACRS) under the
Economic Recovery Tax Act (ERTA) of 1981. For property placed in service
between 1981 and 1984, the 150% DB/SL method is permitted. The 175% DB/SYD
method applies to property placed in service in 1985, and the 200% DB/SYD
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method is for property in service after 1985, These three methods use a
hal f-year convention and no salvage value limitation. The depreciation
1ife (Table 2-7, entry 24) is generally 5 years in accordance with the
ERTA.

System life (Table 2-7, entry 16), which is the period over which the
firm desires to view the economic performance of the system must be
specified. The system life is not necessarily related to the actual
physical 1ife of the equipment. Insurance, property taxes, and their
escalation rates (Table 2-7, entries 20 through 23) must be estimated. The
model can accommodate projected changes in the property tax rate, if these
are likely.

2.3.1.2 Analysis and Model Outputs

The economic and financial analysis includes calculation of (1) the
capital investment, (2) discounted and undiscounted cash flows, (3) the
project IRR, (4) the net present value, and (5) energy savings.

The economic analysis may be further illustrated by referring to a
sample printout of the ICOP model (Table 2-8). The printout starts with an
identification header and a summary of inputs. Next, undiscounted cash
flows are calculated and tabulated.

The unburdened capital investment (principal) is spread over the
construction period; 0&M and insurance costs (increasing at the inflation
rate) and fuel costs (increasing at the fuel escalation rate) are
calculated for each year of system operation. Fuel cost is usually a
positive number as in the sample, because extra fuel must be burned to

cogenerate electricity not being generated previously. If, however,
cogeneration is accompanied by a switch to lower cost fuels (e.g., coal or
wood waste), fuel cost can be negative, even though more fuel is being
consumed.

In most runs, the fuel cost increase is characterized by a power
curve (i.e., using an initial value and an average annual escalation rate).
The model has the capability, however, to accept discrete annual values. As
noted earlier, discrete annual values must be used in cases where the
composite fuel cost changes sign over the analysis period because this
cannot be accommodated by a power curve.
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The electricity cost is always a negative number, as shown in the
sample printout, since it represents the savings from cogeneration (reduced
electricity bills plus any revenues from sales of electricity). In the
sample run, these yearly savings are calculated using an escalation rate of
10.2 percent per year.

The printout also shows depreciation calculated according to the 175%
DB/SYD schedule. The depreciation is used to determine the income tax.
Capital property tax and income tax are also calculated. The income tax is
small the first year as a result of the investment tax credit taken. (In
many cases, the first year income tax is negative and is thus an income tax
credit that could be used to offset income taxes elsewhere in the firm.)

Net cost is calculated by algebraically summing all the columns except
for depreciation.

The energy-savings computation is shown in the lower portion of the
table. The utility heat rate, corrected for T&D losses as described
earlier, is multiplied by the net generation to compute primary energy
savings in the utility system. Subtracting the incremental fuel
consumption at the industrial plant gives the overall net energy savings.

While not an output of the ICOP computer model itself, the net savings
of o0il and gas can be easily determined through hand calculations based on
the model inputs. Utility fuels displaced require estimates of the typels)
of primary energy saved at the utility (e.g., oil/gas or coal/nuclear].
These inputs can be based on local utility data concerning current and
projected fuel use (Section 2.2).

The IRR (bottom of Table 2-8) is calculated as the discount rate
that results in a net present value (NPV) of zero [i.e., the discount rate
that equates the present value (PV) of dollar savings to the PV of costs].
For cases where the PV of savings is less than the PV of costs for all
positive discount rates, the IRR is taken to be zero.

Table 2-9 presents the discounted cash flows. Note that in these
calculations, the construction capital burden is included in the burdened
capital cost in the principal and net cost columns. The burden on the
construction cash flows is not subject to depreciation, because the burden
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does not represent an actual capital expenditure. Calculations are
basically the same as those described previously except that discounted
dollars are used. The final total at the bottom of the nmet cost column is
the NPV. Where the PV of savings is less than the PV of costs for the IRK
hurdle rate used, the NPV will be a positive number. Conversely, if the PV
of savings exceeds that of costs, the NPV will be negative. This is
because costs in the model are represented by positive values and savings
by negative values.
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2.4 TLLUSTRATION OF METHODOLOGIES

This section fllustrates the use of the methodologies discussed
earlier to calculate the IRR and eneray savings associated with
cogeneration alternatives. These will be described for the typical
cogeneration applications developed in Chapter 1. Seven cogeneration
configurations are considered for the following four industrial facilities:

0 Union Carbide Agricultural Chemicals Plant, Institute, West
Virginia

- Coal-fired steam turbine system
o Dupont Textile Fiber Plant and Intermediate Plant, South Carolina
= Natural gas fired combustion turbine combined cycle system

- Natural gas fired combustion turbine topping existing process
heaters

- Coal-fired steam turbine system
o Large 0il Refinery, Norco, Louisiana
- Coal-fired steam turbine system
- MNatural gas fired combustion turbine system
0 Fine Chemicals Plant, Mew Jersey
- Diesel with supplementary fired recovery boiler

The methodologies described will utilize data pertaining to
cogeneration system characteristics, fuel and electricity price projec-
tions, and other pertinent information, in conjunction with relevant
relationships from Tables 2-7, to derive the inputs necessary to compute
IRR and energy savings through the ICOP model. Unless otherwise noted,
capital costs and 0&M costs used in all of these examples were obtained in
mid-1981 dollars.

These computations will be performed systematically and in detail for
the case pertaining to the Union Carbide facility. For cogeneration
systems in the other plants, these computations will only be shown if they
differ in nature from those for the Union Carbide plant. In such instances
explanations will also be provided to clarify these differences.
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2.4.1 Union Carbide Agricultural Chemicals Plant, Institute, W.Va.

The agricultural chemicals plant is located in the SERC region of the
Naticnal Electric Reliability Council and is served by the Appalachian
Power Co. For the SERC region overall (excluding Florida), utilities will
retain some marginal dependence on oil and gas for central station
generation, at least through 1989 (Tables 2-5). However, it can be
determined* that APCO is 100 percent dependent on coal and hydro for power
generation. Moreover, APCO operates within the American Electric Power
(AEP) system which is also heavily dependent on coal. Evidently coal would
be the utility fuel displaced as a result of any new cogeneration at the
Institute.

The general pattern of energy use at the plant is shown in
Figure 1-32, Section 1.7. Although the plant presently cogenerates shaft

power using back-pressure and extraction steam turbines, throttling valves
are also used in the steam distribution system.

As illustrated in Section 1.7, one cogeneration option for this plant
is the interposition of a 7900 kW single-extraction non-condensing steam
turbine between the 400 psig and 75 psig headers, replacing the throttling
valves (Figure 1-33). Such a system would partially offset the electricity
requirements of the plant. No new boilers would be required for this
system but additional coal firing is required in the existing boilers.
Table 2-10 indicates the major characteristics of the proposed cogeneration
system and that of the utility serving the agricultural chemicals plant.

It should be noted that the incremental fuel consumption is obtained as the
product of the hourly incremental fuel consumption (Table 1-14) and the
annual hours of operation of the system.

The economic viability of this system is based on the condition that
the IRR on this investment would either equal or exceed the hurdle rate of
20 percent imposed by Union Carbide. ITlustration of the methodology to
determine the IRR is shown in the next section and is followed by a
determination of energy savings.

*Electrical World Directory of Electric Utilities, 1980-81.
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Table 2-10. Cogeneration System and Utility Characteristics

COGENERATION SYSTEM

e Continuous Power Rating 7,900 kW (net)
e Annual Operating Hours 8,000
e Incremental Fuel (coal) 284,800 x 1uﬁ Btu/year

Consumption (i.e., increase in
consumption over current use)

o Net Generation (7,900 kW x 8,000 hrs)  63.2x10° kuh/year

UTILITY (Appalachian Power Co.)?

e System Heat Rate 9,363 Btu/kWh
® Transmission and Distribution 7% (assumed)
Losses
e Fuels Used for Power Generation
{in 1980)
- ¢oal 98.5%
- hydro 1.5%

gased on Electric World Directory of Electric Utilities 1980-61

Computation of the IRR

The IRR is computed using the ICOP Model discussed in Section 2.3.1.
The specific inputs to the model are as shown in Table 2-11, and the manner
in which each is obtained is discussed in the following sections.

Estimates of capital investment were obtained from vendor quotes for
an installed system and thus implicitly include the vendor's estimate of
escalation during construction. The quote, which amounted to $3, 300,000
was, however, for a mid-1981 start of construction (and included a l-year
construction period). As construction would not actually begin until early
1984 for a 1985 startup date, this gquote needs to be escalated to reflect
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TABLE 2-11.

RUM NO. U=]=]

RUN SHEET

UNION CARBIDE, INSTITUTE, W.VA.

7900 kW STEAM TURBINE SYSTEM

LUNION CARBIDE - MODEL RUN SHEET

[ Fraction)

PARAMETERS VARIABLE NAME VALUE OR DEFAULT
TECHN 1 CAL
CHARACTERISTICS:
INCREMENTAL FIEL CONSUMPT ION, FUELCN 284,800 0.0
(10" Btufyr)
NET ELECTRICITY GENERATION NETGEN 63,2 0.0
(107 KWh/yr)
UTILITY HEAT RATE (INCLUDING TAD LOSSES) HTRATE 10,018 0.0
(Btu/kWh)
SYSTEM COSTS:
CAPITAL INVESTMENT CAPINY 4,142,286 0.0
(§ in 1585) i
CONSTRUCT ION COST DISTRIBUTION =
PERIODS OF CONSTRUCTION NFER 4 o
PERIODS PER YEAR | FER 4 0
CONSTRUCT |ON FRACTION PER PERIOD FOONST 0.25 0.0
OPERATIONS & MAINTENANCE COST, INITIAL OANDM 54,438" 0.0
($/yr In 1985) et
OAM COST ESCALATION RATE OMRATE 0.071 0.0
(Fraction}
SALVAGE VALLE SALVAG 0 0.0
(%)
ENERGY COSTS:
INCREMENTAL FLEL COST, INITIAL FLEL 945,536 0.0
($/yr In 1985) gt
INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.1098 0.0
(Fraction}
ELECTRICITY COST, INITIAL ELECT -4,247,040 0.0
t5/yr In 1985)
ELECTRICITY COST ESCALATION RATE ERATE 0.1020 0.0
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RUN SHEET (Contlinued)

F INANC [AL PARAMETERS:

DISCOUNT RATE
[Fraction)

DHOW NP AYMENT

{ Fr actlon)
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{Up To 40 Years)
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(Up To 40 Year s)
INTEREST RATE

[ Fr act lon)
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{ Fractlon}
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{ Fr act lon)
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{ Fraction)
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{Fraction)
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{ Fraction)
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IRATE
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INSRAT
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PCRATE

DEPYRS

MODOE P
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Q.20

0.07

0.025%

0.07!

;\I

0.2

1.0
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0.0

0.023

0.0
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its value in 1984. This is calculated by applying a GNP deflator (from
Table 2-3) to the capital cost:

Capital Investment = (vendor quote for mid-1981) x
(GNP deflator from mid-1981 to January 1984)

n

($3,300,000) x E}:%é%’
$4,142,286.

GNP deflators based on the DRI model are tabulated in Section 2.1.

The construction cost distribution for this system consists of four
equal quarterly installments. A 20 percent annual burden (equal to the

hurdle rate) is applied to these outlays. As financing is based on 100
percent equity, there are no loan payments.

The 08M costs are estimated by the system designer at $40,000/year (in
mid-1981). For the first year of operation (i.e., 1985) the value is

calculated using information from Table 2-7 in conjunction with the data
given in Table 2-3 as follows:

0&M costs in 1985

n

(1981 0&M cost estimate)
x (GNP deflator for 1981-85 period)

1.429
(40,000) x %TTEETl

$54,438.

The 0&M escalation rate is assumed to be the same as the
inflation rate (7.1%) annually during the 12-year analysis period
considered.

The incremental fuel cost for the first year of operation (1985) of
the system is $945,536. This is obtained from the incremental fuel
consumption (in this case, coal) of 284,800 xluﬁﬁtufyear (Table 2-11) and
the projected price of coal in 1985 for this region, 53.32f1ﬂﬁatu
(Appendix-B, Table B-5):

Incremental Fuel Cost in 1985

(284,800 x10%Btu/year) x (3.32 $/16%8tu)
§945, 536.

and using 1995 coal prices,

(284,800x10%Btu/yr)x(9.41 $/10%8tu)
$2,679,968

Incremental fuel cost in 1995
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The incremental fuel cost escalation rate is then determined using a
power curve approximation to represent the coal price data in Appendix-B,
Table B-5:

(1995 incremental coal custs)lfiul

Incremental Fuel Cost Escalation rate B e R TR

2,679,968 \ 1/10 _, _ .

The value of electricity saved in 1985 as a result of cogeneration is
calculated as $4,247,040 (Table 2-7, entry 11). Using information from
Table 2-11 and the projected price of electricity from Appendix-B, Table
B-1:

Value of electricity savings in 1985 = (net generation, kwh/year)
x ($/kwh in 1985)

(63.2x10%Wh/yr) x(0.0672 $/kWh)

$4,247,040
and, using 1995 electricity prices,

Value of electricity savings in 1995 = (63.2x10% kwh/yr)x(0.17318/kkh)

= $11,218,000.

The electricity price escalation rate is also determined using
a power curve (Table 2-7, entry 12):

Electricity price _ (1995 incremental electricity cost 1/10 7
escalation rate 1985 Tncremental electricity cost
_ (1 EIE,UDD) A .
7,747,040
= 10.20%.

For this cogeneration system, all of the electricity generated is used
on site.

The income tax rate for this investment is assumed to be 48 percent
and includes State taxes. An investment tax credit of 20 percent (allowed
under provisions of the Crude 0i1 Windfall Profits Tax Act because this
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system is coal-fired) is taken during the first year of operation.
Depreciation of equipment is taken over a 5-year period, and the model uses
a 175% declining balance (DB) changing to a sum-of-years-digits (SYD)
depreciation schedule to compute the annual depreciation.

Taxes on capital stock are assessed at 2.5 percent per annum of the
capital investment and is assumed to remain unchanged during the analysis
period. Union Carbide claims that adequate insurance provisions currently
exist at the plant so that no additional insurance is required to
accommodate this cogeneration retrofit.

Model Outputs and Discussion of Results

The model uses the inputs described in the preceding section first to
generate streams of undiscounted cash flows. These are then used to
calculate the IRR. For this cogeneration system, the IRR is determined to
be over 50 percent. This value is considerably greater than the hurdle rate
set by the company. Hence, the system is cost-effective under the
particular economic assumptions used.

The reasons for this high IRR may be attributed to three major
factors. First, the simplicity of the design permits a relatively modest
capital investment, which requires no new boilers, but only a turbo-
generator and its associated auxiliaries. Secondly, because the fuel used
is coal (the cheapest fuel available), fuel costs are maintained at a
minimum. Finally, the value of electricity savings is considerably in
excess of the incremental fuel costs during each year of the analysis
period.

The net energy savings that would be realized through this

cogeneration system is the difference between the utility fuels displaced
and the industrial plant's incremental fuel consumption. The utility fuel
displacement is the product of net annual electricity generation of the
cogeneration system and the utility heat rate corrected for T&D losses.

Using the information from Table 2-11, the net energy saved is
calculated by the model as:

(63.2x10% kWh/yr)x(10,018 Btu/kwWh)-(284,800x10% Btu/yr)
= 348,338x10° Btu/yr.
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As the utility and the cogeneration system are both coal-fired, the
altered energy use patterns produce a net reduction in the use of coal.
The industrial plant will, however, burn more coal while meeting a
significant portion of its electricity needs. These results are as shown
in Table 2-12.

Table 2-12. Energy Savings Resulting from Cogeneration at Union Carbide
(1012 Btu/year)

Industry Energy Utility Energy Net Energy
Savings Savings Savings
Coal: - 0D.28 Coal: + 0.63 + 0.35

Modifications of Inputs for Local Energy Prices

In the foregoing illustrative example, fuel prices (obtained from the
DRI forecast) represent regional prices. For this example, local coal and
electricity prices are also available. Coal prices, which vary from $1.09
to $1.24 per million Btu (in 1981), are the actual prices paid for coal
purchased by Union Carbide. Electricity prices, amounting to 3.1¢/kWh, are
those charged by AEP* to its industrial customers, of which the Institute
plant is one.

Two model inputs are affected by these new prices--the incremental
fuel cost, and the electricity cost, both in 1985. The incremental fuel
and electricity cost escalation rates are not different from those
calculated previously.

For illustrative purposes, the SI.DBIIGE Btu local price for coal is
considered in this example. Using DRI regional coal price forecasts from
Table B-5 (Appendix B), this value is escalated to reflect its estimated
value in 1985 as follows:

(1.09) x (358) = $1.77/10° B

*1980 AEP Annual Repoprt.



The incremental fuel cost in 1985 is then:
(284,800 x 10% Btu/yr) x (1.77 $/10% Btu) = $504,096.

The incremental value of electricity saved in 1985 is calculated
likewise. Using DRl Regional electricity price forecasts (Table B-1), the
local (1980) electricity price is escalated to reflect its value in 1985:

(0.031) n%:%%%%} = $0.0587/kMh

The incremental value of electricity saved in 1985 is then:

(63.2x10% kWh)(0.0587 $/kWh) = $3,709,840.

Using these new inputs in the model, the IRR is determined to be 49.6
percent. Evidently this figure is hardly different from that obtained
using regional energy prices. This occurs despite the fact that local coal
prices are almost one-half that for the region. The main reason for this
closeness in the two results may be attributed to the value of electricity
savings far outweighing the incremental fuel costs in both cases.

Sensitivity Analysis--Effects of Energy Prices

For the two price scenarios considered, the preceding analyses
indicate that the IRR is virtually insensitive to relatively strong fuel
and electricity price variations. To explore this further, model runs were
made using coal and electricity prices derived for the “low" and "high"
price scenarios (Section 2.1). Results from these runs are shown plotted
alongside those obtained using the "best case" and "local" fuel and

electricity price forecasts in Figure 2-9.

The results indicate that the IRR of about 48 percent obtained for the
"low" price scenario does not differ appreciably from those obtained using
"best" and "local" prices. However, under the "high" price scenario,the
IRR is observed to increase to over 57 percent. This increase may be
attributed to the rapid escalation rate (13.2 percent) of electricity
prices under this latter scenario (as compared to the 9.6 to 10.2 percent
rates under the other price scenarios). Although fuel prices also increase
rapidly under this scenario, incremental fuel costs are relatively smail
compared to the electricity savings. Electricity savings thus weigh
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heavily toward producing this high IRR. It is thus evident that this
cogeneration system is cost-effective under a variety of price scenarios.

2.4.2 DuPont Textile Fiber Manufacturing Facility in Southeast U.S.

The DuPont textile fiber manufacturing facility is located in the SERC
region of the National Electric Reliability Council and is served by the
Carolina Power and Light Co. Referring to Table 2-13 it can be determined
that the utility generates 97 percent of its power using coal and nuclear
power; 01l and hydro account for the remainder. Carolina Power & Light
operates within the Virginia-Carolinas Reliability Group (VACAR) power
pool, which is also heavily dependent on coal and nuclear energy. Coal
will thus be displaced as a result of cogeneration at the DuPont plant.

The average profile of energy use at the DuPont plant is as shown in
Figure 1-24, and described in Section 1.7. The facility consists of two
adjacent processing plants. Presently, steam requirements are met using
residual oil-fired boilers, and waste heat recovery boilers provide 175
psig steam for use in the textile fiber plant. The three cogeneration
configurations (for this facility) discussed in Section 1.7, will be
evaluated for their economic and energy-savings performance. Where
appropriate, the results of sensitivity analyses will be presented to
illustrate the effects of changes in key parameters on the economic
perfarmance.

Example I-A: Synthetic Textile Facility-Fiber Plant

As discussed in Section 1.7, one cogeneration option for this plant is
the use of a combustion turbine combined cycle configuration with a single
extraction noncondensing steam turbine (Figure 1-25). This system, which
is natural gas-fired, would replace the existing residual oil-fired boilers
serving this plant. It would meet all of the steam requirements previously
met by these boilers and would meet almost all of the electricity demands
of this plant. Table 2-13 indicates the major characteristics of the
proposed cogeneration system and that of the utility serving the DuPont
plant.

The hurdle rate for this investment has been set at 20 percent by

DuPont. The methodology to determine if the IRR from this investment meets
this hurdle rate is described in the next section and is followed by a
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Table 2-13. Cogeneration System and Utility Characteristics

COGENERATION SYSTEM

UTILITY

Gas Turbine/Generator
Continuous Rated Output

Steam Turbine/Generator
Continuous Rated Output

Annual Operating Hours

Incremental Fuel Consumption
Natural Gas
Residual Fuel 011

Net Generation (22,682kWxB000Kr)

- (CAROLINA POWER & LIGHT CO.)
Overall System Heat Rate®
Transmission and Distribution Losses

Fuels Used for Power Generation
(in 1980)P:

- coal
- 0il

- nuclear
- hydro

21,037 kW (net)

1,645 kW (net)
8,000 hrs.

2,072,000 x 10° Btu/year
-976,000 x 10° Btu/year
1,096,000 x 10° Btu/year

181.46x10° kkh/year

10,322 Btu/kWh

7% (assumed)

69%
1%
281
2%

Based on Electrical World, Directory of Electric Utilities 1980-81

PBased on Carolina Power & Light Co. Annual Report (1980)
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computation to determine the net energy savings. Table -14 presents the
inputs to the ICOP model.

Computation to Determine the IRR

The parameters input to the ICOP model to compute the IRR are as shown
in Table 2-14. A discussion of these inputs follows.

Computation of model inputs for this example differ from those for the
Union Carbide System only in that the incremental fuel costs and fuel cost
escalation rates now reflect composite values. Also, as the system uses
premium fuels, tax credits are treated differently.

The incremental fuel cost (in 1985) is calculated using Table ¢-7,
entry 9; that is,

Incremental fuel cost in 1985

i

(annual increase in NG consumption) x
($/10%Btu of NG in 1985)

- (annual decrease in resid. con-

sumption) x lsfluﬁﬂtu of resid.
in 1985},

= (259 x 10%tu/hr) x (BUOO hr/yr) x
(6.375/10%8tu) - (122 x 10°Btu/hr) x
(800U hr/yr) x (8.148/10%8tu) ,

= 5,254,000,

The incremental fuel cost escalation rate is a composite quantity
based on the price components for natural gas and residual oil in a given
year. This value is computed using Table 2-7, entry 9: that is,

1/10
Fuel Cost Escalation Rate = 1995 incremental fuel costs -1
1985 incremental fuel costs

The 1995 incremental fuel cost is:

(Increase in NG consumption) x ($/10°Btu of NG in 1995) -
(decrease in resid. consumption) x Ii!lﬂﬁatu of resid. in 1995)

= (259 x 10%8tu/hr) x (8000 hr/yr) x (24,68 $/10°Btu) -
(122 x 10%8tu/hr) x (BO0O hr/yr) x (23.70 $/10° Btu) = $28,006,000.
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TABLE 2-14. DUPONT SOUTHEAST MODEL RUN SHEET

RUN SHEET

RUN NO. D=-1=2
22,682 kW COMBINED CYCLE

PARAMETERS VARIABLE NAME VALUE OF DEFAULT

TECHN | CAL
CHARACTERISTICS:

INCREMENTAL FLEL CONSUMPT ION, FLELCM 1,096,000 0.0
(10" Btulyr)

NET ELECTETCITT' GENERATION NETGEN 18] .46 0.0
(107 kWhiyr)

UTILITY HEAT RATE (INCLUDING TAD LOSSES) HTRATE 11,045 0.0
(Btu/kWhi

SYSTEM COSTS:

CAPITAL INVESTMENT CAPINY 21 EQOPESES 0.0
($ In 1985}

CONSTRUCTIOM COST DISTRIBUTION -
PERIDDS OF CONSTRUCTION NPER 6 0
PERIQDS PER YEAR IPER 4 0
CONSTRUCT ION FRACTION PER FERIOD FOONST 0.167 0.0

OPERATIONS & MAINTENANCE COST, INITIAL OANDM 993,495" 0.0
(3/yr In 1985)

Q&AM COST ESCALATION RATE OMAATE a0M 0.0
{Fraction)

SALVAGE VALLE SALVAG 0 0.0
(%) "

ENERGY COS5TS:

INCREMENTAL FLEL OOST, INITIAL FLEL 5,254,000 0.0
($/yr In 19851

INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.1821 0.0
{ Fractlon)

ELECTRICITY COSTS, INITIAL ELECT =12,194,112 0.0
($/yr In 1985)

ELECTRICITY COST ESCALATION RATE ERATE 0.1020 0.0
¢ Fr actlon)
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RUN SHEET (Continued)

F INANC IAL PARAMETERS:

DISCOUNT RATE DISRTE 0.20 0.2
( Fractlion)

De0 NP A YMENT DW NPT 1.0 1.0
{ Fraction)

LOAN LIFE LIFLON 1] 12
{p To 40 Year s) B R

SYSTEM LIFE LIFSYS 12 12
(lp To 40 Years)

INTEREST RATE IRATE 0 0.2
( Fractlon)

INCOME TAX RATE TYRATE 0.48 .48
{ Fractlon)

TAX CREDIT RATE TAXCRD 0.10 0.20
{ Fractlon)

INSURANCE RATE I NS n.on:b 0.005
[Fraction)

INSURANCE ESCALATION RATE | NSRAT 0.071 0.0
(Fraction)

PROPERTY TAX RATE PCTAX 0.0 0.025
{ Fractlon)

PROPERTY TAX ESCALATION RATE PCRATE 0.071 0.0
{ Fractlon)

DEPRECIATION LIFE [EPYRS b 5
{p To 40 Years)

DEPRECIATION MODE MODEE P 5 -

=1 = SUM-OF-YEARS-DIGITS
STRAIGHT LINE

DOUBLE DECL INING BALANCE
1508 DB CHANGING TO SL
1758 D8 CHANGING TD SYD
001 DB CHANGING TD SYD

I

=
=

oW ke B
i

i

A« OAM costs from Table 1-10, Include only malpntenance and expendables, and burdened | abor
componants .

b. From Table 1=10, as fraction of capital costs
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The 1985 incremental fuel cost has been already calculated as
£5,254,000.

Then,

1/10
zs,uua.unu) o -

Fuel Cost Escalation Rate = (

L] ¥

The two fuel cost components that cause this rapid escalation are
shown in Figure 2-10. Initially, the incremental cost of fuel for
cogeneration is slightly less than the cost of fuel for continuing to
operate the existing system (i.e., the value of fuel saved). Even though
more total fuel is required for cogeneration, the incremental cost is
initially less because cheaper natural gas is substituted for more
expensive residual oil. As natura)l gas prices escalate at a higher rate
than residual oil prices, however, the incremental fuel cost increases
rapidly and becomes greater than the value of fuel saved.

The investment tax credit for this case has been limited to lU percent
of the capital investment because this cogeneration system uses natural
gas. Under provisions of the Crude 0i1 Windfall Profits Tax Act, an
additional 10 percent energy tax credit is therefore disallowed.

Model Outputs and Discussion of Results

Using the above inputs in the DCF model the IRR for this system is
determined to be 13.1%. This IRR does not meet DuPont's 20 percent hurdle
rate and would not therefore be an acceptable investment to this company.

This may be attributed mainly to the incremental fuel costs being high
and escalating at a rate that surpasses the electricity cost increase (i.e.,
1B.2% annually for incremental fuel cost escalation versus 10.2% for
electricity). This example shows that it may be uneconomical to operate a
premium fuel-fired cogeneration system in a region served by a coal or
nuclear powered utility generating relatively cheap electricity.

This cogeneration system results in fuel substitution. The existing
residual ofl-fired system is replaced with a system burning natural gas.
Cogenerated electricity displaces the use of coal at the utility. Table
2-15 presents the net energy savings realized through this cogeneration
system.
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for DuPont 22,682 kW Combined Cycle System
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Table 2-15. Energy Savings (10'% Btu/year)

INOUSTRY ERERGY UTTCITY ENERGY NET ENERGY
SAVINGS SAVINGS SAVINGS
Watural gas: -2.07 Coal: FZ.UT +0.91

Residual oil: +0.97

Example 1-B: Synthetic Textile Facility - Intermediate Plant

As discussed in Section 1.7, a cogeneration option for this plant
consists of two gas turbines, with a combined output of 42,005 kW, topping
a supplementary fired heat recovery boiler (Figure 1-27). In the new
system both the gas turbines and the heat recovery boiler would be fired by
natural gas. This option would meet all of the steam requirements
previously met by these boilers and would produce more than the electricity
demands of this plant. Excess electricity could be exported to the textile
fiber plant (if so desired). Table 2-16 indicates the major
characteristics of the proposed cogeneration system.

Table 2-16. Cogeneration System Characteristics

COGENERATION SYSTEM
e Gas Turbine/Generators (2},
Continuous Rated Output 42,005 kW (net)
¢ Annual Operating Hours 8,000 hrs

¢ Incremental Fuel Consumption

Natural Gas 5,352,000 x luhBtufyear
Residual Fuel 0f1 -3,864,000 x 10%Btu/year
Net 1,538,400 x 10°Btu/year
o Net Generation (42,005 kW x 336.08x10° kiWh/year
8,000 hr)

Model Inputs to Determine IRR and Energy Savings

The inputs to the model are derived in the same manner as for the
cases discussed previously. These inputs are shown in Table 2-17.
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TABLE 2-17. DUPONT SOUTHEAST = MOCEL RUIM SHEET

RN NO. D-2-2

AUN SHEET

42,005 kW GAS TURBINE WITH

SUPPLEMENTARY FIRED RECOVERY BOILER

PARAMETERS VARIABLE NAME VALUE OR DEFAULT
TECHNICAL
CHARACTERIST ICS:
mCHEHEHTgL FLEL CONSUMPTION FLELCN 1,488,000 0.0
(10" Btulyr)
NET ELECTEICIT‘F GENERAT |ON METGENM 336 .04 0.0
{10 kWh'yr)
UTILITY HEAT RATE (INCLUDING T&D LOSSES) HTRATE 11,045 0.0
{ Btu/kWhi
SYSTEM COS5TS:
CAPITAL INVESTMENT CAPINY 41,447 :162‘ 0.0
(§ In 1985}
COMSTRUCTION COST DISTRIBUTION -
PERIODS OF CONSTRUCTION NFER & 0
PERIODS PER YEAR |FER 4 0
CONSTRUCTION FRACTION PER PERIOD FOONST 0167 0.0
OPERATIONS & MAINTENANCE COST, INITIAL OANDM 1,,-l!l!||!3:'913 0.0
($/yr In 198%)
O&M COST ESCALATION RATE OMRATE 0.0M 0.0
{Fraction)
SALVAGE VALLE SALYAG 0 0.0
(5
ENERGY COSTS:
INCREMENTAL FLEL OOST, INITIAL FLEL 2,639,280 0.0
($/yr In 1983)
INCREMENTAL FILEL COST ESCALATION RATE FRATE 0.3140 0.0
{Fraction)
ELECTRICITY COST, INITIAL ELECT -22,58) 888 0.0
($/yr In 1985)
ELECTRICITY COST ESCALATION RATE ERATE 01020 0.0
{ Fract lon)
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RUN' SHEET (Continued)

FIMANC AL PARAMETERS:

DISCOUNT RATE
{Fraction)
DOW NP A YMENT
{ Fractlon)
LDAN LIFE
(U To 40 Year s!
SYSTEM LIFE
{p To 40 Years)
INTEREST RATE
(Fraction}
INCOME TAX RATE
(Fraction)
TAX CREDIT RATE
{ Fractlon)

INSURANCE RATE
{Fraction)
INSURANCE ESCALAT ION RATE
(Fraction)
PROPERTY TAX RATE
{ Fraction)
PROPERTY TAX ESCALATION RATE
{ Fraction)
DEPRECIATION LIFE
{p To 40 Years)
DEPRECIATION MOCE
= 1 = SUM=-OF=-YEMRS-DIGITS

= 2 = STRAIGHT LINE

= 3 — DOUBLE DECLINING BALANCE
= 4 = 150% DB CHANGING TO 5L
=5 = 175% DB CHANGING TO SYD
= & - 0% DB CHANGING TO 5YD

DISRTE

DWNPMT

LIFLON

LIFSYS

IRATE

THRATE

TAXCRD

INS

I NSRAT

PCTAX

PCRATE

DEPYRS

0«48

0.20

0.00%

0.0

0.025

0.0

(-1

b

O&M costs frem Table 1-10, Include only malntensnce, expendshles, and burdened |ashor

components .

From Table 1-10, as fraction of cepltal costs.
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Model Outputs and Discussion of Results

The IRR for this system is determined to be almost 27 percent. This

IRR meets DuPont's hurdle rate (20 percent) and might therefore be
considered a cost-effective investment. The system has relatively low
incremental fuel costs and high electricity cost savings.

The net energy savings is calculated as 2.22 trillion Btu/year. Table
2-18 summarizes these energy savings.

Table 2-18. Energy Savings HUI2 Btu/year)

INDUSTRIAL ENERGY UTILITY ENERGY NET ENERGY
SAVINGS SAVINGS SAVINGS
Natural gas: -5.35 Coal: +3.71 +2.22

Residual oil: +3.86

Since the system uses a supplementary fired boiler, it may require an
exemption from FUA prohibitions on natural gas firing in boilers. Because
this system displaces coal in the utility (see Table 2-5 for the SERC

region excluding Florida) it appears unlikely that such an exemption would
be granted.

Sensitivity Analysis

In the preceding example, it was assumed that the system was allowed a
10 percent investment tax credit. The additional 10 percent energy tax
credit was denied because of the use of natural gas. This assumption is
not strictly accurate, because other provisions of the Energy Tax Act tend
to minimize these credits even further. For example, the use of
supplementary firing with natural gas in the heat recovery boiler would not
only disqualify that item of equipment from the 10 percent energy tax
credit, but would perhaps also result in denial of the regular 10 percent
tax credit. Moreover, depreciation of this equipment on an accelerated
schedule may be disallowed for the same reason. The gas turbine/generator
would, however, be still permitted the 10 percent tax credit.
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To analyze a case when such a pessibility exists, a model run was made
using the following assumptions:
(1) Tax credit on overall capital investment--7% [this figure is
compatible with the proportion of tax credit allowed on the gas

turbine/generator (10%) and the denial of the tax credit on the
heat recovery boiler].

(2) Straight-line depreciation on all equipment.

Although these assumptions do not describe the economic penalties
exactly, they are sufficient for purposes of illustration. A1l other
inputs to the model remain unchanged.

These new inputs to the model result in a computed IRR of almost 26
percent. Although this value represents a slightly lower IRR than that
calculated previously, it nevertheless meets DuPont's hurdle rate, and the
system may be considered cost-effective. Evidently the smaller tax credit
and the slower depreciation schedule have a small effect on the economic
performance of this system.

Example I-C: Coal-Fired Steam Turbine Cogeneration Option for Textile
Fiber and Intermediate Plants

The final cogeneration option considered for these plants entails the
use of a double extraction noncondensing steam turbine powered by coal-
fired boilers (Section 1.7). These boilers would replace the residual
oil-fired boilers currently in use at the plants. Table 2-19 and Figure
1-28 present the major characteristics of this cogeneration system.

The new system would meet all process steam requirements of the two
plants and would generate 11,130 kW of electric power for on-site use. The
electricity produced would meet almost 20 percent of the electrical demand
of the two plants.

Model Inputs to Determine IRR and Energy Savings

The inputs to the model are derived as for the cogeneration options
discussed previously. These inputs are presented in Table 2-20.
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Table 2-19. Cogeneration System Characteristics

COGENERATION SYSTEM

Steam turbine/Generator Continuous

Rated Output 11,130 kW (net)
Annual Operation 8,000 hours
Incremental Fuel Consumption 12
Coal 5.568 x 10~ Btu/year
Residual 011 -4.840 x lﬂlz Btu/year
Net 0.728 x 10°° Btu/year
Net Electricity Generation 6
(11,130 kW) (8,000 hr/yr) 89.04 x 10" kWh/year
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TABLE 2-20. DUPONT SOUTHEAST - MODEL RUN SHEET
RUN SHEET
RN NO. D-3-2
11,130 kW COAL-FIRED
STEAM TUREB INE
PARAMETERS YAR | ABLE NAME YALUE OR DEFAULY
TECHN | CAL
CHARACTER IST ICS:
IHG!EFEHT@L FLEL CONSUMPT ION FLELCN 128,000 0.0
(107 Btulyrd
NET ELECTEiCIT‘r CENERAT ION NETGEN 89.04 0.0
(10 kWh/yrd
UTILITY HEAT RATE (INCLUDING TAD LOSSES) HTRATE 11,045 0.0
{ Btu/hWhd
SYSTEM COS5TS:
CAPITAL INVESTMENT CAPINY 35,750,000 0.0
[§ 'n 198%) —te e
CONSTRUCT |ON COST DISTRIBUT ION -
PERIGDS OF CONSTRUCTION NPER 10 0
PERIODS PER YEAR |PER 4 o
CONSTRUCT ION FRACTION PER PERIOD FTONST 0.10 0.0
OPERATIONS & MAINTENANCE COST, INITIAL DANDM 1.36::.9-.:1“ 0.0
($/yr In 1985)
O&M 05T ESCALATION RATE OMRATE a.0M 0.0
{ Fraction)
SALVAGE YALLE SALVAG o 0.0
5
ENERGY OOSTS:
INCREMENTAL FLEL COST, INITIAL FLEL =20,911 IBal.l:l 0.0
(§/yr In 1985)
INCREMENTAL FLEL COST ESCALATION RATE FRATE D.1154 0.0
(Fractlon)
ELECTRICITY QOST, INITIAL ELECT -!I'!B}’ﬂ-ﬂ 0.0
{($/yr In 198%)
ELECTRICITY COST ESCALATION RATE ERATE 0.1020 0.0
{Fraction}
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RUN SHEET (Continued)

F INANC |AL PARAMETERS:

DISCOUNT RATE DISRTE 0.20 0.2
{ Fraction)

DOWNPAYMENT DWW NPT 140 1.0
{Fractlon)

LOAN LIFE LIFLON 0 12
{Up To 40 Years)

SYSTEM LIFE LIFSYS 12 12
(b To 40 Years)

INTEREST RATE IRATE 4] 0.2
(Fraction)

INCOME TAX RATE TXRATE 0 .48 0.48
( Fractlon)

TAX CREDIT RATE TAXCRD 0.20 0. 20
{Fraction)

INSURANCE RATE NS 0.002” 0.00%
[Fraction}

INSURANCE ESCALATION RATE I NSRAT 0.071 Q.0
(Fraction]

PROPERTY TAX RATE PCTAX 0.025 Q.025
{ Fractlon)

PROPERTY TAX ESCALATION RATE PCRATE 0.07 0.0
{ Fractlan)

DEPRECIATION LIFE DEPYRS b 5
(lp To 40 Years) p————————

DEPRECIATION MOCE MODDE P 5 5
= 1 = SUM-OF-YEARS-DIGITS
= 2 = STRAIGHT LINE
= 3 = DOUBLE DECLINING BALANCE
s 4 = 150% DB CHANGING TD SL
= 5 = 1758 D8 CHANGING TO SYD
= § - 20F DB CHANGING TO SYD

B OAM costs fram Table 1-10, Include only malntenance, expendables, and burdenad |sbor
components .

b« From Table 1-10, ss fraction of capltal costs.

2-7



Model Outputs and Discussion of Results

The IRR for this system is determined to be almost 39 percent. This
IRR meets DuPont's hurdle rate (20 percent) and could therefore be
considered a cost-effective investment under the particular economic
assumptions made.

The major reason for this relatively high IRR may be attributed to the
significant savings in fuel costs that result from substitution of a
coal-fired system for the existing residual oil-fired system. The dif-
ferences in the prices of residual oil and coal are so large, that despite
greater energy consumption by the cogeneration system, fuel expenditures
are significantly less than those for the existing system. These savings
with those resulting from a reduction in electricity purchased by the
plants tend to produce this favorable return on investment.

The energy use changes resulting from cogeneration at the DuPont plant
are presented in Table 2-21.

Table 2-21. Energy Savings {IUIE Btu/year)

TNDUSTRY ENERGY UTILITY ENERGY NET ENERGY

SAVINGS SAVINGS SAVINGS
Residual oil: +4.84 Ceal: +0.98 +0.¢5
Coal: -5.587

Example 1-D: Coal-Fired Boiler to Replace Existing Residual Oil-Fired
BoiTers at Textile Fiber and Intermediate Flants

This option does not represent a cogeneration system; rather, it
examines the effects of fuel substitution. This system merely replaces the
existing residual oil-fired boilers with a coal-fired unit. It would meet
all process steam requirements of the two plants. However, no electric

power is generated in this instance. Technical and cost data pertaining to
this boiler are described in Table 2-22.
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Table 2-22. Coal-Fired Boiler--Technical and Cost Data

TECHNICAL
¢ Incremental Fuel Consumption
- Coal 5.568 x 1&12 Btu/year
- Residual oil - 4.B40 x IDIE Btu/year
12
Net 0.728 x 107" Btu/year
COST DATA
e Capital cost (mid-1981) $26,500, 000
o 0&M Costs (mid-1981) $870,000/year

The inputs to the model are derived as for the cogeneration options
discussed previously. These inputs are presented in Table 2-23.

2-73



TABLE 2-23 DUPONT FIBER & INTERMED|ATE PLANTS = MODEL RUN SHEET

RUN SHEET

RUN NO. D-3-2 - BOILER - 1

COAL BOILER FOR REPLACEMENT
NO POWER GENERATION

PARAMETERS VARIABLE NAME

VALUE OR DEFAULT

TECHN 1 CAL
CHARACTER |STICS:

IHD!EME&TEL FIEL CONSUMPT JON FLELCN -198,400 0.0
1107 Btufyr)

NET ELECTEICITY GENERAT 10N NETGEN 0 0.0
(107 kWhiyr)

UTILITY HEAT RATE (INCLUDING T&D LOSSES) HTRATE 0 0.0
{Btu/kKWh}

SYSTEM COSTS:

CAPITAL INVESTMENT CAPINY 25,710,300 0.0
(% In 1985

CONSTRUCT ION COST DISTRIBUTION =
PERIODS OF CONSTRUCTION NPER 10 o
PERIODS PER YEAR | FER 4 0
CONSTRUCT ION FRACTION PER PERIOD FOONST 0.1 0.0

OPERAT IONS & MAINTENANCE COST, INITIAL OANDM 1,184,029 0.0
($/yr In 1985)

OAM COST ESCALATION RATE OMRATE 0.07 0.0
{ Fractlon)

SALVAGE YALLE SALVAG 1) 0.0
(%)

ENERGY CO5TS:

INCREMENTAL FLEL COST, INITIAL FLEL -23,987,488 0.0
(§/yr In 1983}

INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.1147 0.0
[Fraction)

ELECTRICITY COST, INITIAL ELECT 1] 0.0
(§/yr In 1585)%

ELECTRICITY QOST ESCALATION RATE ERATE 0 0.0

[Fraction}

*Includes sales of 275 kW to utllity grid.
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RUN SHEET (Continued)

F INANC IAL PARAMETERS:

DISCOUNT RATE
{Fraction)
DOW NPAYMENT
(Fraction}
LOAN LIFE
(Up To 40 Years)
SYSTEM LIFE
(W To 40 Years)
INTEREST RATE
{Fraction)
INCOME: TAX HATE
{Fraction?
TAX CREDIT RATE
L Fr actlion}
INSURANCE RATE
{Fractlion)
INSURANCE ESCALATION RATE
{ Fraction)
PROPERTY TAX RATE
{Fraction)
PROPERTY TAX ESCALATION RATE
{Fraction)
DEPRECIATION LIFE
(p To 40 Years)
DEPRECIATION MOCE

SUM-OF -YEARS-DIGITS
STRAIGHT LINE

DOUBLE DECLIMING BALANCE
150% DB CHANGING TO SL
1758 DB CHANGING TO SYD
20% DB CHANGING TO SYD

¥
R R N
i

DISRTE

DWNPMT

LIFLON

LIFSYS

IRATE

TARATE

TAXCRD

INS

INSRAT

PCTAX

PCRATE

DEFYRS

0.20

12

§

0.48

0.002

0.0T1

0.023

0.07

lu

0.2

1.0

12

0.2

0.48

0. 20

0.005

0.0

0.02%
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Model Outputs and Discussion of Results

The IRR for this system is almost 44 percent, which exceeds DuPont's
hurdle rate by a significant margin. Although no electricity is generated
by this system, the substitution of a cheaper fuel (coal) for the residual
01l currently being used at DuPont results in substantial savings in fuel
costs. The magnitude of these savings (as reflected in the IRR) appears to
Justify the replacement of the existing residual oil-fired boilers with a
new coal-fired one.

The IRR for this system exceeds that for the coal-fired cogeneration
case (Example I-C). This can partially be attributed to the fact that
electricity purchased by puPont is relatively cheap owing to the fuel mix
(97% coal and nuclear) employed by Carolina Power to generate its
electricity. Also, as the cogeneration system uses a higher pressure
boiler, its associated capital costs are significantly larger than for the
non-cogeneration case. Furthermore, the incremental fuel consumption is
significantly greater with cogeneration.

If this example had however been considered in a predominantly ofl and
gas burning region, electricity prices would be significantly higher, and
the cogeneration system may well be the more favorable option.

Fuel substitution may not produce such high IRRs in all instances.
However, this example illustrates that although a cogeneration system may
be desirable for a number of applications, fuel substitution (without
cogeneration) should be considered as a viable alternative.

2.4.3 Large 0i1 Refinery, Norco, Louisiana

Energy use data pertaining to a typical large refinery was obtained
from the Exxon Research and Engineering Co. The refinery is located in the
SWPP region of the National Electric Reliability Council and is served by
the Louisiana Power and Light Co. Louisiana Power and Light, which is
currently 100 percent dependent on oil and gas for power production (Table
2-24), operates within the Middle South Utilities System power pool which
s also heavily dependent on oil and natural gas (81% oil and gas, 17%
nuclear, and the remaining 2% coal). It would thus be expected that o0il and
natural gas would be the primary fuels displaced at the utility as a result
of cogeneration at the refinery.
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The average profile of energy use at the refinery is as shown in
Figure 1-29, Section 1.7. Presently, residual oil-fired boilers supply all
of the steam requirements of the refinery. Some shaft power (although no
electricity) is also cogenerated using extraction turbines. The two
cogeneration options for this refinery discussed in Chapter 1 will be
evaluated for their economic performance.

Example 11-B: Coal Fired-Steam Turbine

The cogeneration alternative considered here is a coal-fired steam
turbine system (Figure 1-31). In this option, steam is generated in a
new coal-fired boiler and is fed to the throttle of a back-pressure
turbine producing 11.1 MW of electrical power. Steam at the back pres-
sure of the turbine is then fed directly into the existing high-pressure
steam main and combines with that generated in the existing but derated
residual oil-fired boiler. The combined steam flow then enters the
existing back-pressure/extraction steam turbines and produces the same
amount of power as in the base case. As a result of the added amount of
cogenerated power, purchased electricity is reduced from 60.3 to 49.2
MW. Table 2-24 illustrates the major characteristics of this cogenera-
tion system and that of the utility serving the plant.

For analysis of this option, the inputs to the model are derived as
in the previous cases. These inputs are shown in Table 2-25,
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Table 2-24. Cogeneration System and Utility Characteristics

CUGENERATTON SYSTEW

e Steam turbine/generator 11,100 kW (net)
Continuous Rated Output
¢ Annual Operation 8,000 hrs
¢ Incremental fuel consumption
Coal 5.584 x 102 Btu/year
Resid. - 4,944 x lﬂlz Btu/year
Net 0.64 x 1ﬂ12 Btu/year

¢ Net Electricity Generation 86.8 x 10° kWh/year
(11,100 kW)(86,000 hr/yr)

UTILITY (LOUISIANA POWER & LIGHT CO.)

o Overall system heat rate?
(1980) 10,753 Btu/kWh

® Transmission & Distribution
losses 7% (assumed)

e Fuels used for power
generation (in 1979)

- 011 & natural gas 100%

bBased on Louisiana Power & Light Co. Annual Report (1980)

Based on Electrical World, Directory of Electric Utilities, 1980-81.
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TABLE 2-25. LARGE OIL REFINERY - MODEL RUN SHEET

AUN SHEET

RN NO.  5-1-2
11,100 &W COAL-FIRED STEAM TURBINE SYSTEM

PARAMETERS VAR|ABLE NAME YALUE OR DEFMALT

TECHNICAL
CHARACTER IST ICS:

INCREMENTAL FLEL CONSUMPT ION FLELCN 640,000 0.0
(10 Bruw/yr)

NET ELEC‘TﬁICIT'!‘ GEMERAT |OM NETGEN BB.8 0.0
(10 kWh'/yr)

UTILITY HEAT RATE (INCLUDING TAD LOSSES) HTRATE 11,506 0.0
{Btu/kWh)

SYSTEM COSTS:

CAPITAL INVESTMENT CAPINY 34,760,000 0.0
(% In 1985)

CONSTRUCT ION COST DISTRIBUTION -
PERIODS OF CONSTRUCTION NPER 10 0
PERIODS PER YEAR | FER 4 0
CONSTRUCT ION FRACTION PER PERIOD FOONST 0.10 0.0

OFERATIONS A MAINTENAMCE COST, INITIAL OANDM !!HEEWEA 0.0
(S/yr In 1985}

D&M OOST ESCALATION RATE OMRATE 0.071 0.0
{ Fractlaon)

SALVAGE VALLE SALVAG 0 0.0
(51

ENERGY COS5TS:

INCREMENTAL FLEL OOST, INITIAL FLEL -18,860,480 0.0
($/yr In 1985}

INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.1007 0.0
{ Fraction

ELECTRICITY COST, INITIAL ELECT -6,207,120 0.0
{$/yr In 1985}

ELECTRICITY COST ESCALATION RATE ERATE 0.1206 0.0
{ Fractlon)
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RUN SHEET (Contlinued)

FINANC IAL PARAMETERS:

DISCOUNT RATE
{ Fraction}

DOWNPAYMENT

{ Fractlon)

LOAN LIFE

(lp To 40 Years)

SYSTEM LIFE

{Up To 40 Years)
INTEREST RATE
(Fraction)
INCOME TAX RATE
{Fractlon)
TAX CREDIT RATE
{Fractionl

INSIRANCE RATE
{Fraction)
INSURANCE ESCALAT ION RATE
(Fraction)
PROPERTY TAX RATE
{ Fr actlon)

PROPERTY TAX ESCALATION RATE

{ Fraction)
DEPRECIATION LIFE

{lp To 40 Year s)
DEPRECIAT ION MOCE

n

Wom
R
| T T M

SUM-OF=-YEARS-DIGITS

STRAIGHT LINE

DOUBLE DECLIMING BALANCE
150% DB CHANGING TO SL

175% DB CHANGING TD SYD
2008 DB CHANGING TO SYD

DISRTE

DWNPMT

LIFLON

LIF5YS

IRATE

TXRATE

TAXCRD

INS

I NSRAT

PCTAX

PCRATE

DEFYRS

0.071

0.2

D.48

0.20

0.005%

0.0

0.025

0.0

be

OAM costs from Table 1-11, Include only malntenance and expandables, and burdened |shor

componants .

From Tabla 1-11, as fraction of capltal costs.
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Model Outputs and Discussion of Results

The IRR for this system is determined to be over 37 percent. It could
therefore be considered a cost-effective investment under the particular
economic assumptions made.

As in the case of the DuPont coal-fired cogeneration system, this
system again shows large fuel cost savings through fuel substitution (in
this case from residual oil to coal). These savings, together with the
large electricity cost savings, produce a relatively high rate of return.

Cogeneration at this refinery will be reflected in a decrease in
residual oil use combined with the use (for the first time) of coal.

At the utility, the decrease in electricity purchased by the
industrial plant will bring about a corresponding reduction in utility
power generation. As Louisiana Power and Light is currently 100 percent

0il and gas fired, these units will be backed down to the extent necessary
to accommodate this decrease in power demand. The net energy savings

through this cogeneration option are presented in Table 2-26.

Table 2-26. Energy Savings llﬂlE Btu/year)

INDUSTRY ENERGY UTILITY ENERGY NET ENERGY
SAVINGS SAVINGS SAVINGS
Residual oil: 0i1 & gas:
+ 4,94 + 1.02 +. 34
Coal: - 5.58
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Example II-A. Natural Gas-Fired Combustion Turbine Topping Existing Boiler

The technical characteristics of this system have been discussed in
detail in Section 1.7. The system consists of a 21,160 kW gas turbine
topping the existing residual oil-fired boilers (Figure 1-32). The exhaust
gas stream from the gas turbine is used as combustion air in the boilers.
The existing back-pressure/extraction steam turbine system remains unchanged
in the new configuration. This cogeneration system meets over 35 percent
of the electrical requirements of the refinery. Table 2-27 summarizes the
major characteristics of this cogeneration system.

Table 2-27. Cogeneration System Characteristics

COGENERATION SYSTEM

e Gas Turbine/Generator

Continuous Rated Output 21,160 kW (net)
® Annual Operation 8,000 hours
¢ Incremental Fuel
Consumption
Natural Gas 2,072,600 x 1{:6 Btu/yr
Residual Fuel 0il -1,376,000 x 10° Btu/yr
Net 696,000 x 10° Btu/yr
e Net Generation
(21,160 kW) (8,000 hr) 169.28 x 10° kkh/yr

The inputs to the ICOP model to perform the economic and energy-
savings amalysis are presented in Table 2-28.
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TABLE 2-28 LARGE OIL REFINERY - MODEL RUN SHEET

RUN SHEET

RUN NO. §5-2-2

21,160 kW GAS TURBINE TOPPING

EXISTING BOTLER

{ Fractlon)

PARAMETERS VARIABLE NAME VALUE OR DEFAULT
TECHN | CAL
CHARACTERIST ICS:
INCREMENTAL FLEL CONSUMPT ION, FLELCN 696,000 0.0
(107 Btulyr)
NET ELEGTE[CFTY GEMERAT ION NETGEM 169.28 0.0
(10" kWh/yr)
UTILITY HEAT RATE (IMCLUDING TAD LOSSES) HTRATE 1 Iﬁﬂﬁ 0.0
(Btu/kWh)
SYSTEM CO5TS:
CAPITAL INVESTMENT CAPINY 18,659,048 0.0
(5 In 19832
CONSTRUCT ION COST DISTRIBUTION -
PERIODS OF CONSTRUCTION NPER 6 0
PERIODS PER YEAR | PER 4 0
CONSTRUCT |ON FRACTION PER FERIOD FOONST 0.167 0.0
OPERATIONS 4 MAINTENANCE COST, INITIAL OANDM 9!2,651" 0.0
($/yr In 1985}
OAM OOST ESCALATION RATE OMRATE 0.071 0.0
(Fractlon!
SALVAGE VALLE SALVAG 0 0.0
(33
ENERGY COSTS:
INCREMENTAL FLEL COST, INITIAL FLEL 3,312,960 0.0
($/yr In 1985)
INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.1792 0.0
{ Fractlon)
ELECTRIC|TY OOST, INITIAL ELECY -11,832,672 0.0
($/yr In 1983)
ELECTRICITY COST ESCALATION RATE ERATE 0.1206 0.0
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RUN SHEET (Oontlnued)

F INANC IAL PARAMETERS:

DISCOUNT RATE DISRATE 0.20 0.2
{ Fractlon)

DO NP AYMENT D NPT 1.0 1.0
{Fraction)

LOAN LIFE LIFLON 0 12
{p To 40 Years) e

SYSTEM LIFE LIF5YS 12 12
(p To 40 Years)

INTEREST RATE IRATE 0 0.2
( Fract lon) i

INCOME TAX RATE TXRATE 0.48 .48
{Fractlon)

TAX CREDIT RATE TAXCRD 0.10 0.20
{Fractlon)

INSURANCE RATE INS 0.002° 0.005
(Fractlion)

INSURANCE ESCALAT ION RATE | NSRAT 0.071 0.0
(Fraction)

PROPERTY TAX RATE PCTAX 0.025 0.025
{ Fractlon)

PROPERTY TAX ESCALATION RATE PORATE 0.0Mm 0.0
{ Fractlon)

DEPRECIATION LIFE DEPYRS 5 5
{Up To 40 Yaears)

DEPRECIATION MODE MODDE P 5 5

= 1 = SUIM-OF-YEARS-DIGITS

= 2 - STRAIGHT LINE

- DOUBLE DECL INING BALANCE
1508 DB CHANGING TO SL
175% DB CHANGING TO SYD
200% DB CHANGING TO SYD

=

oW s
i

a. OAM costs from Table =11, Include only malntenanca, expendsbles, and burdened |abor
companents .

b. Frem Table 1-11, as fraction of capltal costs.
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Model Outputs and Discussion of Results

The IRR for this system, which is over 28 percent, exceeds the hurdle

rate for this investment. It can therefore be considered cost-effective
under the economic assumptions made.

Some fuel substitution is brought about through implementation of this
cogeneration option. Residual oil consumption at the plant is reduced
while natural gas is now introduced to partially take its place and to
simultaneously provide fuel for power generation. The results indicate
that although the system burns oil and natural gas, it will result in a net
saving of these fuels because cogeneration at the refinery will result in
reduced oil and gas-fired generation at Louisiana Power and Light. The net
energy savings resulting from cogeneration at the refinery are summarized
in Table 2-29.

Table 2-29. Energy Savings (1012 Btu/year)

INDUSTRY ENERGY UTILITY ENERGY NET ENERGY
SAYINGS SAVINGS SAVINGS
Residual ofl: +1,38 0i1 and Natural Gas: +1.95 +1.26

MNatural gas: -2.07

2.4.4 Example IV: Fine Chemicals Plant

The plant is located in the MAAC region of the National Electric
Reliability Council. It is served by the Jersey Central Power and Light
Co., which generates 59 percent of its power using coal and nuclear energy
(Table 2-30). The remaining 41 percent is generated using a mix of oil,
gas, and hydro. Jersey Central operates within the Pennsylvania - New
Jersey - Maryland (PJM) interconnection, which is also dependent on a mix
of fuels for power generation.
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Table 2-30. Cogeneration System and Utility Characteristics

COGENERATION SYSTEM

o Slow speed Diesel/generator, continuous rated output 23,275 kW
o Annual operation 8,400 hours
o Incremental Fuel Consumption (resid.) 782,040 x IUE Btu/year
o Net Generation (8400 hr) (23,275 kW) 195.51 x 10° kWh/year

UTILITY - (Jersey Central Power & Light Co.)

1

o System heat rate 10,709 Btu/kW

o Transmission and Distribution Losses 7% (assumed)

o Fuels used for power generation® (in 1980)

- coal 281
- nuclear 31%
- ofl 19%
- other (gas & hydro) 22%

Based on Jersey Central Power & Light Co. 1980 Annual Report

The average pattern of energy use at this plant is as described in
Section 1.7. The plant electrical load of 20,000 to 23,000 kW is currently
met by power purchased from the utility. The thermal load is met by the
plant's residual oil fired boilers which produce approximately 430,000
1b/hr. of steam at the desired pressures.

The cogeneration alternative considered for this plant features a
slow-speed residual oil-fired diesel engine system (Figure 1-34). The hot
gases from the diesel engine exhaust, containing about 15 percent oxygen by
volume, are utilized as a source of combustion oxygen for a supplementary-
fired waste heat boiler. Waste heat from the diesel is also recovered from
the air cooler and engine water cooling circuits. The plant will utilize
the entire thermal output of the cogeneration system and will also consume
23,000 of the 23,275 kW of electric power generated. The balance (about
275 kW) could will be exported to the utility grid. Table 2-30 presents
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the major characteristics of the proposed cogeneration system and that of
the utility serving the plant.

Analysis Using Local Energy Prices

The local price for residual fuel oil, quoted as 54.SBI1DE Btu, is the
actual price paid for this fuel by the company in September 1981. Local
electricity prices were 6.3¢/kWh (in” September of 1981). It is assumed
that the fuel oil and electricity prices escalate at identical rates of 10
percent each annually in this case, per assumptions used by the company.

The inputs to the ICOP model to perform the economic and energy
savings analysis are presented in Table 2-31. This example differs from
those discussed previously in that the projected startup of this system is
in the 4th quarter of 1982, rather than 1985 since implementation of the
system is currently underway.

For this illustrative example, only the regular investment tax credit
has been taken. As the system is fired by residual o0il, the 10 percent
energy tax credit is denied. It is to be noted that of all the examples
discussed thus far, only this system produces power in excess of plant
demands. This excess power {about 275 kW) could be sold to the utility
grid based on the "avoided cost"* to the utility of generating this power.

The IRR obtained for this system, as calculated by TRW using these
fuel prices and retail electricity rates amounts to over 30 percent. It
may therefore be considered an economically attractive investment. The
high IRR in this case may be attributed to the high electricity prices and
Tow fuel prices in the local region.

3
See Chapter 4 of this handbook for a detailed discussion on avoided costs.
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TABLE 2-31

RUN NO.

RUN SHEET

H=1=2-LOCAL~1

23,275 kW DIESEL WITH

SUPPLEMENTARY-FIRED BOILER

FINE CHEMICALS PLANT - MODEL RUN SHEET

PARAMETERS YAR|ABLE NAME VALUE OR DEFAULT
TECHM | CAL
CHARACTERISTICS:
IHEHEEHTEL FLEL CONSUMPT ION FUELCN ‘JEZEB-I-D 0.0
(10 Btulyr)
MET ELE ICITY GEMERAT [OM METGEM 195 .5 0.0
{10 kWh/yr)
UTILITY HEAT RATE (INMCLUDING TAD LOSSES) HTRATE 11,459 0.0
[Btu/kWh)
SYSTEM COSTS:
CAPITAL INVESTMENT CAPINY 21,520,000 0.0
(% 'n 1981} —t e
CONSTRUCT ION COST DISTRIBUT ION =
PERIODS OF CONSTRUCTION NPER 5 (1]
PERIODS PER YEAR IPER 4 0
CONSTRUCT ION FRACTION PER PERIOD FOONST Q.2 0.0
OPERAT |ONS & MAINTENANGE COST, INITIAL OANDM 574,200" 0.0
($/yr In 1982)
O&M COST ESCALATIOM RATE OMRATE 0.071 0.0
{Fraction)
SALVAGE VALLE SALVAG 0 0.0
(%)
ENERGY COSTS:
INCREMENTAL FLEL COST, IMITIAL FUEL 4,207,373 0.0
($/yr In 19827
INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.10 0.0
(Fractiaon)
ELECTRICITY COST, IMNITIAL ELECT -'rEIBB'I IE!D 0.0
($Syr In 19821%
ELECTRICITY ODST ESCALATION RATE ERATE D10 Q.0

{Fractlon)

®*includes sales of 275 kW 4o utliity grid.
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RUN SHEET (Continued)

FINANC IAL PARAMETERS:

DISCOUNT RATE
{Fractlon)

DOW NP AYMENT
(Fractlonl

LOAN LIFE

(g To 40 Yesrs)
SYSTEM LIFE
(p To 40 Years)
INTEREST RATE
({Fraction)
INCOME TAX RATE
{Fraction)
TAX CREDIT RATE
(Fractlon)

INSURANCE RATE
{Fractlon)

INSURANCE ESCALAT IOM RATE
(Fraction)

PROPERTY TAX RATE
{Fractlan)

PROPERTY TAX ESCALATION RATE

(Fraction)
DEPRECIATION LIFE

{lp To 40 Yesrs)
DEPRECIATION MODE

]
o B e W =

]

]

SUM=0F -YEARS-DIGITS

STRAIGHT LINE

DOUBLE DECLINING BALAMCE
1508 DB CHANGING TO SL

1754 DB CHANGING TO SYD
2008 DB CHANGING TO SYD

DISRTE

DWNPMT

LIFLON

LIF5YS

IRATE

TXRATE

TAXCRD

PCRATE

DEPYRS

MODCE P

1.0

12

0.2

0.48

0.20

0.005

0.0

0.023%

0.0

8. O4M costs from Table 1-13, Include only malntenance and expendables, and burdened |abor
components .

B. From Teble 1-13, as fraction of cepltal costs.
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3.0 ENVIRONMENTAL CONSIDERATIONS

This chapter presents a summary of envirommental considerations in
implementing cogeneration systems. Included is a discussion of (1) Federal
regulations applicable to cogeneration systems, (2) anticipated changes to
regulations, and (3) new regulations for combustion devices that could be
used in cogeneration applications. The major pollutants produced by con-
ventional combustion systems are identified, and control options are
described. Finally, a preliminary analysis of emissions changes in an
industrial plant using a cogeneration system is performed to illustrate the
potential envirommental requirements to which a cogeneration user would be
subject.

3.1 APPLICABLE REGULATIONS AND STANDARDS

3.1.1 Federal Environmental Protection Agency (EPA) Regulations

Several requlations currently applicable to fuel combustion devices
would also be applicable to cogeneration, affecting the siting of sources
as well as controlling emissions of specific pollutants. The most limiting
regulations for fuel combustion systems are those dealing with air pollu-
tion caused by siting and operational requirements. Water quality and
sol id waste regulations also impact combustion systems, but to a lesser
extent. The major environmental permits to be considered are listed in
Table 3-1.

The regulations and standards described in this section are those that
are currently applicable. It should be recognized that some of these regu-
lations may change over the next few years due to the expiration of the
Clean Air Act in August 1981 and the Administration's policy on energy
development and envirommental protection. The potential changes in the
regulations will be discussed later in this section.

Air Pollution Control Regulations

New cogeneration facilities will be affected by regulations for
(1) Prevention of Significant Deterioration (PSD), (2) nonattainment areas,
and (3) New Source Performance Standards (NSPS). In some cases, modifica-
tions to existing industrial plants where cogeneration systems are planned
will also be affected by these regulations. As compared with a steam
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Table 3-1. Major Environmental Permit Requirements for Cogeneration 5',"51‘umsﬂ

PERMIT AGENCY JURISDICTION
Prevention of Significant Dater loration (PSD) EPA
Compl Tance with MNew Source Per formance Standards (NSPS) EPA, Some states
Mon-attalnment ares raguirements EPA
Parmi+ 4o construct and operate alr pollution emission source Al states, some countles
Natlonal Pollutant Discharge El Imination System (NPDES) All states
Cartlfication of waste disposal sltes Most states

a
Othar fedoral and state regulations may be applicable, depending upon slze of cogeneratlon system, location, and amount of pollutants
gonor ated.



system alone, cogeneration systems usually require increased fuel
consumption at the industrial plant, potentially resulting in higher onsite
emissions, while overall net emissions (including the industrial and
utility plants) may be lower than that of the steam system. Current
regulations do not take into account this potential decrease in emissions:
therefore, cogeneration systems are treated basically as conventional
combustion systems for producing either heat or electrical energy.

Cogeneration systems would be subject to pemit requirements imposed
by PSD regulations in areas that are attaining National Ambient Air Quality
Standards (NAAQS). Areas classified as nonattaimment have different pemmit
requirements as described later.

Under PSD regulations, most industrial firms building a new plant or
installing a cogeneration system at an existing plant must submit a PSD
permit application if the source will emit in excess of 100* tons/year
(tpy) of a criteria pollutant** and if the cogeneration plant (considered
in an existing plant or part of a new plant), as a modified source, emits
pollutants greater than levels considered significant. In the latter
case, the P5D permit applications must consider only those pollutants
considered significant. This process is illustrated in Figure 3-1. These
significant levels are listed in Table 3-2. In the permit application, the
source owner or operator must provide an air quality modeling analysis to
assess impacts on NAAQS and allowable increments (Table 3-3). In some
cases, baseline air quality data must be provided by means of measurements
taken over a period of one year if no data exist that meet EPA require-
ments. The need for baseline data usually occurs for sources located in
rural areas, while in urban areas there is usually adequate historical
data. The permmit application is submitted to an EPA regional office which
will review the application and issue the permit. A list of the ten
regional offices is presented in Section 3.3.

* Plants in one of 28 categories defined hg EPA. If not in one of these
categories the limitation increases to 250 tons/year.

**Criteria pollutant - pollutants for which ambient air quality standards
have been established on the basis of health and welfare effects.
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Modificalion of Bouree New Source

Wil ponurobed smissions
Mo PED permit redquored. Mo lum-,-!l- 'I?nn“ Are emismons of sny pollulsant Ho
Sempler Rale permil u[m:;.,mhn ar abowe 100280 from new . after 18
it eail 1yt al of abovs 100250 tpy?

[ 1ves
s nwt emismone Vien
KNa inerease of atiy pollu-
el sl or above
“uignilfieant™ level?
Yea
PSD Prermis required P50 greemil reqguired from UREPA
froem USEPA (or slate) or maie)

Which pollutantis), afier controls. | palow PED apphicalion
will e emitted at or above meed nol addres
“algnificant’ vela® “ahgnificamt' thiene paluianis
ewni
'l"':uidl pnlhuiantiang
:wr:;::"nm |'I o Farh poliutant at ar shove “sgnilicant™ level
Hwmnificanl™ level?
Each palluitant below “ugnificant™ level Beast Availatle Possibsility af
Control Mudeling muonilaring. See
Technology Fig. 2.
PED application need noi
witdrews thesr poliutania.

Figure 3-1. Preconstruction Review for New and Modified Sources
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Table 3-2. Emission Levels Eunsidesed Significant
Under PSD Regulations
Pollutant Emissions Rate
(tons/year)

Carbon monoxide 100

Nitrogen oxides 40

Sul fur dioxide 40

Particulate matter 25

Ozone agP

Lead 0.6

Asbestos 0.007
Beryllium 0.0004

Mercury 0.1

Vinyl chloride 1

Fluorides 3

Sul furic acid mist 7

Hydrogen sul fide 10

Total reduced sulfur® 10

Reduced sul fur compounds® 10

aNutwithstandiﬂg the above values, any major source or
modification locating within 10 km of a Class I area

that causes an increase of at least 1 ug!m3 in the
ambient air concentration (over the Class 1 area) for a
regulated pollutant (i.e., a pollutant for which an
emission or air quality standard has been established)
is regarded as emitting significant amounts of that

pollutant.

hvn1atile organic compounds.

cInc1ud1ng hydrogen sul fide.
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Table 3-3. Allowable PSD Increments

Maximum Allowable Increase

Pollutant® (Micrograms per cubic meter)
Class I:
Particulate matter:
Annual geometric mean 5
24-hr maximum 10
S5ul fur dioxide:
Annual arithmetic mean 2
28-hr maximum
3-hr maximum 25
Class I1:
Particulate matter:
Annual geometric mean 19
24-hr maximum 37
Sulfur dioxide:
Annual arithmetic mean 20
24-hr maximum 91
3-hr maximum 512
Class I11I:
Particulate matter:
Annual geometric mean 37
24-hr max imum 15
Sulfur dioxide:
Annual arithmetic mean 40
28-hr maximum 182
3-hr maximum 700

aE1a55 I - National parks, wilderness areas, national memorial parks

Class II - A1l other areas except Class III - most areas in U.S. are Class II
Qiass II1 - Heavy industrial areas.

For specified non-annual periods (e.g., 24-hr, 3-hr) the allowable increment

may be exceeded during only one such period per year at any receptor site.



An additional major requirement for PSD is the application of Best
Available Control Technology (BACT) for all pollutants subject to the PSD
regulations. The BACT may take the form of a specific control technology
in industrial processes or an emission limitation that the source may meet
by any technology capable of achieving these limitations. Generally, BACT
may be negotiated between the source and EPA, based on source-specific
considerations which consider the energy, environmental, and economic
aspects of control options. For cogeneration applications using conven-
tional steam turbine systems, BACT will require electrostatic precipitation
or fabric filters for particulates, and flue gas desul furization or low-
sul fur fuels for sul fur dioxide; for gas turbines, however, it will be
achieved primarily by using low-sul fur and low-ash fuel.

Additional miscellaneous impact analyses are required for the permit
applications. The source owner must analyze the impaiment to wisibility,
soils, and vegetation that would occur as a result of construction or
modification of a source. This analysis must include the effect of general
commercial, residential, industrial, and other growth associated with the
construction or modification. Also, an analysis is required of the air
quality impact of the project for the area as a result of general
commercial,, residential, and industrial growth associated with the project.
No standard permit forms exist for PSD; however, the regional office can
provide guidance on preparing the application.

Those areas that have not achieved NAAQS for one or more pollutants
have been classified as "nonattainment," and sources wishing to locate in
these areas are not subject to PSD requirements. Major emission sources in
these areas must, however:

¢ arrange for emission reduction from existing sources in the region

that more than offset the total emissions of the new source or
modification, and

o meet the Lowest Achievable Emission Rates (LAER) for the
nonattaimment pollutant. The LAER is the lowest emission level
achieved in practice or required by any State Implementation Plan
for attaining air quality standards.

A1l other sources in the State under the same ownership as the source

or modification must be in compliance or under compliance schedules for all
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pertinent emissions. The attainment status of any area can be obtained
fron the state air pollution control agency or the EPA regional office.

The NSPS regulate emissions of specific pollutants for sources
starting operation after the promulgation date of the standards. No
standards exist specifically for cogeneration systems; however standards do
exist for fossil fuel steam generators and electric utility steam
generators greater than 250x10° Btu/hour heat input and for stationary gas
turbines of lﬂxlﬂﬁ Btu/hour heat input and greater. The EPA has recently
proposed rescinding the NO, emission 1imit for industrial gas turbines
greater than luuxlﬂﬁ Btu/hour heat input. These standards would be
applicable to cogeneration systems using either combustion device.
Cogeneration facilities with greater than Eﬁﬂllﬂﬁ Btu/hour heat input and
selling more than 25 MW of electricity or more than one-third of their
potential electrical output capacity would be regulated by the NSPS for
electric utility steam generators. Facilities selling less electricity
would be regulated under the less stringent regulations for fossil fuel
steam generators of greater than 250x10° Btu/hour heat input. The NSPS for
steam generators and gas turbines are shown in Tables 3-4 and 3-5
respectively.

The EPA is also considering NSPS's for several other source cate-
gories which can be used in cogeneration applications as follows: (1)
industrial boilers, (2) non-fossil-fuel industrial boilers, and (3)
stationary internal combustion engines. The standards for industrial
boilers will regulate emissions of sulfur dioxide particulates, and
nitrogen oxides to varying levels depending on the size of the boiler.
The projected standards for coal-fired industrial boilers are shown in

Table 3-6.

New Source Performance Standards are also being investigated for non-
fossil-fuel fired boilers. These standards would apply to particulate
emissions from boilers firing wood, municipal solid waste, refuse-derived
fuels, and bagasse. For coal and wood mixtures, SBE standards would also
apply. Development of these standards is at a very preliminary stage, and
actual emission 1imits have not yet been considered.
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Table 3-4. New Source Performance Standards (NSPS) for Steam Generating Unlts

Affected Facll |ty Pol lutant Emission Level

Fossl| Fuel-Flired Stean Generators >73 MW Heat Input (>250 x 106 Btu/hrd

toal-fired bollers” Particulate 0.10 Ib/miiljon Btu
tpacity 208 (271 for & min/hr)
50, 1.20 1/mlillon Bty
WO
Lﬂruchn. Bl tuminous, or 0.70 I1b/milllon Btu

Subb i tum lnous Coal

Lignite 0.60 |b/mlilllon BYu
More than 258 coal refuse Exempt
Oll or gas-fired PartTculate 010 Ib/milllon Btu
bollers Opaclty 208 (278 for 6 min/br)
80 == all 0.80 Ib/milllon Btu
H}! == ol 030 1o/mil ) fon Btu
Hﬂu =-= Qos 0.20 Ib/milllen Btu

Electric Utllity SteamGenerating Unlts >73MW Heat Imput (>250 x 1l.'lﬁ Btushr )

Coal-fired bollers Partlcul ate 0.03 |b/mii|lon Btu

and coal=-der ived Opac |ty 201 (288 for 6 min/hr)

fuels 50 1.20 Ib/miillon Btu and 903
ragucﬂan. mxcapt 708 reduction when emlsslons are |ess than

0.60 I1b/milljon Btu

NO
Anthr scite, Bituminous, and 0.60 Ib/m!lilon Btu
Lignita
Subbltumlnous oal 050 Ib/mllllon Btu
Coal-der lved fuels and shale 0.50 Ib/milllon By
all
More than 2585 coal refuse Exempt

01l ar gas-fired Particulate 0.03 Ib/mllllon Bru
bollers Opac !ty 208 (27% for 6 min/hr)

saz 0.80 Ibfmilllon Btu and 90F

reduction or 0.20 Ib/mllllTen Btu (o reduction requlrement)

mx == all 0.30 Ib/miil lon Btu

NO_ -- gas 0.20 Ib/mll|lon Btu

®Includes bollers fir Ing coal /wood mixtures
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Table 3-5. New Source Performance Ssandards
for Stationary Gas Turbines

Nitrogen Oxides Emissions

STD

0.0150 (14.4/Y) + F
Where:

STD = allowable NO, emissions (percent by
volume at 15 percent oxygen and on a
dry basis).

Y = manufacturer's rated heat rate at
manufacturer's rated peak load
(kilojoules per watt hour), or
actual measured heat rate based on
lower heating value of fuel as
measured at actual peak lToad for the
facility. The value of Y shall not
exceed 14.4 kilojoules per watt
hour .

F = NO, emission allowance for

fuel-bound nitrogen as defined
below.

Fuel-Bound MNitrogen F
[percent by weight]) (NO, - percent by volume)

N < 0.015 0
0.015 < N < 0.25 0.04(N)
0.1 < N < 0.25 0.004 + 0.0067 (N-0.1)
N > 0.25 0.005

Sulfur Dioxide Emissions

Emissions of sulfur dioxide are 1imited to 0.015 percent
by volume at 15 percent oxygen and on a dry basis.

These standards are applicable to gas turbines with heat input at peak

load equal to or greater than TﬂxlﬂE Btu/hr and less than TﬂDxIDE Btu/hr,

based on the lower heat value of the fuel. The NO, standard for larger
turbines has been proposed for recision.
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Table 3-6. Projected Standards for Coal-Fired Industrial Boilers
(16/10% Btu Heat Input)

Boiler Size Hﬂx* Sﬂz Particulates
250x10° Btu/hour 0.6-0.7 1.2 or 90% removal 0.05
or above
150-250x10° Btu/hour  0.6-0.7 3.0 or 50% removal 0.1
50-150x10°% Btu/hour  0.6-0.7 no standard 0.1
0-50x10° Btu/hour no standard no standard no standard

*proposed standard would be 0.7 for low-sul fur coal, 0.6 for
high sul fur

The NSPS for stationary internal combustion engines has been formu-
lated; it is applicable to all diesel and dual-fuel engines that are
greater than 560 cubic inch displacement per cylinder. The standards
are applicable only to Hﬂx emissions and limit emissions to 600 parts
per million, corrected to 15 percent oxygen on a dry basis. This NSPS
is expected to be promulgated during calendar year 1982.

Potential Changes to Clean Air Act Amendments

The 1977 Clean Air Act amendments are expected to be revised in
1981 as the result of scheduled Congressional Reauthorization activities.
Changes to the statute could significantly alter the regulatory programs
affecting cogeneration as well as numerous other enerqy technologies.
However, as considerable time is frequently required to implement new
environmental statutes, the full impact of amendments may not be felt
for several years following reauthorization. Prediction of the nature
of the amendments which will be made or their impacts is virtually
impossible. Given the stated goals of the Administration as well as
preliminary indications from Congressional members, efforts will ap-
parently be made to simplify and streamline the permitting process under
the Clean Air Act and to reduce some of the more restrictive require-
ments.
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Some of the changes being suggested that could affect cogeneration
systems are as follows:

1. Elimination of the PSD increment system in Federal Class 11 and
111 areas, and replacement with BACT only.

2. Elimination of the S0, percentage removal requirement for utility
steam generating un1t§.

3. Relaxation or elimination of proposed regulations for industrial
boilers

4. Increased state control over air quality programs and the State
Implementation Plan, which would modify emission source compliance
schedules, and state schedules for attaining air quality
standards.

Water Quality

Federal water pollution regulations applicable to cogeneration are
minimal. In addition to water quality standards, effluent guidelines and
NSPS have been established for several industrial source categories,
including steam electric power generating. These standards apply to
facilities generating electricity for distribution and sale, with the
exception of facilities with less than 25 MW rated net generating capacity
or any units that are part of an electric utilities system with a total net
generating capacity less than 150 MW. Standards of performance for new
sources are presented in Table 3-7. No water quality standards exist or
are proposed for other combustion systems that can be used in cogeneration
applications.

So0lid Waste

Solid and hazardous waste management is regulated under the Resource
Conservation and Recovery Act (RCRA) which addresses pollution of the
terrestrial environment by solid and hazardous wastes, including those
generated by air- and water-pollution control devices. These regulations
are not expected to have much impact on combustion systems used in
cogeneration applications, as most of the wastes produced by these systems
are exempt from the regulations. These wastes include fly ash, bottom ash,
slag, and flue gas emission control waste generated primarily from the
combustion of coal or other fossil fuels. The management of these wastes
will be controlled by state regulations. Solid or liquid waste that may
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Table 3-7. Effluent Limitations for Steam Electric Power Generation

a.b Maximum for Any

Effluent Characteristic One Day (mg/1iter)

Average of Daily Values

Values for Thirty Con-

secutive Days Shall Not
Exceed (mg/liter)

LOW VOLUME WASTE SOURCES

Total Suspended Solids 100
011 and Grease 20

BOTTOM ASH TRANSPORT WATER

Total Suspended Solids 5
0i1 and Grease

—

FLY ASH TRANSPORT WATER

Total Suspended Solids 0
041 and Grease 0

METAL CLEANING WASTES AND
BOTLER BLOWDOWN

Total Suspended Solids 100
011 and Grease 20
Lopper, Total 1
Iron, Total 1

ONCE-THROUGH COOLING WATER
Free Available Chlorine
(Maximum Concentration) 0.5
COOLING TOWER BLOWDOWN

Free Available Chlorine

(Maximum Concentration) 0.5
Materials Added for No Detectable
Corrosion Inhibition Amount

Including Zinc, Chromium,
Phosphorus, and Other

oD

30
15

0.g

0.2

No Detectable
Amount

apH of all discharges (except once-through cooling water) is to be

within a range of 6.0-9.0

bHeat discharge may not exceed the lowest temperature of recirculated
cooling water prior to the addition of make-up water.
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meet the criteria of hazardous wastes are those containing corrosion
inhibitors used to prevent boiler tube foulinmg in steam turbine systems.

3.1.2 State Regulations

In addition to the Federal regulations described previously,
regulations at the State level would also be applicable to cogeneration
facilities and may in some cases be more stringent than the Federal
requlations. Regulations vary from state to state depending upon specific
environmental problems within the state or region, types of industries in
the state, and type of fuels available. Since all state regulations cannot
be described in this document, the State of Louisiana will be used as an
example. The preliminary envirornmental analysis in Section 3.3 will use a
plant located in Louisiana as an example in showing air pollution emission
changes due to cogeneration.

The Louisfana air pollution emission control regulations for fuel
combustion sources are presented in Table 3-8. These regulations are
applicable to systems used in cogeneration, and there is no distinction
between the types of fuels used nor the type of system used (e.g. 6 gas
turbines and diesels) as exists under the Federal regulations. The opacity
standards at the state level are the same as the Federal standards, while
the Federal NSPS for particulates and sul fur dioxide are more stringent for
utility plants.

There are no specific industrial wastewater effluent standards,
al though all industrial sources must submit a report to the Louisiana
Stream Control Commission prior to the start of operation.

3.2 ENVIRONMENTAL EMISSIONS AND CONTROL TECHNOLOGIES

This section presents a description of the environmental pollutants
produced by the three main combustion systems in use today which would be
used in cogeneration applications in the near term. The combustion systems
are steam turbines, gas turbines,and diesel engines. Emphasis is on air
pollutants as these are the major envirommental residuals and will have
the greatest impact on siting new sources or modifying existing facilities.
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Table 3-8. Louisiana Air Pollution Emission Regulations
Applicable to Cogeneration

Emission Source Category Emission Limit

1. New and existing
fuel burning units
not subject to NSPS
producing steam for
generation of electricity

for sale
6

2. Particulates 0.6 1b/10" Btu heat input.
Opacity limited to 20%. Emission
controls required for fugitive
particulates.

b. Sulfur Dioxide Gases limited to 2,000 ppm of 50, by
volume.

3.2.1 5Steam Turbine Systems

Fossil fuel steam generators used in producing electricity or process
steam are major sources of air pollution and can also produce significant
amounts of water pollutants and solid waste. Air pollutants produced
during combustion in fossil fuel boilers include total suspended particu-
lates, sul fur dioxide,and nitrogen oxides. The majority of each of these
pollutants is due to firing of bituminous coal. Fuel oil firing is a
factor in sul fur and nitrogen oxides emissions while particulate and
nitrogen oxides have to be considered for wood-fired boilers. Emission
control systems for steam generating units are described in the following
sections.

Particulate Emissions Controls

Four types of emission control devices, all of which have been
previously used for coal firing, are used for particulates. They are
electrostatic precipitation, fabric filters, multitube cyclones, and wet
scrubbers.
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Particulate emissions are a function of the ash content of fuels,
which can range from 5 to 15 percent in coals depending upon their geo-
graphic origin. Residual oil contains less than 1 percent ash while
distillate oil and natural gas contain trace amounts.

Electrostatic precipitators (ESP) are characterized by high collection
efficiency, in excess of 99 percent, and moderate operating costs compared
with the other three systems. They are adaptable to small boilers;
however, the greatest efficiency is obtained with larger systems such as
utility boilers. Variations in fuel characteristics, such as sul fur,
alkali, and particle size, can play an important role in determining ESP
performance. These variations are more common in industrial boiler fuels
than in utility boiler fuels. Industrial beiler operators usually purchase
coal on the “spot" market rather than through long-term commitments, which
are practiced by utilities. In addition, load levels are more constant and
shutdowns are less frequent for utility boilers. Field tests of ESP
performance have ranged from 97.0 to 99.8 percent removal for utility
boilers with emission levels down to 0.01 1tu'1l]E Btu heat input. For
meeting an intermediate level of control of 0.1 1hleﬁ Btu heat input,
which is an emission 1imit set by many states, efficiencies of 80 to 98.8
percent would be required for coal-fired boilers. Under the stringent
requirement of 0.03 1b/10° Btu heat input, which is the NSPS for utility
boilers, collection efficiencies of 94 to 99.7 percent would be needed.

ESP is the least energy intensive of the four systems and is the most cost
effective with high sulfur coals.

For oil-fired boilers, ESP efficiency can vary from 45 to 90 percent,
but these units are not normally used for new installations. They are
being used in oil-fired boilers that originally used coal. With no
modifications, an ESP unit originally designed for coal and now used on an
oil-fired boiler, may only provide an efficiency of approximately 50
percent.

Fabric filtration (bag houses) for industrial boilers accounts for
approximately 10 percent of the market for particulate controls.
Collection efficiencies of 96 to over 99 percent with emission rates of
0.01 to 0.046 1bf1ﬂﬁ Btu have been achieved on coal-fired boilers. Major
factors affecting boilers equipped with fabric filters are additional
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maintenance requirements, potential corrosion problems, and transient
operations. Fabric filters are not nommally used for oil-fired units
because of potential damage to filters from the hydroscopic character of
011 fly ash. At the stringent level of emission control, fabric filters
are more cost effective than ESP when low-sulfur coals are used.

The use of wet scrubbers for coal-fired boilers has several advantages
and disadvantages. The major advantages are (1) ability to remove both
particulates and gases (2) ability to function in wet, corrosive, and
explosive gas atmospheres; and (3) less space requirements than either ESP
or fabric filters. Some of the major disadvantages are: energy penalties
associated with their operation; poor efficiency for fine particulates;
potential water and solid waste problems; and high-pressure loss at
equivalent ESP or fabric filter collection efficiencies. A major factor
affecting scrubber performance is the non-steady state operation of
industrial boilers; however, high particulate-removal efficiency can be
achieved once steady state is reached. Collection efficiencies of 98
percent are achievable, although the mass emission rate may exceed
standards because of fnability to remove fine particulates. Wet scrubbers
are not usually used on oil-fired boilers, since oil particulates are
usually less than 2 microns, which are not readily captured.

Mechanical collectors such as multitube cyclones have lower
particulate removal efficiencies than the three devices previously
described. Their performance is a function of aerosol particulate size,
with particles over 10 microns most readily captured. Mechanical
collectors are mostly used in conjunction with other control devices to
improve efficiencies. By themselves, these systems have emission rates of
0.19 to 3.05 1b/10° Btu, which are higher than allowed by most state
regulations.

Sulfur Dioxide Emissions Control

Sul fur dioxide {SDE} emissions are a function of the sul fur content of
fuel which can range fram less than 0.5 percent for distillate oil to over
4 percent for high sul fur eastern coal. Several methods may be used to
reduce Sﬂz emissions fram industrial boilers to comply with current
emission 1imits at the state level. Potential control methods are (1) use
of low sul fur fuel, (2) physical and chemical coal cleaning, (3) use of
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coal derived gases or liquids, (4) fluidized bed combustion, and (5) flue
gas desulfurization (FGD). The most effective means of SIJ2 control for
cogeneration systems in the near term are low-sul fur fuels and FGU, and
possibly coal cleaning. Many industrial and utility sources are using low-
sul fur fuel to meet state emission regulations. Low sul fur eastern coals
and western sub-bituminous coals typically contain less than 1 percent
sul fur which is adequate to meet emission regulations for several states.
The emphasis of this section will be on FGD systems, since they are
currently in use at several utility and industrial plants and may also be
required for many industrial applications when industrial boiler NSPS are
promulgated.

Five FGD systems are in commercial use in the U.S. today, and another
six are at the demonstration stage. The five commercial processes are Lime/
Limestone, Double Alkali, Wellman-Lord, Magnesium Oxide, and Sodium
Scrubbing. Each of these systems is capable of 90 percent and greater 50,
removal efficiency. Another system, spray drying, which is in the demon-
stration stage, also has high 502 removal efficiency and reliability. These
FGD processes (with the exception of magnesium oxide and Wellman-Lord) are
throwaway processes producing non-marketable byproducts, while the latter
two are regenerable systems, producing sul fur and sul furic acid. A summary
of the performance of six processes is presented in Table 3-9. Most of the
applications of these systems in the U.S. have been for coal-fired boilers,
although they are also adaptable to oil firing. Since the FGD systems have
fairly comparable Sﬂz removal efficiencies, other factors such as cost,
energy requirements, and secondary envirommental impacts will also need to
be considered by a potential cogeneration user.

There is some cost variation between the throwaway and regenerable
systems, with the simple throwaway processes such as sodium scrubbing and
spray drying the least expensive, and regenerable systems the most
expensive. Table 3-10 presents FGD capital costs estimates for six
candidate FGD systems on a reference industrial size boiler.
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Table 3-9. Summary of FGD Process Performance

Process

Comments

Lime/Limestone

Double Alkali

Wellman-Lord

Magnesium Oxide

Sodium Scrubbing

Spray Drying

Lime/1imestone systems have demonstrated greater
than 90 percent 50, removal. Reliability has been
a problem in the pgst but is now improving.

Very high removals (>90 percent) and reliabilities
have been demonstrated by double alkali systems on
industrial boilers in the U.S.

The first application of the Wellman-Lord process
to a coal-fired boiler in the U.S5. has produced
very good results. S0, removal rates greater than
90 percent are reportefl. Reliability was high
during the testing period.

SO, removal efficiencies of greater than 90 percent
have been demonstrated. Overall process relia-
bility is difficult to evaluate since the longest
continuous period of operation to date has been
eight days.

50, removal levels of greater than 90 percent are
reﬁorted. System reliability is generally
excellent.

Pilot unit test results have shown greater than 90
percent removal for low sulfur coal operations.
Reliability should be very good although only pilot
scale units have been operated to date.

Table 3.10.
(200 x 10° Btu/hr Sized Systems)

Preliminary FGD System Cost Estimates

Process

Preliminary Capital Cost iluﬁ $)

Lime/Limestone
Double Alkali
Weliman-Lord
Magnesium Oxide
Sodium Scrubbing

Spray Drying
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In addition to capital costs, the costs associated with operating the FGD
systems must be considered. These costs may be considerable, because 3 to
8 percent of the net heat input of the boiler is consumed. A summary of
the estimated energy requirements for candidate FGD systems are presented
in Table 3-11, indicating that the throwaway processes are less energy
intensive than regenerable processes. This is largely a result of energy
required for regeneration of the 5ﬂ2 sorbent and producing byproducts such
as sul fur or sulfuric acid.

Table 3-11. FGD System Energy Requirements
[2ﬂﬂxlﬂﬁ Btu/hr system, 3.5 percent S coal, 90 percent 50, removal )

Process Overall Energy Requirements
(155 Btu/hr) Ranking

Lime/Limestone 6.4 Medium
Double Alkali 5.6 Low-Med1um
Wellman-Lord 16.8 High
Hagnesium Oxide 10.7 Medium-High
Sodium Scrubbing 5.6 Low-Medium
Spray Drying 2.6 Low

Envirommental impacts from using FGD systems must be considered since
these systems produce both solid and liquid wastes in addition to the
wastes that would be generated by steam turbine systems using other
emission control techniques such as low-sul fur coal. Some of the FGD
systems are capable of removing some particulates from flue gas. Table
3-12 lists the particulate removal capability and secondary pollutant
generation of the candidate FGD systems.

H1trqgen Oxides Emissions Controls

Nitrogen oxides (NO ) formed during combustion result from either
thermal fixation of atmospheric nitrogen in the combustion air, or to the
conversion of chemically bound nitrogen in the fuel. For natural gas and
distillate oil firing, nearly all NO, emissions result from thermal

fixation, while with residual oil and coal, the contribution from fuel
bound nitrogen can predominate. The rate of formation of both thermal and
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TABLE 3-12. FGD SYSTEM ENVIRONMENTAL IMPACTS

Multipol lutant control

Particulate Secondary pollutants generated
Procass T emeoy o Alr Solid Liguild
LIma/Limestone Yas Hone Sludge Possible leaching
from waste sollds
Double Alkall Yas None Sludge Possible leachling
fran =olids
Wel iman-Lord o None Relatively snall PossIkle Chlar lde
mzsn‘ purge purge
Magnesium Oxlde Ho Poselble par- HNone Small purge stream
ticulate emis=
clons from
caleining
Sod lum Scorubb ing Yes Hone Hone High total dlssolved
sallds (TDS) waste-
water siream
Spray Drylng Yesu Hone Dry Sodlum/ Kone

Calclum Salts




fuel NO, is highly dependent on combustion conditions, and both are
promoted by rapid mixing of the oxygen with the fuel. In addition, thermal
NO  is increased by long residence time at high temperatures. Because of
Hﬂx dependence on combustion conditions, control techniques to date are
emphasizing combustion process modifications. These modifications, which
are applicable to coal-, oil-, or gas-fired boilers, include:

Low excess air (LEA)

Staged combustion air (SCA); overfire air or sidefire air
Low NOx burners

Flue gas recirculation

Reduced air preheat

Load reduction or reduced combustion intensity

Ammonia injection

These techniques have varying effectiveness in reducing an emissions, and
also have operational, cost, and environmental impacts which are shown in
Tables 3-13 through 3-15 for coal-, o0il-, and gas-fired boilers,
respectively.

Among these various contreol options, there are several which are
candidate best systems for moderate, intermediate, or stringent levels of
control, on the basis of control effectiveness, reliability, capital and
operating costs, energy impacts, and environmental impacts. For pulverized
coal-fired boilers, low excess air and overfire air can achieve an NO,
intermediate level of emissions of 0.6 1hflﬁﬁ Btu heat input and are rated
as the best techniques. For residual oil firing, low NO, burners and
staged combustion are effective for intermediate emission control, while
ammonia injection is necessary for stringent emission Timits. The best
control systems for distillate oil-fired boilers include reduced air
preheat, flue gas recirculation, low Hﬂx burners, and staged combustion.
For natural gas, a combination of reduced air preheat with any of the other

three techniques described for distillate oil-fired boilers 1is considered
the best system.

3.2.2 Gas Turbine Systems

Gas turbines have limited environmental impact in that they produce
some air pollutants, with minimal generation of water pollutants, solid

waste, and noise. The air pollutants of concern are nitrogen oxides and
sul fur dioxide. MNew Source Performance Standards (NSPS) for stationary gas
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Table 3-13. Nitrogen Oxldes Emissions Control Techniques

for Pulver|zed Coal-Fired Bollers

Tachn lqua

Effocﬂvmss’
& 1 Hﬂx Reduction)

Oparational Impact

b
Oost Impact

Env ironmental Impact

Low Excess Alr

Over fire Alr

Reduced
Combustlon
Intensity

Low NO
Burner s

I'I-F]I Inlection

25

Incraased bolier efflency.

Posslble Increased slagaling or
corrosion. Perhaps slight
decreasa In boller afflcliency.

Hone. Best Implemented as
Increased furnace plan
erea In new deslgns.

Mone ecpected.

Possible Implementation
difficulties. Foullng
problems with high
sulfur fuels, load
racstrictions. Closa
opar ator attentlion
regulired.

Increasad afflclency
offsats capltal and
opar ating costs.

Major madlfication.
Marginal Increasa In
cost for new units.

Major modification.
Marginal Increase In
cost for new units.

Potentially most
cost-atfactive.

Several fold higher
than conventlonal
combustion

mod| flcations.

Possible Increased CO and organic

emlsslons.

Possible Increased particulate and

organic emissions.

None ecpacted.

Posslble emlsslons of m! and
byproducts.

®Effectiveness based on control applled singly

t'I|‘1nt;:l'v|!lvul'rl'ﬂ1 cast Impact noting capaclty/cost of boller o which control Is applled.
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Table 3-14. Nitrogen Oxldes Emlssions (bntrol Technlgues for
Residual Oll-Fired Bollers

Ei'*EencfIi.l-nmr:u.-lrssJll 5
Techn lque (1 Hn! Reductlonl Operatlonal Impact tost Impact Env Irommental Impact
Low Excess Alr 5 =20 Increased boller efficlency. Increasad afflclency Posslble Increased 0O and organic
partiatly offsets emissions.
costs.
Staged 0 - 40 Par haps sllght decreass In Major mod!fication, Possible Increased perticulate and
Combustlon bolier efficlency. parhaps costly. organlc emlsslons.
Low mx X - 50 None expected. Potentially most None expected.
Burners cost-effective.
"H: Injection 4 - 70 PossIble Implementation Saveral fold higher Posslble emlsslons of I'H] and
difflculties. Foulling than conventional byproducts.
problems with high sulfur combustion
fuels, load restrictions. modiflcation.
Closa operator attentlon
requlired.

®Etfectivenass based on control applled simgly.

b
Incremental cost Impact notlng capac!ty/cost of boller to which control Is applled.
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Table 3-15.

Nl trogen Oxides Emission Control Techniques for

Distillate Oll- and Gas-Fired Bollers

Techn gue

Effect |veness”

% 4 HD" Reduction)

Oper ational Impact

b
Cost Impact

Env lronmental Impact

Low Excess Alr

Staged
Combust lon

Flue Gas
Raclirculation

Reduced Alr
Prehaat

Low I‘ﬁ!
Burners

45

15 toll)
10 (gas)

Mo
L I |

20 - 40 (all)
25 - 45 (gas)

10 (oll)
T5 (gas)

&
i

20 - 55 (ollY
2 - 55 (gas)

Incressad boller efficiency.

Perhaps s|lght decreasa In
boller efficlency.

Possible flame Instabllity.
Can be el Iminated with

proper anglneer ing/tasting.

Raplacing alr prehaster with
aconcm!zer In pew designs.

None expected.

Increased efficlency
shou |ld offset some
of costs

Major modl flcation,
probably costly.

Major mod!fication,
probably costiys

Mane, othar than

eng Ineer ing redeslign
of new units (1¢
necessar yl.

Potentlal |y most
cost-affectiva.

Possible Increased CO and organic
amlsslons.

Possible Incressed orgenic
emlsslons.

Possible Increased organic
em|ssions.

Mone expected.

a
Effectivensss based on control applled singly.

B
Incremental cost Impact noting capac!ty/cost of boller to which control s appllad.




turbines were promulgated by EPA in September 1979 to regulate emissions of
these pollutants. The emissions of particulates, hydrocarbons, and carbon
monoxide are less significant.

Several basic techniques exist for reducing the formation of thermal

1. Reduce combustion pressure
2. Decrease peak flame temperatures in the combustor reaction zone

3. Reduce effective residence time of combustion gases at elevated
temperature

4. Control the amounts of nitrogen and oxygen available for the
production of Hﬂl.

Emissions control techniques for thermal NO, formation include wet
systems consisting of water or steam injection, or dry systems consisting
primarily of combustion modifications. The wet control techniques provide
a heat sink which absorbs some of the heat of reaction, reducing peak com-
bustion temperatures and the rate of ND: formation. Reductions in Hﬂx
emissions in excess of 80 percent have been achieved. Little difference in
control efficiency has been found between water and steam injection, and
both are accepted by industry as valid techniques for reducing NO, emis-
sions. Wet control techniques also are not expected to affect turbine
life, based on reported experience. A decrease of approximately 1 percent
occurs in the overall efficiency of the turbine when water or steam
injection is used.

Dry control techniques have demonstrated Hﬂx emissions reductions of
over 90 percent in combustor rig tests, and exceeding 40 percent in appli-
cations to full turbine engines. Combustion designs utilizing dry control

techniques to retard the formation of thermal NO, involve design modifica-
tions to influence the following:

1. Reaction flame temperature
2. Residence time of gases at temperature
3. Amounts of oxygen available for conversion to NOx
4. Atomization and vaporization of the fuel
5. Mixing of fuel and air
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The effects of wet and dry techniques on the reduction of HL‘Jx
emissions have been shown to be cumulative, as emissions reductions to a
certain level may be achieved by dry techniques, with additional reductions
achieved with wet techniques. Emissions of "ﬂx from any new gas turbine
used in a cogeneration application will be limited to the standards
described in Section 3.1.1.

Sul fur dioxide emissions are primarily a function of the efficiency of
the gas turbine and the sulfur content of the fuel because virtually all
fuel sulfur is converted to oxides. Gas turbines have historically fired
low sulfur distillate fuels or natural gas. The use of low-sul fur dis-
tillate fuel is the only technique currently used to control S0, emissions.
Flue gas scrubbing has not been applied, as desulfurization of the fuel is
less costly. Natural gas, where available, will be the first choice of gas
turbine operation.

Particulates are emitted from gas turbines at low levels, varying from
0.002 gr/scf to 0.10 gr/scf, for turbines operating at base loads of 12 and
44 MW, respectively. Emissions can be decreased by burning natural gas or
low ash fuels, and by combustor medifications that provide more complete
combustion of hydrocarbons and carbonaceous particulates. No particulate
control devices applicable to stationary gas turbines are available.
Visible emissions from turbines are caused by only a small portion of the
total particulate emissions. Visible emissions from combustion sources are
usually regulated at the state level, with regulations varying from 0-20
percent opacity. These emissions from gas turbines are generally less than
10 percent opacity and are comprised of extremely small and finely divided
particulate matter, usually less than 1 micron in size. One method of
reducing visible emissions is the use of fuels with high hydrogen content,
or use of fuel additives such as soluble compounds of manganese, barium,
lead, and iron. Other methods include combustor redesign to provide 1eaner
fuel-to-air mixtures.

Hydrocarbon and carbon monoxide emissions from gas turbines are
usually low because of high combustion efficiencies. Control requirements
become important only at low loads. Decreased emissions can be achieved by

3-27



(1) combustor and fuel injection medifications which promote better fuel
atomization, (2) improved fuel and air mixing, and (3) by control of fuel-
to-air ratios and residence time at temperature.

Other than air pollutants, minimal environmental impacts are
associated with gas turbines. Water pollutants are limited to dissolved
solids from the water used for thermal NO, emissions control. ©Solid wastes
are produced only from the precipitation of solids from the water treatment
systems used for NO, control. These wastes may be landfilled if they are
not requlated by RCRA requirements. The use of dry control systems will
eliminate potential water and solid waste pollutants. The noise impact of
gas turbine engines will need to be investigated to protect workplace
enviroments in industrial plant applications, as the turbine can, unless
muffled, constitute a sizeable source of noise emissions. No additional
regulations are proposed or anticipated for gas turbines.

3.2.3 Stationary Diesel Engines

Stationary internal combustion engines are sources of several air
pollutants, namely, nitrogen oxides, carbon monoxide, particulates, hydro-
carbons, and sul fur dioxide. The H{Ix emissfons from the engines are of the
most concern because of two factors: (1) "Dx is the primary pollutant
emitted by stationary engines compared with total emissions for each
pollutant; (2) the EPA has assigned a high priority to development of NO,
emission standards, which are expected to be promulgated during 1981.

Large-bore engines, which would be used in cogeneration systems,
account for the majority of NO emissions from stationary internal
combustion engines, but relatively small amounts of hydrocarbon (HC) and
carbon monoxide (CO) emissions. In addition, 80 percent of the HC are
comprised of methane, a nonreactive pollutant. Emissions of CO, al though
significant for carbureted or naturally aspirated gas engines, are much
lower for diesel engines. Particulate emissions from diesel engines are
believed to be very small, averaging approximately 33.5 1bs/1000 gallons of
fuel consumed.

Sul fur oxides emissions from internal combustion engines are dependent
upon the sulfur content of the fuel and the firing rate. The use of low-
sul fur fuels is currently the only viable method of 30, control since
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exhaust gas scrubbing is economically infeasible. Due to lower operating
and maintenance costs of burning low-sul fur fuel, industries are expected
to continue this emission control approach; therefore, S0, emissions from
these sources are expected to be minor. Other envirommental impacts such
as water pollution or solid waste are nonexistent from diesels using low-
sulfur fuel. The engines may be a source of noise that will need to be
controlled in industrial applications.

Four emission control techniques or combinations of these techniques
have been demonstrated to be effective in reducing NO, emissions from
stationary large-bore internal combustion engines. These techniques are
(1) retarded ignition or fuel injection, (2) modification of air-to-fuel
ratios, (3) manifold air cooling, and (4) deration of power output. For
diesel engines, the most effective NO, emission control technique is fuel
injection retard. Both retard and air-to-fuel ratio changes are effective
in reducing H{)x emissions from dual fuel engines, those firing both a
Tiquid and gaseous fuel. The specific emission control technique to be
used is not specified in the proposed standard; only an exhaust gas NO,
concentration has been specified. Other than the proposed standards for
NO, emissions from stationary diesel engines, no additional standards or
requirements for these sources are anticipated.

3.3 PRELIMINARY ENVIRONMENTAL ANALYSIS
3.3.1 Air Pollution Emissions Analysis

This section presents a preliminary environmental assessment for a
cogeneration application to (1) illustrate the method of calculating
emission changes that would occur from the operation of a cogeneration
system, and (2) describe how the facility would be subject to current
regulations. The analysis will emphasize air pollution emissions, as they
are the major barriers to the installation of fuel combustion sources,
al though 1iquid and solid wastes are also important environmental
considerations.

The illustrative example is the coal-fired cogeneration system for the
large refinery located in Norco, Louisiana (Chapter 1). The cogeneration
system is an 11.1 MW boiler/steam turbine system, which will burn coal at
the rate of 5.584 x lﬂ12 Btu/yr, replacing residual oil use of 4.944 x Iﬂl
Btu/yr.

2
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Emissions calculations for five air pollutants were made for the
refinery on the basis of the reduced oil use and projected coal use.
Because the type of coal to be used in the new boiler is not known,
emissions estimates were made for both lignite and bituminous coal and are
shown in Table 3-16. The increased emissions from coal firing are
substantially offset by reduced oil use. The net change in emissions
results in most pollutants exceeding 100 tons/year. Since the heat input
of the boiler is in excess of 250 x 10° Btu/hr the boiler will be subject
to the NSPS for steam generators. In addition, it is also subject to PSD
requirements since the refinery is located in an attainment area and meets
the criteria for emission levels for modified sources.

Table 3-16. Emissions Changes Due To Cogeneration,
Large Refinery (Tons/Year)

COAL OIL NET CHANGE
B LIGNITE  BITUMINOUS
TSP +279 +279 -165 +114 +114
50, +3350 +3350 -1815 +1535 +1535
NO, +1675 +1954 -991 +684 +963
co +206 +121 -83 +123 +38
HC +48 +36 -17 +45 +19

Table 3-17 indicates the methodology used to calculate the emissions
changes for the cogeneration system.

3.3.2 Required Environmental Permits

Several envirommental permits are required prior to the start of con-
struction and operation of a facility. These permits are at the Federal,
state and, in some cases, county levels. At the Federal level, the major
permit needed for air pollution sources is for PSD, which is issued by the
EPA regional offices as previously described. A Tist of all EPA regional

offices and the states for which they are responsible is presented in Table
3-18.
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Table 3-17. Air Pollution Emissions Calculations

General Assumptions

Fuel Use Changes, Coal: +5,584 x 1Gi§ Btu/yr
0i1: -4,944 x 10 Btu/yr

Emission Limits Based on NSPS (Table 3-3)
Particulates: 0.10 1b;1g5 Btu
Sul fur Dioxide: 1.2 1bflﬂﬁ Btu
Nitrogen Oxides: 0.7 Ih!luE Btu - Bituminous
0.6 1b/10" Btu - Lignite
Emission Factors Based on EPA Ap-422

Hydrocarbons: 0.3 1b/ton of coal burned
Carbon Monoxide: 1.0 1b/ton of coal burned

Calculations

Emissions From Lignite Use

Particulates: 12 6
5.584 x 10°° Btu/yr x 0,10 1b/10” Btu + 2000 1b/ton =

Sul fur Dinxide:lz 6
5.584 x 10*° Btu/yr x 1.2 1b/10" Btu # 2000 1b/ton

Nitrogen ﬂxidesiz 6
5.584 x 10*° Btu/yr x 0.6 1b/10" Btu + 2000 1b/ton

Carbon Monoxide:

5.584 x 1012 Btu/yr + 13.56 x 10

Lignite
411,799 tons/yr x 1.0 1b/ton = 2000 = 206 tons/yr

6

Emissions from Bituminous Coal Use

279 tons/yr

3350 tons/yr

1675 tons/yr

Btu/ton = 411,799 tons/yr of

Particulate and sul fur dioxide emissions are the same as for lignite

since they are based on heat input.

Nitrogen Dxidesiz 6
5.584 x 10°° x 0.7 1b/10" Btu + 2000 = 1954 tons/yr

Carbon monoxide

5.584 x 1012 Btu/yr + 23.1 x 10° Btu/ton = 241,732 tons/yr on coal

241,732 tons/yr x 1.0 1b/ton # 2000 = 121 tons/yr

3compilation of Air Pollution Emission Factors, AP-42, U.S. En
Protection Agency, February 1980

3-31

vironmental



Table 3-17. Air Pollution Emissions Calculations (Continued)

Hydrocarbons
241,732 tons/yr x 0.3 1b/ton &+ 2000 = 36 tons/yr

Emissjons from Regional 0i1 Replaced - Emission Factors Used for
Calculations

Fuel Use of 4.944 x 10'% Btu/yr + 149,690 Btu/gal = 33,028,258 gals/yr

Particulates: 3
33,028,258 gal/yr x 10 1b/10° gals # 2000 1b/ton = 165 tons/yr

Sul fur Dioxide:

33,028,258 gal/yr x 0.7% sul fur content x 157 1b/103 gals =
2000 1b/ton = 1815 tons/yr

Nitrogen Oxides: 3
33,028,258 gal/yr x 60 1b/10° gals s+ 2000 1b/ton = 991 tons/yr

Carbon Monoxide:

3
33,028,258 gal/yr x § W6/10° o1c o 2000 1b/ton = 83 tons/yr

Hydrocarbons 3
33,028,258 gal/yr x 1 1b/10° gals s+ 2000 1b/ton = 17 tons/yr

A permit to construct or modify a fue) burning unit at the refinery
would also be required by the Louisiana Air Control Commission. The pemit
application must include the nmecessary information that will enable the
comnission to determine whether the source will be designed to operate in
conformance with the provision of the state regulations and will not cause
or contribute to the violation of the air quality standards.

A wastewater discharge permit is usually required in all states for
industrial wastewater. In Louisiana, the permit is issued by the Stream
Control Commission. The permit application must indicate the type of
facility to be operated, quantities of wastewater, pollution control system
used, and composition of the wastewaters. The State Department of Natural
Resources is responsible for regulating solid wastes from industrial
sources that may impact surface and groundwaters. A coal-fired boiler will
generate fly ash and bottom ash that must be disposed of in approved land-
fills. Boiler wastes are usually exempt from hazardous waste regulations;
however, the state may require an analysis of the wastes to assess whether
surface or groundwaters may be contaminated, especially by heavy metals in

the bottom ash.
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Table 3-18.

U.S. Enviromnmental Protection Agency Regional Offices

EPA Regional Office,
Air Programs Branch

States Included in Region

10

John F. Kennedy Federal Buflding Connecticut, Maine, Massachusetts,

Room 2303
Boston, MA (02203
(617) 223-6883

Federal Office Building
26 Federal Plaza

New York, NY 10007
(212) 264-2517

Curtis Building
Sixth and Walnut Streets
Philadelphia, PA 19106
(215) 597-8175

345 Courtland, NE,
Atlanta, GA 30308
(404) 881-3043

230 South Dearborn
Chicago, IL 60604
(312) 353-2205

First International Building
1201 Elm Street

Dallas, TX 75270

(214) 767-2745

324 E. Eleventh Street
Kansas City, MO 64106
(B16) 374-5971

1860 Lincoln Street
Denver, CO 80295
(303) 837-3471

215 Fremont Street
San Francisco, CA 94105
(415) 556-4708

1200 Sixth Avenue
Seattle, WA 98101
(206) 442-1230

New Hampshire, Rhode Island, Vermont

Mew Jersey, New York, Puerto Rico,
Virgin Islands

Delaware, District of Columbia
Maryland, Pennsylvania, ﬂirg1n{a.
West Virginia

Alabama, Florida, Georgia,
Mississippi, Kentucky, North
Carolina, South Carclina, Tennessee
I11inois, Minnesota, Michigan, Ohio,
Indiana, Wisconsin

Arkansas, Louisiana, New Mexico,
Oklahoma, Texas

lowa, Kansas, Missouri, Nebraska

Colorado, Montana, North Dakota,
South Dakota, Utah, Wyaming

Arizona, California, Hawaii, Nevada,
Guam, American Samoa

Washington, Oregon, ldaho, Alaska
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4.0 LEGAL AND REGULATORY CONSIDERATIUNS

Recent Federal energy legislation significantly affects the
implementation and economic viability of industrial cogeneration systems.
Depending on the particular system and application, significant benefits
may be extended to a cogenerator seeking to establish interconnected
operation with an electric utility. Cogeneration efficiency standards may
or may not apply, tax credits and other incentives may be providea or
denied, and the system may or may not be subject to extensive Federal
regulation concerning fuels use. It is extremely important that a
potential cogenerator become familiar with this legislation and pertinent
implementing rules so that maximum advantage can be taken of available
benefits while regulatory problems in system implementation are minimized.

Table 4-1 summarizes current legal and regqulatory provisions relating
to cogeneration. The Powerplant and Industrial Fuel Use Act (FUA)
regulations are likely to be streamlined to make the exemption process less
costly, time-consuming, and burdensome to industry (also see Section
4.1.5). Possibly legislative action will be taken to repeal major
provisions of FUA. While no such action directly affecting cogeneration
has been taken thus far, the Omnibus Reconciliation Act of 1981 (Pub. L.
97-35) repeals provisions of FUA prohibiting natural gas use in existing
powerplants.

In addition to the laws and regulations discussed herein that have
specific cogeneration provisions, the Economic Recovery Tax Act (ERTA) of
1981 provides significant tax incentives for new business investment in
general. The Accelerated Cost Recovery System (ACRS) of ERTA relating to
cogeneration investment analysis has been incorporated in Section 2.3 of
this handbook.
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TABLE 4-1. SUMMARY OF COGENERATION LESAL AND REGULATORY PROVISIONS

PERT INENT SECTIONS |MPLEMENT ING IMPLEMENT ING COGEMNERATION
STATUTE OF STATUTE AGENCY RULES PROVIS IONS
Publ fc tH11 T4y 20 FERC 18 CFR 292 Prohliblts electric utl)ity
Regulatory Pollicles 210 discr imination and provides rate
Act of 1978 (PURPA) benafits o qual Ifying cogenaration
Pub.L. 95-617 facll itles; prov ides for e<emption of

such faclllitles from regulation as
elactr lc utll ties.

Natural Gas Pollcy 2061(c) FERC 16 CFR 292 Provides FERC author [ty to exempt
ACT OF 1978 (NGPA) 2061(d) 18 CFR 282 qual Ifylng cogeneration facllitles
Pub.L. 95621 from Incremental pricing of natural gas.
Energy Tax Act of I IRS 26 USC 46, Provides 10 percent energy |nvestment tax
1978 (ETA) 48, 167; cradlt for Invesiments In designated
Pubsl. 95-918 Inceome Tax energy property; Denles regular 10

Regul ations percent lnvestment tax credlt and

accelerated depreciation to bollers
fueled by ofl or gas.

Crude 01l Windfall 22 IRS 26 USC 45, Amends ETA to provide 10 percent energy
Proflt Tax Act of 15980 2 48 tax oadlt for investments In cogenera-
{ COWFETA) 223 tlon equipment not using oll or gas.
Pub.L. 96-223

Powarplant and 212t ERA 10 CFR 503.37 Prov Ides permanent exemptions from FUA
Industr fal Fuel 32(c) 10 CFR 504.35 prohibitions on ofl and gas usa for

Usa Act of 1978 10 CFR 505.27 el lglble cogeneration facllities.

(FUA) 10 CFR S06.35

Pub.L. 95-620




4.1 DISCUSSION OF COGENERATION PROVISIONS OF CURRENT LEGISLATIUN AND
STATUS OF IMPLEMENTING RULES
The following sections discuss in more detail the cogeneration
provisions of PURPA, NGPA, ETA, COWPTA and FUA, and the pertinent
jmplementing rules. Prospective cogenerators should refer to the Federal
Register and consult with the appropriate Federal agency to obtain the
latest information on implementing rules.

4.1.1 Public Utility Regulatory Policies Act of 1978 (PURPA)

PURPA contains a number of significant provisions designed to
encourage industrial cogeneration by preventing electric utility
discrimination and reducing utility-related State and Federal regulations.

Congress enacted sections 201 and 210 of PURPA as part of the National
Energy Act of 1978. These provisions authorized the Federal Energy
Regulatory Commission (FERC) to prescribe rules as the Commission
determines necessary to encourage cogeneration.

Section 210 of PURPA authorized FERC to prescribe rules requiring
electric utilities to purchase electric energy from cogeneration facilities
which obtain qualifying status under Section 201 of PURPA. For such pur-
chases, FERC was authorized to require electric utilities to pay rates that
are just and reasonable to the rate payers of the utility, are in the public
interest, and that do not discriminate against cogenerators. Section 210
also required electric utilities to provide retail electric service to
qualifying cogeneration facilities at just, reasonable, and non-discrimina-
tory rates. Finally, Section 210 authorized FERC to exempt all qualifying
cogeneration facilities from State regulation regarding utility rates and
financial organization, from Federal regulation under the Federal Power Act,
and from the Public Utility Holding Company Act.

Section 201 of PURPA authorized FERC to prescribe rules establishing
requirements for qualifying cogeneration facilities and develop procedures
by which the qualified facilities can obtain the benefits set forth under
Section 210.
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Pursuant to the statutory mandates of PURPA, FERC issued a final rule
impiementing Section 210 on February 19, 1980 (Order No. 69) and a final
rule implementing Section 201 on March 13, 1980 (Order No. 70). These
rules are contained in 18 CFR 292.

Applicability of FERC Rules

The rules promulgated by FERC apply to all electric utilities, defined
in Section 3(4) of PURPA as any person, State agency, or Federal agency
which sells electric energy. Within this definition are investor-owned
electric utilities and non-regulated utilities, including publicly owned
systems, cooperatively owned systems, and Federal power-marketing agencies.

Exchanges of Power between Utilities and Cogenerators

In recognition that it could not prescribe a perfect pricing formula
appropriate for each utility and qualifying cogenerator, FERC issued a set
of pricing principles to be used by the State Regulatory Commissions (SRC)
and non-regulated utilities in developing methodologies for specifying
rates. The operative term used in these pricing principles is "avoided
cost." Under the “avoided cost" principle, rates for power produced by the
cogeneration facility are based on the costs avoided by the utility in not
having to generate the power itself or purchase it from another source.
This obviates the need for the cogenerator to keep detailed cost-of-service
records.

In those instances where a utility can cut back on its need to
construct new power plants or to buy, lease, or rent capacity from another
utility, the avoided cost can also include the capital costs of the other-
wise required unit or the demand charge included in the utility's firm
power purchase contract.

FERC specifies that all interconnection requirements be reasonable.
Utilities cannot, for example, force qualifying facilities to buy and
install unnecessary safety equipment. As for what is "reasonable," the
regulations leave it up to SRCs to decide. These commissions must also
make sure that the costs of interconnection are attributable to the
cogeneration system. FERC regulations stipulate that the utility cannot
charge the qualifying facility any more for interconnection than the actual
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net expense of connecting the qualifying facility, less charges the utility
would have had to incur to connect its own power plants to its system to
provide the same amount of power. Finally, FERC regulations state that a
qualifying facility cannot be assessed twice for the same connection. If,
for example, a qualifying facility that had already been connected to an
electric utility for the purpose of buying electricity decides to sell
power to the utility, the qualifying facility can only be charged for
additional expenses.

FERC's pricing rules state that if a qualifying cogenerator consents,
the purchasing utility may transmit power to a second utility. If this
occurs, the second utility is subject to the same purchase requirements as
the "wheeling" utility, except that the second utility is only obligated to
pay for the power it actually receives.

For power purchases from a cogeneration facility whose construction
commenced on or after the date of enactment of PURPA (November 9, 1978),
utilities must pay the full avoided cost. For existing facilities,
utilities may pay a lower rate so long as the rate is sufficient to
encourage cogeneration.

The FERC rules also permit a new cogenerator to require an electric
utility to purchase, at the full avoided cost, all of the power produced by
the new cogeneration capacity, while permitting the cogenerator to purchase
all of the electric power it uses at non-discriminatory retail rates. The
effect of this provision is to separate the activities of the facility as a
generator and as a load, thereby enhancing the likelihood that new
cogeneration capacity will be developed.

State Implementation

Under the statutory framework of Section 210, implementation of the
rules issued by FERC is reserved for the SRCs and to non-regulated electric
utilities. Within one year of the issuance of the FERC rules, each State
regulatory commission and non-regulated electric utility must, after notice
and opportunity for hearing, commence to implement the FERC rules
pertaining to rates for purchases, rates for sales, interconnection costs,
system emergencies, and standards for operating reliability. As of March
20, 1981, the date that appropriate rates and procedures were to have been
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established, some states and utilities had completed their hearings and had
reported established purchase rates to FERC. Others were still conducting
hearings on developing their implementation plans. For the most recent
information on the status of PURPA implementation and established rates,
the public utility commission (PUC) for each state should be contacted.
Table 4-2 1ists the PUC contact sources in each of the 50 states.

Exemption from Regulation

Qualifying cogeneration facilities are exempted from utility
requlation under the Public Utility Holding Company Act, certain sections
of the Federal Power Act, and certain types of state law. As a result of
these exemptions, cogeneration facilities which sell electric power to
utilities will not be subject to rate regulation by FERC under Sections 205
and 206 of the Federal Power Act. Their books will not be scrutinized by
FERC and they will not be subject to many of the prohibitions and
requirements imposed on electric utility companies by the Securities and
Exchange Commission under the Holding Company Act.

The exemption from State law applies only insofar as State law would
regulate sales to utilities. A cogenerator who sells power at retail may
still be subjected to State utility regulation.

The exemptions provided are only from laws and regulations concerning
rates and financial organization. Cogeneration facilities are still
subject to state and Federal laws and regulations concerning siting and
environmental requirements and tax treatment.

Criteria for Qualification as Cogeneration Facility

Section 201 of PURPA contains the criteria for designation as a
qualifying cogeneration facility. It defines a cogeneration facility as a
facility which produces electric energy and steam or forms of useful energy
(such as heat) which are used for industrial, commercial, heating, or
cooling purposes. The definition of a cogeneration facility established by
FERC requires that electric energy and forms of useful thermal energy be
produced through the sequential use of energy. Within this definition, it
is important to note that electric energy must be produced to qualify as a
cogeneration facility.
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STATE

AL ABAMA
ERMEST MERCER
DIRECTOR OF UTILITIES
PUBLIC SERVICE COMMISSION
P.0. BOX 991
MONTGOMERY, AL 36130

ALASKA
GORDON ZERBETZ, CHAIRMAN
PUBLIC UTILITIES COMMISS ION
MACKAY BLDG.
338 DEMALI ST.
ANCHORAGE, AK 99501

AR | ZONA
5. R. WHITFIELD, DIRECTOR
CORPORAT 10N COMMI5S 10N
UTILITIES DIVISION
1210 W. WASHINGTON ST.
PHOENIX, AZ 85007

ARKANSAS
VANCE JONES, DIRECTOR
PUBL IC SERVICE COMMISSION,
UTILITIES DIVISION
400 UNION STATION
LITTLE ROCK, AR 72201

Plsed by permission from Ener

Table 4-2. State's Cogeneration Rate-Setting Under PURPA”

STATUS
{As of ppril 19811

Final retes for production of 100 kw or less. Others
pending. The PSC |s developing rates for larger
producers, but has deferred at request of Al abama

Industr lal Group becauss Industrlal users have not yat
sgread to terms with utilitles.

Mot ospproved

Pending
Has not held hear Ings.

Pending
Proposed order being consldered.

User Nows, Vol 6., MNo. 16

Monday Apr il 20, 1981, 7 E. 12th 5., New York 10003

DONTACT

Call Wallace Tidmore, Alabama PSC
(205) B32-3421

Cal|l Robert Barber , Alaska PUC
(907) 276-6222

Call JIm Apperson, ACC
(602) 255-423

Csl | Batty Wood, & kKansas PSC
(5011 370-5480
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STATE

CAL IFORN 1A
B+ R« BRAKDVICH, DIRECTOR
POLICY AND PROGRAM CEVELOP.
PUBLIC UTLITIES COMMISSION
350 MCALLISTER 5T.
SAN FRANCISCO, CA 94102

COLORADO
EDYTHE S. MILLER, CHAIRMAN
PUBLIC UTILITIES COMMISSION
REGULATORY AGENCIES DEPT.
STATE SERVICES BLDG.,

5TH FLOOR
DENVER, 0O BO203

CONNECT 1CUT
JOHN T. DOWNEY, CHAIRMAN
PUBLIC UTILITIES CONTROL
AUTHORITY
STATE OFFICE BLDG.
165 CAPITOL AVE.
HARTFORD, CT 06115

DE L AW ARE
JOSHUA W. MARTIN 111,
GHA | RMAN
DIVISION OF PUBLIC
UTITLITIES CONTROL
1560 S. DUPONT HWY.
DOVER, CE 12901

FLORIDA
ROBERT MAMMN, CHAIRMAN
PUBLIC SERVICE COMMISSION
101 EAST GAINES
TALAHASSEE, FL 32301

Table 4-2. State's (ogener ation Rate-Setting Under PURPA (Con't)

STATUS
(As of Apr (Tl 19811

Temporary rates. In Dec. 1979 PUC ordered ufl|ities to
buy cogenerated power at avoided costs. These Interim
util Ity-set rates are subject to PUC rulemaking In May.
Also, staff has recommended summer hear Ings on accur acy
of utll Ity-avolded cost flgures.

Pend Ing

Temporary rates. Department-set rates In effect until
utility=proposed rates are spproved.

Pending. Hearings May 20-21 on Delmarva Power Co.
tar [ff. Hearing May 6 for Lincoln-Ellendale Electr lc (o.

Final rules. Commission encour ages negotiated rates.
in lleu of contract, rates are based on computer-
monltored utll 4y fual costs.

CONTACT

Call John Quinley, Callfornia PUC
(4150 557-2904

Cal ) Mike Homyak|, (olorado PUC
(3031 866-4300

Call Mark Jeske, onnecticut DPUC
{203) 566-7882

Cal | Rober+ Kennady, Delawsre PSC
(302) 736-4247

Call Florida PSC
(904) 488-A501



6=t

STATE

GECRGIA
PUBLIC SERYICE COMMISSION
244 WASHINGTON ST.
ATLANTA, GA 30334

HAWAL
ALBERT Q. Y. TOM, CHAIRMAN
PUBLIC UTILITIES COMMISSION
1164 BISHOP 5T., SUITE 911
HONOLULU, HI 96813

| DAHG
MYRNA WALTERS, SECRETARY
PUBLIC UTLITIES COMMISSION
427 W+ WASHINGTON 5T,
BOISE, 1D 83720

ILLINCIS
GARY HUNT
COMMERCE COMM IS5 10N
PUBLIC UTILITY DIVISION
527 E« CAPITOL AYE.
SPRINGFIELD, IL 62701

INDH ANA
LARRY J. WALLACE, CHAIRMAN
PUBLIC SERVICE COMMISSION
901 STATE OFFICE BLDG.
INDIAMAPOLIS, IN 46204

10WA
RAYMOND VAWTER
COMMERCE COMM IS5 10N
PUBLIC UTILITY DIVISION
STATE CAPITOL
CES MOINES, A 50319

Table 4-2. State's (ogeneration Rate-Setting Under PURPA (Con*t)

STATUS
(As of Aprll 1981)

Procead Ings suspended. Awalting outcome of Supreme
fourt decision on constitutional ity of PURPA.

Mot approved

Panding. Rates flled by CP Matlonal, but they have not
yet been approved.

Final rules. Rules subJect to spproval of |ilinols
leglsliature's Joint Comittee on Adninistrative Rules.
Rates not yat flled.

Pending. Cogeneration rate formula developed by PSC
sant to state attorney general's offlce for approval.
Then must go to governor.

Final rules. Commission has developed rate and avoided-
cost formula.

CONT ACT

Call Sam Weaver , Georgla PSC
(404 ) 656-4541

Call Leroy Yuen, Hawall PUC
(B08&) 548-3990

Call Idaho PUC
(T702) BE5=5134

Cal | Charles Teclaew, ICC
(217) 7B5-0326

Call Willlam D. Boyd, Indlana PSC

(37 2322111

Cal | Bob Latham, lowa SOC
(517) 373-6430




OL-¥

KANSAS
FRED B. ADAM, DIRECTOR
UTILITIES DIVISION,
CORFORAT 10N DOMM 1S5 10N
STATE OFFICE BLDG.,
4TH FLOOR
TOPEKA, K§ 66613

KENTUCKY
RICHARD S. TAYLOR
UTILITY REGULATORY COMMISSION
P.0. BOX 615
FRANKFORT, KY 40602

LOUIS1ANA
LOUIS S. QUINN, SECRETARY
PUBLIC SERVICE CEPT.
ONE AMERICAN PLACE,
SUITE 1630
BATON ROUGE, LA 70825

M I NE
RALPH H. GELDER, CHAIRMAN
PUBLIC UTILITIES OOMMISS ION
242 STATE ST.
AUGUSTA, ME 04333

MARYLAND
THOMAS J. HATEM, CHAIRMAN
PUBLIC SERVICE COMMISSION
231 E. BALTIMORE 5T.
BALT IMCRE, MD 21202

Toble 4-2. State's Cogeneration Rate—Setting Under PURFA (Con't)

STATUS
(As of Aprl] 1981)

Pending. Staff Is developing avolded-cost methodology.
Haaring Apr il 27-28.

Pending. Commission now deciding rates on case-by-case
basls. Hearlrgs bagin April 27. Rate schedule expected
by Julys

Pending. Hearing held in Feb. No actlon expected soon.

Panding. PUC asking utilities to file cogenerotion rate
requests. Hearlrgs not yet scheduled.

Pending. #April 6 proposad order requires utilities to
flie tariffs for facilitles producing 100 kw or less.
Each tar 111 to be consldered saparately.

CONTACT
Call Carol Lawson, KCC

(913) 296-3326

Call Richard Heman, Kentucky URC
{502) 564-3940

Call Anold Chauvlere, Loulslana PSC
(5041 342-4404

Call Malne PUC
{2071 289-3831

Call Paul Danlels, Meryland PSC
(3011 659-6021
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STATE

MASSACHUSETTS
DORIS R. POTE, CHAIRWOMAN
PUBLIC UTILITIES EEPT.
100 CAMBRIDE ST.
BOSTON, MA 02202

M ICH I GAN
DANIEL J. CEMLOW, CHAIRMAN
PUBLIC SERVICE COMMISSION

P.0. BOX 30221
LANS ING, M1 48909
M INNESOTA

ROBERT W. CARLSON

PUBLIC UTILITIES COMMISSION
TBO AMERICAN CENTER BLDG.
160 KELLOGG BLVD.

ST. PAUL, MM 55101

M|SSISSIPPI
KEITH HOMLE
PUBLIC SERVICE COMMISSION
P.0. BOX 1332
JACKSON, M5 39205

MISS0LR |
KEN RODEMAN
PUBEL IC SERVICE COMMISSI0N
DEPT.
0. BOX 360
JEFFERSON CITY, MO 65102

Table 4-2. State's (ogeneration Rate-Setting Under PURPA (Oon't)

STATUS
(As of Apr il 1981)

Pending. All hearings hald.
rules by end of April.

PP to sdopt cogener atlon

Pending. PSC ordered utl)ities to remove cogeneratlion
barr lers, and sent out questionnaires on cogeneration

rates. Hearings To be held.

Panding. Avolded-cost formula being debated by PUC and

state leglslature.

Pending. Power companles asked to submit avolded-cost
rate design for power producers under 100 Mi. Larger
projects |lkely to be declided case by case. Hear Ings

expected In late April.

Firal PSC order lssued April 7, effective May 15.

CONTACT

Cal | Massachusatts DPLU
817 727-6900

Call Margaret Cooney, Michigan PSC
(3T) 313-81T

Call Stuart Mitchel |, Minnesota PUC
(612) 296-B662

Call Cs. Kalth Howle, Misslissippl PSC
(6011} 353-7265

Mot appl lcable
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STATE

MONTANA
DAN ELLIOT
PUBLIC SERVICE REGULAT ION
DEFT »
PUBLIC UTILITY DIVISION
1227 11TH AVE.
HELENA, MT 59601

NEBRASKA
DUANE GAY, CHAIRMAN
PUBLIC SERVICE COMMISSION
301 CENTENIAL MALL SOUTH
FIRST FLOOR
LINCOLN, NE 68509

NE VADA
HEBER P. HARDY, CHAIRMAN
PUBLIC SERYICE COMMISSION
OF NEVADA
505 EAST KING 5T.
CARSON CITY, NV B9710

NEW HAMPSH IRE
Js MICHAEL LOVE, CHAIRMAN
PUBLIC UTILITIES COMMISSION
8 OLD SUNCOCK RD
CONCORD, N4 03301

MEW JERSEY
PUBLIC UTILITIES CEPT
101 COMMERCE 57
NEWARK, NJ 07102

Table 4=2. State*s (bgeneration Rate—Setting Under PURPA (Con*t)

STATUS
(As of April 1981)

Final rules. Rates to be approved In October.

Public powsr districts deal directly with Depariment of
Energy to set rates. Scome public power distr lcts have
set rates for power producers under 100 kW and wil| set
rates for larger producers on case-by-case basis.

Final rules. Idaho Power mnd CP National have fllad

rates, but retes have not yet been approved. Slerra
Pacitic Power has not established a rate. Nevada Power

has approved rate.

Final rates

Hear ings concluded. Final rates expacted by end of
pprll. Jersey Power & Light alraady has tariff,

CONTACT

e ——————

Call Ted Otls, Montena PSRD
(406 ) 449-2649

Hot avallable

Call Mevada PSC
(702) BE5-5134

Cal | Judy E||Tott, New Hampshire PUC

(603) 271-2437

Cal | Steve Gable, Mew Jorsey Publlc

UH11 Tty Dept.
(201) 648-2045
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STATE

MEW MEX |00

RICHARD MONTOYA, CHAIRMAN
PUBLIC SERVICE COMMISSION
BATAAN MEMORIAL BLDG.
SANTA FE, NM B7503

NEW YORK
LESTER STUZIN
PUBL IC SERVICE CEPT.
PUBLIC SERYICE COMMISS |ON
EMPIRE STATE PLAZA
AGENCY BLDG. 3
ALBANY, MY 12223

NORTH CAROL |NA

DENNIS NIGHT INGALE
COMMERCE DEPT.
UTILITIES COMMISSION
DOBBS BLDG.

430 N. SALISBLRY 5T.
RALEIGH, NC 27611

NOATH DAKGTA
JANET SAUTER, SECRETARY
PUBL IC SERYICE COMMISSION
CAPITOL BLDG.,
12TH AND 13TH FLOORS
BISMARCK, ND S8505

OHIO
WILLIAM 5. NEWCOMB, JR.,
CHA | RMAN

PUBLIC UTILITIES COMMISS ION

375 S0UTH HIGH ST.
COLUMBUS, OH 43215

Table 4-2. State's Oogener ation Rete-Setting Under PURPA (Con®+t)

STATUS
(As of Apr Il 1981)

PendIng. Task force formad to submit recommendations.

Elactr Ic utllitles +o present recommendations by
Apr 1l 27, 1981.

Temporary rates. Wl Ity-proposed rates can now be
used In contracts, but are subject to change by PSC
rate-setting -

Appr oved

Final rules. OCogeneration rules approved. WM1litles
In process of 111ing rate schedules.

Pending. HWearings held. Suggested tar |ffs due by
May 4.

CONTACT

S ——————

Call Naw Mexlco PSC

(5051 B827-2827

Call Cralg Indyke, New York PSC
(518) 474-6515

Call MNorth Carolina PUC
(9191 733-2267

Call Wally Owen, Morth Dakota PSC
(701) 224-4078

Call Ohla PUC
(614) 466-T750
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STATE

OKLAHOMA
HOWARD MOTLEY, DIRECTOR

CORP. COMMISSION,
PUBLIC UTILITY DIV,

329 JIM THORPE BLDG.
OKLAHOMA CITY, OK 73105

OREGON
WILLIAM KRAMER
PUBLIC UTILITY COMMISSION
LABOR AND INDUSTRIES BLDG.
SALEM, OR 97310

PENNSYLYANIA
SUSAN M. SHANAMAN, CHAIRMAN
PUBLIC UTILITY COMMISS ION
104 N. OFFICE BLDG.
HARR ISBIRG, PA 17120

RHOCE ISLAND
EDWARD F. BURKE, CHAIRMAN
PUBLIC UTILITIES COMMISSION
100 ORANGE ST.

PROVIDENCE, RI 02903

SOUTH CAROL INA
CHARLES W. BALLENT INE
PUBL IC SERYICE COMMISSION
UTILITIES DIVISION
P.0. DRAMER 11649
COLUMBIA, SC 29201

Table 4=2. State's (ogeneratlon Rate-Setting Under PURPA
STATUS
(As of Aprll 1981)

Final order Issued Msrch 20 by Ok |ahoms
Corporation Commlsslion.

Panding. Proposed rules Issued.

Pending. Staff has proposed regulstions that basical ly
follow FERC draft. Heerlmgs expected.

Pendings Two major electr ic utll Itjes were ordered to
sutm|t proposed cogeneration rates. MNo hearing dates set.

Final rules. Commlsslion encourages negotlated rates and
wlll review sgresments at request of user or utllity.

In 1leu of contract, rates are basad on rate schedules
sat by utliltles.

Mot appl lcablie

Call Lecn Hagen, Oregon PUC
1{503) 378-6687

Cal | Rick Sandusky, Pennsylvenla PUC
(N7 783-15456

Call Layra Dowd, Rhode |sland PUC
(4013 277-3500

Cal | South Caralina P5C
(BO3) T58-5362
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Teble 4-2. State's Cogeneration Rate-Setting Under PURPA (Con't)

STATE STATUS CONT ACT
(As of April 1981) sE—_—
SOUTH DAKOTA
COMMERCE AND CONSUMER Pend Ing Cal| Walter Washington, South Dakota PUC
AFFAIRS [EPT. 1605) 773-3201

PUBLIC UTILITIES COMMISS 0N
CAPITOL BLDG., 15T FLOOR
PIERRE, 50 57501

TENNESSEE
FRANK COCHRAM, CHAIRMAN Final rates Call Rober+ Hemphlll, TYA
PUBLIC SERYICE COMMISSION (615) 755-206)

CORDELL HILL BLDG.
MASHYILLE, TN 37219

OR

TENNESSEE VALLEY AUTHORITY (TVA)
NEW SPANGLE BLDG.
KNOXVILLE, TN 37902

TEXAS
GECRGE M. COMDEN, CHAIRMAN PUC statf preparing proposed order based primarily on Call Tom Hal ick!, Texas PUC
PUBLIC UTILITIES COMMISSION report of industry-utl|i+y task force completed late 1980. (512} 458-0270
7800 SHOAL CREEK BLVD.
SUITE 400 NORTH
ASTIN, TX 78757

UTAH
BUS INESS REGULATION Tamporary rates. (Interim utllity-sat rates have been Call Douglas Kirk, Utah PSC
DIVISION OF PUBLIC UTILITIES approved but are subject to PSC rate-setting. (B01) 533-6416

330 E« 4TH SOUTH ST.
SALT LAKE CITY, UT B411

VERMONT
PUBLIC SERVICE BOARD Panding: Expects to adopt rules within next two months. Cal | Daborah DaGratf, Vermont P5B
7 SCHOWL. 5T. (BO2Y B28-2880

MOMTFELIER, YT 05602
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STATE

VIRGINIA
DAYID R. LESHER
STATE CORPORAT ION COMM IS5 10N
PUBLIC UTILITIES DIVISION
BLANTON BLDG.
RICHMOND, VA 23230

WASH INGTON

ARCHIE MARTIN, ADMINISTRATOR
UTILITIES

UTILITIES AND TRANSPORTATION
COMM IS5 10N

HIGHWAYS-L ICENSES BLDG.

OLYMPIA, WA 98504

WEST YIRGINIA

DANDR IDGE MCDONALD, CHAIRMAN
PUBL IC SERVICE COMMISSION

E. STATE CAPITOL

CHARLESTON, WV 25305

W ISCONS N

STANLEY YORK, CHAIRMAN
PUBLIC SERVICE COMMISSION
4802 SHEBOYGAN AVE.
MADISON, W 53702

WYOM ING

FRANK L. RAUCHFUSS
UTILITIES DEPT.

PUBLIC SERVICE COMMISSION
CAPITOL HILL BLDG.

320 W. 25TH 5T.

CHEYENNE, WY B2002

Table 4-2. State's Cogeneration Rate-Setting Under PURPA (Con't)

STATUS
(As of April 19811

Final rates

Final rules. Rates wil| be determined fater for units
100 kw and less. Rates for larger systems wlll be
negotiabie.

Pending. For facllities below 100 kW, proposad order
|Thely this month and becomes final 1f PSC does not

act In 15 days. For larger facllities, hear ings expocted
on draft proposal .

Temporary rates. Six |argest utll 1ties have own rates.
Hear Ings on PSC rates are continulng.

Final rates

CONTACT

Call Virginla SCC
{8041 7B6-4932

Cal | David Rees, Washlington UTC
L206) 153-6420

Call Rick Hitt, West Virginia PSC
(304) 348-2174

Cal |l Terrence Nicollas, Wisconsin PSC
(608 266-5620

Call Dave Walkar, Wyoming PSC
(4051 717-1427



Sequential use of energy is the key provision of this definition.
Only those processes that use heat rejected from one process for another
process can be considered cogeneration facilities. Eligible cogeneration
includes both topping-cycle and bottoming-cycle cogeneration facilities.
In 18 CFR 292.203, new diesel cogeneration systems were excluded as
qualifying facilities pending further FERC action. However, on June 1,
1981 (Order 70-E), the Commission approved an amendment to the PURPA rule
allowing diesel and dual-fuel systems to be qualifying facilities and thus
be eligible for PURPA benefits.

A cogeneration facility is a qualifying facility if it can meet the
operating and efficiency standards and the ownership criteria prescribed by
FERC in 18 CFR 292, Subpart B. Figure 4-1 shows a logic diagram to
determine if a facility can qualify as a cogenerator under PURPA.

Operating and Efficiency Standards

To obtain qualifying status, the cogeneration facility may have to
meet operating and efficiency standards established by FERC. A1l
topping-cycle cogenerators must meet FERC's operating standard. If oil or
natural gas is used by new topping-cycle cogenerators, the efficiency
standards pertain as well. No operating standards are prescribed for
bottoming-cycle cogenerators. However, if oil or natural gas is used for
supplementary firing, an efficiency standard is applied.

e Topping-Cycle Facilities

Operating Standard

The useful thermal energy output of the facility must, during any
calendar year, be no less than 5 percent of the total energy
output. This standard applies to all topping-cycle cogenerators
regardless of the fuel used or date of installation.



DOES AN ELECTRIC UTILITY OR UTILITIES OWN MORE THAN 50% INTEREST?

NO

1

DOES THE FACILITY USE ENERGY SEQUENTIALLY?
IF SO, WHICH USE 1S FIRST IN SEQUENCE?

YES, POMWER YES, THERMAL ] NO
PROCESS FIRST PROCESS N/ A
FIRST
DOES THE FACILITY DOES THE FACILITY
MEET THE TOPPING MEET THE BOTTOMING
CYCLE OPERATING AND CYCLE EFFICIENCY
EFFICIENC STANDARDS ¢
STANDARDS ¢
YES NO YES NO
THE FACILITY IS A THE FACILITY IS NOT A

QUALIFYING COGENERATION
FACILITY FACILITY

QUALIFYING COGENERATION

YES

Figure 4-1. Logic Shematic for the Qualification of a
Cogeneration Fac ility Under PURPA
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Efficiency Standard

If any of the energy input is natural gas or oil and installation
of the cogeneration facility began on or after March 13, 1980, the
useful power output of the facility plus one-half the useful
thermal output during any calendar year period must:

- be no less than 42.5 percent of the total energy input of
natural gas or oil, or

- be no less than 45 percent of the total energy input of natural
gas and oil if the useful thermal energy output is less than 15
percent of the total energy output of the facility.

Bottoming-cycle Facilities

Operating Standard

None prescribed for bottoming cycle facilities.

Efficiency Standard

For any bottoming-cycle cogeneration facility for which any of the

energy fnput as supplementary firing is natural gas or oil, and the
installation of which began on or after March 13, 1980, the useful

power output must, during any calendar year period, be no less than
45 percent of the energy input of the natural gas and oil used for

supplementary firing.

Ownership Criteria

To qualify for the regulatory exemptions and the electric power sale
and purchase benefits under PURPA, a cogeneration facility must be owned by
a person not primarily engaged in the generation or sale of electric power

(other than electric power solely from cogeneration facilities). Electric
utilities may participate in joint ventures that own qualifying facilities.
However, electric utilities may together own no more than 50 percent of the
equity of a qualifying facility (18 CFR 292.206).

Procedures for Obtaining Qualifying Status

A cogeneration facility that meets the operating and efficiency
standards and ownership criteria 1isted above is a qualifying facility.
Certification as such can be accomplished by either self-qualification or
FERC certification; the cogenerator is free to choose which procedure to

follow.

FERC certification may offer advantages to the cogenerator in

dealings with financial institutions and electric utilities.
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¢ Self-certification. The owner or operator of a qualifying
cogeneration facility must provide FERC the following information.

- The name and address of the applicant and location of the
facility

- A brief description of the cogeneration facility
- The primary energy source used or to be used by the facility
- The power production capacity of the facility
e FERC Certification. In addition to the information supplied by a

self-qualifier, the applicant for FERC certification must provide
the following information:

- The percentage of ownership held by any electric utility, by any
public utility holding company, or by any person owned by either

- A description of the cogeneration system, including whether the
facility is a topping- or bottoming-cycle and sufficient
information to determine that the operating and efficiency
standards prescribed by FERC will be met

- The date installation of the facility began or will begin

- A notice for publication in the Federal Register. The general
format for this notice is contained in FERC Order No. 70-A (45

FR 33603, May 20, 1980).

Within 90 days of filing an application, FERC will issue an order
permitting or denying the application or setting the matter for hearing.
Any order denying certification will identify the specific requirements not
met. In the event no order is issued within 90 days of filing of the
complete application, certification will be deemed to have been granted.

General Recommendations for Filing an Application for FERC Certification

There is no standard form to fill out. However, an application for

Commission certification should follow the general format of Order
No. 70-A.

The applicant should be specific as to what sort of facility is
involved (topping- or bottoming-cycle cogeneration). An application which
presents a lot of facts and asks the Commission to determine the
appropriate type of facility may be delayed.
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An application must include sufficient information to ensure that all
applicable standards are met. All work should be clearly shown in the
calculations required for determining compliance with operating and
efficiency standards.

Although not required, it is helpful to provide to the Commission the
telephone number of an individual familiar with the facility.
The address of FERC is:
Federal Energy Regulatory Commission
825 North Capitol St., N.E.
Washington, D.C. 20426

4.1.2 Natural Gas Policy Act of 1978 (NGPA)

Title 11 of the NGPA provides that incremental cost increases incurred
by natural gas suppliers as a result of the phased deregulation of natural
gas wellhead prices (under Title I)must be passed through to customers
burning natural gas in non-exempt industrial boilers and other non-exempt
industrial facilities defined by FERC. The NGPA also authorizes FERC to
exempt cogeneration facilities from incremental pricing. Phase I of the
incremental pricing rule is in place. This rule applies only to boiler
fuel use of natural gas used in large industrial boiler fuel facilities.
However, “boiler fuel use" means the use of any fuel for the generation of
steam or electricity. Natural gas use in combustion turbines and
reciprocating engines may thus be defined as beiler fuel use. Any benefits
from exemption from incremental pricing would be reduced or eliminated,
however, as gas is deregulated in 1985-87 under other provisions of the
NGPA.

FERC rules concerning cogeneration exemptions from incremental pricing
are contained in 18 CFR 292,205, 18 CFR 292 (Subpart E) and 18 CFR 282.
A1l topping-cycle cogeneration facilities which produce electricity may
qualify for an exemption if the facility meets both the operating and
efficiency standards specified by FERC under Section 201 of PURPA.
However, the March 13, 1980 installation date is not operative in determin-
ing compliance with efficiency standards for the incremental pricing
exemptions.
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For bottoming-cycle facilities, natural gas used for cogeneration is
exempt to the extent that reject heat emerging from the useful thermal
energy process is made available for power production. In other words, if
half of the hot exhaust gases emerging from a high-temperature thermal
process go into a heat exchanger for power production, then proportiocnately
half of the natural gas input to the facility would be exempt. Since the
incremental pricing rule applies at present only to industrial boilers,
which are unlikely to be a heat source for a bottoming cycle, few if any
bottoming-cycle facilities would be subject to incremental pricing in the
first place.

Under these rules, all gas used for supplementary firing is not exempt
from incremental pricing. Of course, such gas may be exempt under other
provisions of the incremental pricing rules.

. Cogeneration facilities that were in existence on November 1, 1979,
and used natural gas as a fuel on or prior to that date may be exempted
from incremental pricing under an Interim Rule that has been retained by
the Commission. The Interim Rule, 18 CFR 292 (Subpart E), pertains only to
incremental pricing. A facility qualifying under the Interim Rule does not
gain the PURPA Section 210 benefits.

In brief, the Interim Rule consists of two alternative efficiency
standards. A cogenerator can elect either standard, but all facilities
must meet an efficiency test. The standards differ from the PURPA Section
201 efficiency standard in that:

e All fuels or energy inputs other than supplementary firing, are
entered into the efficiency calculation

e Power outputs and thermal outputs are weighed equally (thermal
energy is not divided by two)

e The ratio of energy outputs to inputs (deleting supplementary
firing) must equal at least 0.55, or in the alternative, 0.70,
after subtracting boiler efficiency considerations

e Gas used for supplementary firing may be exempted from incremental
pricing under the Interim Rule.

Cogeneration facilities producing no electricity may qualify for an
exemption from incremental pricing under Order No. 104, issued on October
23, 1980 (45 FR 71787, October 30, 1980). The exemption afforded such
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mechanical cogeneration facilities is similar to that under PURPA Section
201, except that useful power outputs do not include electricity.

Obtaining an Exemption from Incremental Pricing

The procedures by which the owner or operator of a cogeneration
facility may obtain an exemption from incremental pricing of natural gas
are contained in 18 CFR 282.204. In the event that an exemption affidavit
is required to be filed with FERC, the natural gas supplier serving the
cogeneration facility can provide the necessary forms. Exemption affidavit
forms are also available from the Office of Public Information, Federal
Energy Regulatory Commission, Room 1000, 825 North Capitol Street, N.E.,
Washington, D.C. 20426.

4.1.3 Energy Tax Act of 1978

Title 111 of the Energy Tax Act of 1978 (ETA) provides for changes in
the business investment credit to encourage conservation of, or conversion
from, oil and gas. The energy investment tax credit of 10 percent, for
investments in designated energy property, is in addition to the regular 1U
percent investment tax credit. The credits are used to offset the
taxpayer's income tax ljability.

To be eligible for the energy investment tax credit, property must be
depreciable with a useful 1ife of three years or more. The energy tax
credit applies against all tax liability not offset by the regular credit.
Excess investment credits from a taxable year may be carried to apply
against tax liability over a l5-year carryover period under provisions of
ERTA. The energy credits generally apply te costs incurred for the period
of October 1, 1978 through December 31, 1982. There is no termination date
for the regular investment credit.

To qualify for the energy investment credit, the property must be new
(not used) and first placed in service after September 30, 1978. The
energy credit (but not the regular investment tax credit) is available for
structural components of buildings which otherwise qualify as energy
property.
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Availability of Energy Investment Tax Credits for Cogeneration

Cogeneration equipment and facility investments are not specifically
addressed in the ETA. This was rectified in the Crude 0i1 Windfall Profit
Tax Act of 1980 (see Section 4.1.4). However, the ETA provides energy
investment tax credits for two classes of property, which include a number
of the components, both equipment and structural, which may be used in
cogeneration systems. These energy property classifications are
alternative energy property and specially defined energy property.

Alternative energy property includes:

e Boilers which do not use oil or natural gas or products of oil or
natural gas as a primary fuel

® Burners for combustors which do not use 0il or natural gas or
products of oil or natural gas as a primary fuel

e Pollution control equipment required by Federal, State.,or Tocal law
to be installed in connection with the above items subsequent to
October 1, 1978

¢ Equipment designed to modify existing equipment which uses oil or
natural gas as a fuel so that such equipment will use a substance
other than oil or natural gas or an oil mixture where 0il will not
constitute more than 75 percent of the fuel

® Equipment used for unloading, transfer, storage, reclaiming from
storage, and preparation at the point of use of fuel other than oil
or natural gas, or any product of oil or natural gas.
Alternative energy property excludes public utility property; see
Section 4.1.4.

Specially defined energy property includes: recuperators,
regenerators, heat wheels, heat exchangers, waste heat boilers, heat pipes,
automatic energy control systems, turbulators, preheaters, combustible gas
recovery systems, economizers, and any other property of a kind specified
by the Secretary of the Treasury by regulations, the principal purpose of
which is reducing the amount of energy consumed in any existing industrial
or commercial process and which is installed in connection with an existing
industrial or commercial facility.
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Denial of Regular Investment Tax Credits and Accelerated Depreciation for
Boilers Fueled by U771 and Gas

As noted above, boilers fueled by 0il and gas are not included as
alternative energy properties and are not eligible for the energy
investment tax credit. In addition, under the ETA, such boilers are denied
the regular investment tax credit unless the use of coal is precluded by
air pollution regulations or unless use of such boilers will be an exempt
use. Use of 0il or gas in a facility which is an integral part of
manufacturing, processing, or mining is not an exempt use unless in Hawaii
or unless the facility is used for the production of electric power with a
heat rate of less than 9,500 Btu/kWh and is capable of converting to
synthetic fuels. Finally, boilers fueled by o0il or gas are denied
accelerated depreciation; such boilers must be depreciated using the
straight 1ine method.

4.1.4 Crude 011 Windfall Profit Tax Act (COWPTA) of 1980

The Crude 011 Windfall Profit Tax Act of 1980 (COWPTA) establishes new
tax incentives for energy efficiency and extends or modifies certain
provisions included in the Energy Tax Act of 1978. Cogeneration equipment
is eligible for tax incentives under the COWPTA as described below.

Between January 1, 1980 and December 31, 1982, the COWPTA provides a
10 percent, nonrefundable energy credit for qualified investments in
cogeneration equipment. Cogeneration equipment is defined as property
which is an integral part of a system which uses the same fuel to produce
electricity and qualified energy. Qualified energy is defined as steam,
heat, or other forms of useful energy (other than electric energy), for
industrial, commercial, or space-heating purposes (other than for
production of electricity).

To qualify for the credit, the equipment must not use o0il or natural
gas or their by-products as fuel for any purpose other than startup, flame
control, or backup. Further, during any taxable year, not more than 10
percent (determined on a Btu input basis) of the fuel can be oil or natural
gas or their products.
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The credit is allowed for equipment installed in connection with an
existing industrial, agricultural,or commercial facility which produced
electricity or qualified energy on January 1, 1980. For purposes of the
credit, the term “industrial facilities" includes water purification and
desalination facilities.

Qualifying equipment must be added to a system to either begin
cogeneration activities or expand existing capacity. The credit will apply
only to the extent that additional or replacement cogeneration equipment
increases the capability of the system to produce electricity or qualified
energy, whichever is the secondary product of the system. For example, if
a facility is presently producing steam for process use as its primary
energy product and electricity as its secondary energy product, a boiler
that merely increases the facility's steam capacity would not qualify.
However, the boiler may otherwise be eligible for an energy credit as an
alternative energy property if it primarily uses an alternate fuel.

The determination of primary and secondary energy product within an
energy using system will be made on the basis of the relative amounts of
energy used by the two functions. In the case of an energy-using system
where the primary energy product is steam, heat,or other useful energy
(such as shaft power) for process or space heating purposes, qualifying
cogeneration equipment includes a turbine and generator to produce elec-
tricity, and also any other equipment up to the electrical transmission
stage. Where electricity is the primary product, qualifying equipment
includes that equipment necessary to recover, distribute, but not to use,
excess energy after the electrical generation function.

The 10 percent energy tax credit may be extended to December 31, 1990,
provided the following criteria are met or apply to a cogeneration project
with a normal construction period of two years or more:

o Before January 1, 1983 the taxpayer has completed all engineering

studies in connection with the commencement of the construction of
the project, and
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e Before January 1, 1986 the taxpayer has entered into binding
contracts for the acquisition, construction, reconstruction, or
erection of equipment specially designed for the project and the
aggregate cost to the taxpayer of that equipment is at least 50
percent of the reasonably estimated cost of all such equipment

which is to be placed in service as a part of the project upon its
completion.

To qualify for the 10 percent energy tax credit, cogeneration
equipment must not be public utility property. Public utility property is
that used predominantly in the trade or business of furnishing or selling
of electric energy and steam through a 1nca1.d15trihutinn system or
transportation of steam by pipeline, if the rates are fixed by a public
body such as a public utility comission. Sale of electricity by cogener-
ators to utilities at rates based on avoided costs pursuant to PURPA does
not disqualify property for the 10 percent energy tax credit.

4.1.5 Powerplant and Industrial Fuel Use Act of 1978 (FUA)

The FUA, passed by Congress as part of the National Energy Act of
1978, was designed to increase the use of coal and other alternatives to
0il and natural gas. The Act prohibits the use of oil and natural gas in
certain new and existing major fuel burning installations (MFBIs) and
powerplants unless ERA grants an exemption for such use. Sections 212(C)
and 312(C) of the FUA specifically provide for exemptions for oil and
natural gas use in eligible new and existing cogeneration systems.

Permanent exemptions for a cogeneration facility may be granted by ERA
upon a finding "that the petitioner has demonstrated that economic and
other benefits of cogeneration are unobtainable unless petroleum or natural
gas, or both, are used in such facility... ."

Cogeneration facilities are classified as either electric powerplants
or MFBIs to determine how the FUA applies. Facilities are defined as
electric powerplants if they produce electric power and more than 50
percent of the electric power they generate annually is sold or exchanged
for resale. Otherwise, cogeneration facilities are considered MFBIs.

The classification of a cogeneration facility as a power plant or an
MFBI can radically alter the applicability and types of fuel use
prohibitions. MNew powerplant cogenerators are subject to prohibitions on
0il and gas use in boilers, gas turbines, and combined-cycle units. New
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MFBI cogenerators are subject to prohibitions on 0il and gas use in boilers
only. Although ERA has authority to issue rules banning oil and gas use in
new MFBI gas turbines, combined-cycle units, and internal combustion
engines, such rules have not yet been proposed.

Existing MFBIs and powerplants are subject to no statutory
prohibitions on oil or natural gas use, but ERA may prohibit such use if
the facility can burn an alternative fuel. The one exception is a
prohibition on oil use for existing powerplants that used coal in 1977.
Such powerplants may not use 0il in excess of the amounts used in 1977
unless a permit is granted by ERA. (See FUA Section 405)

Regulatory Background

ERA has published final rules [see 45 FR 38276 (June 6, 1980)] which
(1) define MFBI, electric powerplant, and cogeneration facility; (2)
describe the prohibitions applicable to new powerplants and MFBI's as well
as the exemptions available; and (3) provide administrative procedures for
applying for exemptions. ERA has also published final rules relating to
the prohibitions against oil and gas use in existing facilities and
exemptions available [see 45 FR 53682 (August 12, 1980)].

Interim rules relating to exemptions for cogeneration facilities were
published in 44 FR 28950, 28994, 29014 (May 17, 1979) and 44 FR 43176,
43204, 43219 (July 23, 1979). However, in a Notice of Proposed Rulemaking
(NOPR) in 45 FR 53368 (August 11, 1980), ERA proposed amending the interim
cogeneration rule. The proposed amendment would establish a statewide
energy 1imit on oil and gas use by cogenerators as a means of encouraging
cogeneration in those regions of the country where there is potential for
0il and gas savings while ensuring that new alternate fuel-fired capacity
would not be deferred. The NOPR also proposed changing the definition of
"electric generating unit" and “cogeneration facility." This change would
prevent certain cogeneration systems from being classified as powerplants
(rather than MFBIs). A new cogeneration facility which is a "powerplant"
would be subject to FUA statutory prohibitions on oil and gas use in new
boilers, gas turbines, and combined-cycle units as well as prohibitions on
the construction of a powerplant without the capability of using an
alternate fuel as its primary energy source. There is no corresponding
statutory prohibition on construction applicable to new MFBIs and the
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statutory prohibition on 01l and gas use by new MFEls applies only to
boilers. Consideration of testimony and public comments on the August 11,
1980,NOPR is proceeding under Docket No. ERA-R-80-24.

On March 25, 1981,the President's Task Force on Regulatory Relijef
announced a list of existing regulations which should be reassessed by
Executive Branch Agencies, including the regulatory program under FUA. As
a result, ERA issued a new NOPR in 46 FR 31216 (June 12, 1981). These
proposed rules would extensively revise previous regulations implementing
FUA to simplify the administrative procedures and exemption criteria
applicable to owners or operators of new and existing powerplants and
MFBIs which are subject to the prohibitions of the Act. For many of the
exemptions, including those for cogeneration, ERA has proposed a stream-
lined procedure which would enable a petitioner to qualify for an exemption
through a simple certification procedure. Consideration of these proposed
changes is proceeding under Docket No. ERA-R-81-06.

Pending the issuance of a final rule, ERA will continue to function
under the 1979 interim cogeneration rules. These interim rules are
published in 10 CFR 503.37 (new powerplants), 504.35 (existing
powerplants), 505.27 (new MFBIs), and 506.35 (existing MFBl's).

Applicability of the FUA and ERA Rules

To determine how the FUA and ERA's implementing rules affect a given
cogeneration facility, the series of questions shown schematically in
Figure 4-2 and listed below should be answered.

o Does the facility use oil or gas as a primary energy source? If no
oil or gas is used or if only minimum amounts are used,* the
facility is not affected by FUA.

o If the facility does use o0il or gas as a primary energy source,
does the facility have a design heat input rate of 100 million
Btu/hr or more? Or is the facility functionally integrated with
other facilities*™ in a system with a total heat input rate of 250
million Btu/hr or more? If the answer to both questions is no, the
facility is not affected by FUA.

*For unit ignition, start-ups, flame stabilization, control,

unanticipated equipment outages, and emergencies resulting fram electric
power outages.

**Units that use less than 50 million Btu/hr are not counted in the
total.
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e If a facility's energy consumption exceeds these thresholds, how
does the facility burn its primary fuel? FUA applies only to
facilities with stationary boilers, combined cycle units, gas

turbines, or internal combustion engines. If a facility uses none
of these, FUA does not apply.

Facilities to which the FUA applies fall into the four classifications
shown below.
e New powerplant. Use of oil or gas as a primary fuel is prohibited,

and the powerplant cannot be built without the capability of using
coal or another alternative fuel.

e Existing powerplants. DOE may prohibit the use of oil or gas if
the facility has the capability of burning coal or another
alternative fuel.

o New MFBIs. If the facility uses a boiler, use of oil or gas is
prohibited. ODOE may also prohibit use of oil or gas in other types
of facilities.

o Existing MFBIs. DOE may prohibit use of oil or gas if the facility
has or could have the capability of burning an alternative fuel.

Cogeneration Exemptions

To qualify for an exemption under the 1979 interim rules, the
electricity generated by a cogeneration facility must constitute more than
10 percent and less than 90 percent of the useful energy output of the
facility. If this test is met, ERA may grant an exemption by reason of
FUA, for cogeneration, if the oil or gas to be consumed by the cogeneration
facility will be less than would otherwise be consumed by units which would
not be expected to use an alternate fuel in the absence of the cogeneration
facility. The essential test is whether the cogeneration facility would
save oil or gas over and above the savings that FUA could reasohably be
expected to achieve.

To facilitate analysis of exemption availability, ERA has categorized
the units which would not be expected to use an alternate fuel by reason of
FUA. First, there are units that are or would be too small to be covered
by the regulations. Second, there are FUA-covered units that are existing
noncoal capable units or exempt units, and are less than 40-years old in
the case of field-erected units and less than 20-years old in the case of
package units. Units that are older than these could reasonably be
expected to be retired soon, and if they were replaced, the use of
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alternate fuels in the replacement unit would have to be considered. If a
cogeneration exemption is granted, and units less than 20 or 40-years old
were included in the calculation of the oil or gas that would have been
consumed absent cogeneration, under the regulation, these would have to be
retired or shut down. Third, there may be units that are not yet
constructed that would be covered by FUA. To include oil and gas from
these projected units in the "otherwise consumed" 0il- or gas-savings
calculation, the petitioner would have to demonstrate that each would be
entitled to an exemption. In addition to these three categories, oil or
gas savings may be attributed to displacing electricity from the grid.
Savings of oil and gas due to displacement of utility electricity must be
based on a l0-year forecast that includes construction and retirement of
utility plants within those 10 years.

The cogeneration exemption in these regulations also contains a public
interest provision. ERA may grant an exemption even if oil or gas savings
could not be demonstrated in certain cases such as where the facility will
employ a technical innovation or where the facility would result in
retaining industry in urban areas.

ERA may also refuse to grant an exemption if it determines that such a
grant would not be in the public interest or in accordance with the
purposes of the Act, notwithstanding the fact that the evidence furnished
to ERA in an exemption petition substantiates that the facility would
otherwise be eligible to receive the exemption.

Exemption Petitions

A petition to ERA for a cogeneration exemption must contain at least
the following evidence:

(1) An engineering description of the cogeneration system including

proposed output and uses thereof, with sufficient detail to ensure
that the facility qualifies as a cogeneration facility

(2) A detailed oil and natural gas savings calculation identifying the
projected oil or natural gas consumption of the cogeneration
facility and the 0il or natural gas that would otherwise be used
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(3) ldentification of the FUA status of the proposed and aisplaced
units with respect to coverage and designation as new, existing,
or exempted age of units, and alternate fuel capability of units

(4) Identification of all persons and their roles in the proposed
cogeneration facility

(5) Where a demonstration is required that the units would be entitled
to an exemption, submission of all evidence required by the
regulations with respect to the applicable exemptions, including
the alternate site showings

(6) In the case of an exemption under public interest provisions,

an explanation of the public interest factors the cogenerator
believes should be considered by ERA.

In addition, the petition must include evidence demonstrating that use
of a mixture of natural gas or petroleum and an alternate fuel is not
economically or technically feasible, as required in 10 CFR 503.9.

Finally, an environmental impact analysis as required by 10 CFR 503.15 must
be included in the petition.

ERA processing of an exemption petition is illustrated in Figure 4-3.

Prepetition Conference

Prior to submitting a petition for exemptions from FUA prohibitions,
ERA encourages owners or operators of affected powerplants and MFBIs to
request a prepetition conference with ERA. The purpose of the prepetition
conference is generally to discuss the applicability of FUA regulations and
the scope of the petition that ERA will accept for filing. Requests for a
prepetition conference should be sent to: Economic Regulatory
Administration, Department of Energy, 2000 M Street, N.W., Washington, D.C.
20461.

Outlook for Cogeneration under the FUA

Revisions to the FUA to make it easier to qualify for a cogeneration
exemption have been considered by ERA.

The set of proposed regulations that ERA published in August 1980 and
June 1981, while considerably easing the difficulties in qualifying for a
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cogeneration exemption, have not been finalized. Consequently, cogenera-
tion exemptions must still be submitted and processed under the 1979
interim rules. Although filing fees are no longer required and the Fuels
Decision Report does not have to be submitted with the application, the
basic qualifying rules remain in effect. Modified rules that are similar
or less stringent than the proposed rules are likely to be approved
eventually.

Since the FUA only affects facilities using oil or natural gas,
prospective cogenerators using alternate fuels should proceed with their
plans. PURPA and the ETA as modified by the COWPTA provide considerable
incentives to develop an expanded industrial cogeneration energy production
base.
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4.2 PRACTICAL EFFECTS ON COGENERATION

The practical effects of the above laws and regulations on
cogeneration must be determined on a case-by-case basis. However, several
general points should be noted by the prospective cogenerator.

o The regulations generally favor facilities burning coal or
alternative fuels. Such facilities are not required to meet
efficiency standards to qualify for PURPA benefits, and are
eligible to receive the regular 10 percent investment tax credit
plus the additional 10 percent energy investment credit. Such
facilities also avoid the regulatory problems associated with FUA.

On the other hand, oil- and gas-fired facilities must meet
efficiency standards to qualify under PURPA, are generally
ineligible for the energy investment credit, and in the case of
boilers, are ineligible for the regular investment tax credit and
accelerated depreciation. These facilities are subject to FUA
regulations if using a boiler or if classified as a powerplant.

¢ FERC rules under PURPA can provide added benefits to a qualifying
cogeneration facility that sells its entire power output to a
utility at an avoided cost-based rate and purchases all of its
power from the utility at normal retail rates. Under ERA rules
implementing FUA, however, such a facility would be classified ag :
“powerplant” and would thus be subject to statutory prohibitions
oil and gas use in boilers, gas turbines, and combined cycles. I
less than half of the electric power output of the facility was
sold or exchanged for resale the facility would be classified as [an
MFEI, and statutory prohibitions on ©il and gas use would apply
only to boilers.

-- O

¢ A cogeneration facility under PURPA is defined as equipment used [t
produce electric energy and forms of useful thermal energy through
the sequential use of energy. The definition of a cogeneration
facility under FUA also requires the production of electric power
and other forms of useful energy. Mechanical cogeneration
facilities producing only shaft power are thus excluded. However|,
under the NGPA, FERC can exempt mechanical cogeneration facilities
from incremental pricing.

=

¢ A cogeneration facility cannot qualify for PURPA benefits if
electric utilities or their affiliates hold more than a 50 percen
equity interest in the facility. Also, cogeneration and other
types of energy property do not qualify for the energy tax credit
if they are considered to be public utility property.

ot

4.2.1 Textile Fiber Plant Example

The effect of the legal and regulatory provisions on the cogeneratign
options considered in Chapters 1 and 2 for Example 1, the DuPont Textile
Fiber Plant and Intermediate Plant in South Carolina, is explored in thig
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section. The three options are (1-A), a nmatural gas-fired combustion
turbine combined cycle system; (1-B), a natural gas-fired combustion turbine
topping existing process heaters; and (1-C), a coal-fired steam turbine
system. Legal and regulatory concerns are among the many factors to be
considered in selecting a cogeneration configuration for a specific site.
The impact of PURPA, NGPA, ETA, COWPTA, and FUA on the DuPont facility
cogeneration options are each discussed below. The coal-fired option
encounters the least problems and would be eligible for the energy
investment tax credit.

PURPA

To qualify for benefits under PURPA, a cogeneration system must meet
certain criteria to determine if the facility is a qualifying cogeneration
facility. A utility or utilities cannot own more than a 50 percent
interest, electrical energy must be produced, and operating and efficiency
standards must be met. All three options meet the first two criteria.

The operating standard, which applies only to topping cycles, requires
that the useful thermal energy output be at least 5 percent of the total
energy output, during any calendar year. The systems run in a steady
state, so the computations may be made based on the hourly output. For
each system, the thermmal output in Btu/hour is calculated for each steam
flow delivered to the process and then summed to determine the total useful
thermal output. The net electrical output is then converted to Btu/hour,
and the thermal output is divided by the sum of the thermal and electrical
outputs (data is taken from Chapter 1, Figures 1-25, 1-27, and 1-28):

I-A. Combined cycle (in ID? Btu/hour):

Yo7 " 8% > 5

1-B. Combustion turbine (in 10° Btu/hour):

4.47

47+ 153 = 76% > 5%

I-C. Steam turbine (in 10% Btu/hour):

5.55
5.5 + 0.38

= 94% > 5%
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steam turbine and generator should qualify under COWPTA, providing the
system is engineered and installed within the time limitations of these
acts.

With the combined cycle option, the unfired heat recovery boiler
probably qualifies as specially defined energy property eligible for the 10
percent energy investment tax credit. For the combustion turbine option,
the supplementary fired heat recovery boiler may not be eligible for the
regular investment tax credit or accelerated depreciation. IRS rulings
would be needed to confimm these interpretations of the acts.

FUA

The Powerplant and Industrial FUA applies only to the use of oil and
natural gas, and so the coal-fired cogeneration option (Example I-C) is not
subject to the act. The other two options are large enough to be covered
by the Act and would be classified as new MFBIs. FUA prohibits burning
natural gas in a boiler for new MFBIs. The combined cycle option (example
1-A) is permitted, since it includes no fired boilers. The combustion
turbine option (Example 1-B) uses a supplementary fired boiler with natural
gas as the supplemental fuel. This facility might be required to obtain an
exemption. To qualify for an exemption, the electricity generated must
constitute between 10 and 90 percent of the useful energy output of the
facility. This facility would qualify (based on Figure 1-27):

1.43 x 10% Btu/hr

= 24%
(4.47 + 1.43) x 10° Btu/hr

For an exemption, the cogeneration facility must save oil or gas over
and above the savings that FUA could reasonably be expected to achieve.
Since this system probably displaces coal at the local utility while
replacing residual oil at the plant, a net oil and gas savings is probably
not achieved.

The granting of an exemption to FUA is somewhat complex. ERA
encourages owners or operators to request a prepetition conference with ERA
to discuss the applicability of FUA regulations and the scope of the
petition, This would be advisable for the combustion turbine cogeneration
option.
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4.2.2 Fine Chemicals Plant Example

In contrast to the previous example, in which the legal and regul atory
aspects of three cogeneration options were explored and contrasted, this
example concentrates on one cogeneration option for the Fine Chemicals
Plant in New Jersey: a slow-speed diesel engine with a supplementary-firad
recovery boiler. The impact of PURPA, NGPA, ETA/ COWPTA, and FUA on this
oil-fired system is ciscussed below.

PURPA

This proposed cogeneration system, which is Example IV from Chapters 1
and 2, produces some electrical power for export. Under PURPA, if the
system qualifies as a cogeneration facility, the utility must purchase the
power at a fair rate, and provide back-up power at a fair rate. To
qualify, a utility or utilities cannot own more than a 50 percent interest
in the facility. Because of a June 1, 1981 FERC ruling, the facility is
not disqualified because it is a diesel system. This system is a topping

cycle and must meet operating and efficiency standards to qualify for PURPA
benefits.

The operating standard requires that the useful thermal output be at
Teast 5 percent of the total thermal output. For this system, based on
Chapter 1, Figure 1-34 data, (in lﬂE Btu/hour):

211.8

T8+ 7985 = /3% > 5%

The efficiency standard requires that the useful power output plus
one-half of the useful thermal output be no less than 42.5 percent of the
energy input in 01l or gas. This yields (in 10° Btu/hour, from Figure
1-34):

79.4 + 105.9
336.5

= 55% > 42.5%

This facility would be a qualifying cogeneration facility entitled to
the benefits under PURPA. Certification as such can be accomplished by
self-certification or FERC certification.
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NGPA

As NGPA only concerns natural gas-fired units, this oil-fired system
is unaffected hy the Act.

ETA/COWPTA

Since this cogeneration system is fueled by oil (including
supplementary firing in the recovery boiler), it is not eligible for the 10
percent energy investment tax credit under either ETA or COWPTA. Under
ETA, the supplementary-fired heat recovery boiler may be denied the regular
investment tax credit and accelerated depreciation since it burns oil,
subject to IRS rulings.

FUA

Under FUA, the diesel cogeneration facility would be classified as a
new MFBI. 0i1 use presently is only prohibited for boilers. Since this
system contains a boiler which does have oil firing, the supplementary
firing may be prohibited by FUA unless an exemption is granted.

To qualify for an exemption under the 1979 interim rules, the
elactricity generated by a cogeneration facility must constitute between 10
and 90 percent of the useful energy output of the facility. This facility
meets this criteria (in 10° Btu/hour, from Figure 1-34):

~ypra e = 21t

The primary test for an exemption is whether the cogeneration facility
would save oil or gas over and above the savings that FUA could reasonably
be expected to achieve. FUA savings could result from fuel switching in
boilers being replaced, new boilers, and savings at the electric utility.
In this case, the fuels displaced at the utility are probably oil and gas,
and so the overall system results in oil and gas savings. All existing
boilers in the plant are burning residual oil and are less than 20 years
old. Indeed, the company has applied for an exemption to FUA, using the
local utility's ten-year projected estimate of marginal oil and gas use
along with the heat rates and use patterns of the existing boilers to
calculate the net oil and gas savings.
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5.0 SYSTEM IMPLEMENTATION CASE STUDY

A case study is presented in this chapter and treated in considerable
detail to illustrate how a potential industrial cogenerator may evaluate
the technical, economic, environmental, and institutional factors involved
in the selection and implementation of a cogeneration system. The case
study in point is that of an integrated pulp and paper mill owned by the
Scott Paper Company. The mill is located in Mobile, Alabama, and produces
B0O tons/day of tissue paper and 600 tons/day of writing paper. The
utility serving the mill is the Alabama Power Company, whose schedule of
avoided costs for cogenerators supplying more than 100 kW has not yet been
filed with the state utility commission. Hearings on that subject are
expected to be held during the fall of 1981. For cogenerators supplying
less than 100 kW, the utility is offering approved energy credits between
2.04 and 2.17¢/kWh. No capacity credits are being contemplated. In 1980,
the utility was essentially 100 percent dependent on coal, nuclear, and
hydro for power generation (Table 5-1).

Table 5-1. Alabama Power Company Fuel Use Profile (1980)

Generation B{ Fuel Typea

Coal ) M
Nuclear 14.5
Hydro 13.7
011/Gas 0o
TOTAL 100

Overall System Heat Rate 10,405 Btu/kWh®

4a1abama Power Co., Annual Report, 1980
PEvectrical World, Directory of Utilities, 1980-81
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Because of the low expected credits to cogenerators, the marginal
increase in the total return on investment due to the addition of capacity
for exporting power is 1ikely to be small. The economically indicated mode
of operation is therefore cogenerated power primarily for internal use.

Another important factor is the local availability and cost of fuels.
Considerations of the relative costs of different fuels in a particular
location, past experience with curtailments or shortages, or expectations
of future cost and availability are frequently dominant elements of a
company's strategic planning of its operations. Such planning may include
capacity expansion, changes in process technology, or changes in product
structure that could substantially affect energy demands at a given
location. Envirommental issues, including Federal and local regulations
and the attainment status of the air quality control region in which the
plant is located, also influence the choice and quality of fuels that can
be used. Taken together, the above considerations could ultimately
determine the type of fuel to be used and thereby establish the particular
cogeneration technology. In the case of the Scott mill, no particular fuel
restriction exists. However, the Company's policy is to become ultimately
independent of petroleum and natural gas fuels and projects a future fuel
mix of 85 percent wood and 15 percent coal. This strategic choice narrows
the options to steam turbine cogeneration.

5.1 ESTABLISHING PLANT ENERGY USE PROFILES

Determination of the pattern of plant energy use is an important step
in the process of identifying possible cogeneration options and analyzing
their relative merits. Careful audits should be conducted of all the types
and quantities of energy supplies and demands. Consumption of electricity
and primary fuel is easily determined from monthly expenditures and the
metering normally available in most plants. More difficult to detemmine
are the steam and hot water flows to the different processes. Such flows
are usually only measured at the source (boiler or water mains) and not at
individual demand centers, although the header pressures are generally
known .

Although it is easier to have a cogeneration system deliver its
thermal energy to the main supply headers leaving the distribution system
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undisturbed, it is frequently possible to deliver the energy more
efficiently in its direct form to the process with only minor
modifications. For example, if steam is used to heat water for process use
(as in the textile or food industries) or for space heating, reduction of
the steam load and delivery of the hot water directly (e.g., from a diesel
or spark-ignited engine) may be possible. For this reason, it is important
to separately identify the end uses by energy form and conditions. All end
uses should be identified taking care to avoid "doublecounting" where the
streams are used more than once in a cascaded fashion--a common practice in
pulp and paper mills, petroleum refineries, and chemical plants.

Waste heat sources should also be included in the audit, particularly
sources at high temperatures that could be used for cogeneration by
bottoming systems. Pictorial diagrams illustrate the overall energy flows
and minimize the possibility of double counting. To complete the
characterization of the plant, it is necessary to determine the seasonal
and daily variations in energy use. This is more conveniently displayed in
the form of graphs, wherein the daily fluctuations in energy demands can be
given for typical working days and weekends. The graphs help to
characterize the cogeneration system and its operation.

For the Scott paper mill, fuel consumption by type and end use are
shown in Table 5-2. The predominant uses are in boilers whose capacities
are listed in Table 5-3. Electrical loads by end use are given in Table
5-4, Four steam turbine generators with a combined capacity of 48 MW
generate part of the power required, and the remainder is purchased from
the utility. The integrated daily and seasonal variations in electrical
and steam consumptions are given in the distribution curves of Figures 5-1
and 5-2. These curves show that electrical demand is fairly flat at about
60 M for most of the year while the process steam demand varies somewhat
around an average of 1.12 x 1n5 1bs/hr. The flatness of the curves
indicates that the plant's steam and electrical demands are fairly constant
during most of the year. This feature is desirable for several reasons,
largely related to economic operation. First, a baseloaded cogeneration
system generally obtains a more favorable avoided-cost rate and is viewed
by the utility as a more reliable system than one whose power output
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Table 5-2. Typical Fuel Input - Paper Mill Case Study

10% Btu/hr PERCENT OF TOTAL PLANT
Boilers
Matural Gas 410 15.6
No. 6 0il 640 24 .3
TOTAL PURCHASED FUEL 1,050 39.9
Black Liquor 930 35.4
Wood Bark 200 7.6
TOTAL BY-PRODUCT FUEL 1,130 43.0
TOTAL BOILER FUEL 2,180 82.9
Paper Machine Hood Dryers
No. 2 0i1 & Natural Gas 110 4,2
Lime Kiln
High S No. 6 011 140 5.3
Purchased Electricity* 200 7.6
TOTAL PLANT FUEL 2,630 100.0

*1 kWh = 10,000 Btu



Table 5-3.

List of Power Boilers, Kilns, Paper Machines, Hoods,
and Turbogenerators - Paper Mill Case Study

STACK OUTLET

USER FUEL CAPACITY TEMPERATURE
#1 Boiler Resid. 011 1/2%S, Nat. Gas 90,0004 /hr 320°F
#2 Boiler Resid, 0i1 1/2%S, Nat. Gas 90,0004/ hr 320°F
#3 Boiler Resid. 01 1/2%5, Nat. Gas 90,000# /hr 320°F
#4 Boiler Resid. 011 1/2%S, Wood Waste 160,000#/hr 350°F
#5 Boiler Resid. 011 1/2%S, Nat. Gas 200,000¢ /hr 350°F
#6 Boiler Resid. 011 1/2%S, Wood Waste 300,000#/hr 150°F
(Scrubber)
#3 Recovery Black Liquor, Resid. 01l B85,000#/hr 320°F
#4 Recovery Black Liquor, Resid. 0il 130,000# /hr 320°F °
#5 Recovery Black Liquor, Resid. 01l 130,0008/hr 325°F
#6 Recovery Black Liquor, Resid. 0il 204 ,000# /hr 350°F
#1 Kiln Resid. 01, MNat. Gas 65 T/D Lime 180°F
(Scrubber)
#3 Kiln Resid. 011, Nat. Gas 65 T/D Lime 180°F
(Scrubber)
#4 Kiln Resid. 0il, Nat. Gas 130 T/D Lime 180°F
(Scrubber)
Machine Distillate #2, Nat. Gas - 650°F
Hoods

Steam Conditions:

575 psig, 740°F, Feedwater Temperature 355°F

Turbogenerators 1 7,500 kW
2 7,500 kW
3 13,500 kW
4 19,500 kW
TOTAL 48,000 kW

5-5




Tabie 5-4.

Electrical Loads - kW - Paper Mill Case Study

MAXIMUM PERIOD AVERAGE MINIMUM PERIOD

Wood Preparation 1,860 1,750 1,642
Continuous Pulping 2,068 1,990 1,789
Batch Pulping 6,154 4,935 3,899
Bleaching 6,503 6,060 5,515
P & C ¥Stock Prep. 4,702 4,735 3,787
P & C ®Machines 13,214 12,110 11,265
/M Pstock prep. 2,626 2,385 2,202
/M "Machines 14,497 13,190 11,774
/M PFinishing 1,905 1,760 1,548
Pulp Dryers 1,190 970 692
Evaporators 759 695 456
Recovery 2,406 2,295 2,157
Causticizing 1,085 855 962
Water 1,976 1,845 1,752
Power Boilers 1,761 1,560 1,385
Waste Treatment 1,205 765 333
Miscellaneous 1,384 1,340 1,258
TOTAL HOUR 61, 305 58, 880 56,017
DAY 1,471,320 1,413,120 1,334,410

Spic = Printing and Converting

Br/m

i

Tissue and Towel
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fluctuates in an unpredictable manner. Second, if significant
fluctuations occur in steam demand and a steam turbine cogeneration system
is used, it becomes necessary to provide for condensation of a portion of
the steam at times when it is not needed.

Depending on the frequency of these fluctuations and the amount of
condensed steam relative to the extracted steam, the cogeneration system
may not satisfy the FERC efficiency criterion and hence may not be eligible
for power sale at the avoided cost if the boiler is fueled with oil or
gas.* In addition, the incremental investment made in the larger size
machine (yielding more power when steam is condensed) and in the condenser
and associated cooling system will be used for only a fraction of the
year, thereby yielding a poor return. A third consequence of fluctuating
power and thermal outputs is loss of efficiency at part load operation.

The average pattern of energy use is obtained fram the energy audit
and the distribution curves. A pictorial representation of that pattern
for the Scott mill (Figure 5-3) is useful in visualizing the overall
pattern of energy production and use and allows the detection of sizeable
flows of throttled steam that could be used to provide power. The
schematic also provides a convenient means of visualizing the cogeneration
system and its interactions with the plant distribution system.

5.2 COGENERATION CONCEPTUAL DESIGN

Scott's policy of becoming independent of o0il and gas would lead the
company to assess the advantages of switching to wood and coal separately
from the merits of cogeneration. Thus, the following questions must be
asked: (1) What is the economic return of switching to wood and coal? and
(2) What additional gains can the company expect from cogeneration?

To answer the first question, it is necessary to determine the
configuration of boilers required for operation; the capital costs of
conversion; and the relative costs of fuel and operation and maintenance.

*This is not applicable to the Scott case wherein the boilers will be
fueled with wood and coal.
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The boiler configuration (in Figure 5-4) consists of converting boilers No.
4 and No. 6 to wood and coal and purchasing a new wood/coal boiler
operating at the main header pressure of 575 psig. The capital costs
associated with this transition and the relative costs of operation and
maintenance are shown in Table 5-5.

To answer the second question, consideration of a specific
cogeneration scheme is necessary. Figure 5-5 shows back-pressure steam
turbines topping the distribution header with the lowest process steam
pressure (50 psig) to obtain as much power as possible by steam expansion
through the turbines.* The power could be further increased by increasing
the turbine throttle pressure. This process, however, requires a higher
pressure and more expensive boiler. The difference between boiler steam
flows in the reference and cogeneration cases is necessary to fully utilize
the newer turbines and maintain the plant heat balance. Turbo-generators
No. 1 and No. 3 are retired., Table 5-5 gives the total capital cost of the
cogeneration system. The difference between this cost and the cost of fuel
switching is the incremental cost of the cogeneration system. Purchased
energy variations from current operation are shown in Table 5-6.

5.3 ESTIMATING ECONOMIC AND ENERGY SAVINGS PERFURMANCE

The economic analysis for the Scott Paper case study considers two
options as noted earlier. The first option is fuel switching alone. In
this case, the economics of converting the existing system (Figure 5-3) to
burn wood waste and coal are analyzed. The energy use pattern reflecting
this option is shown in Figure 5-4. The new system meets all of the
original process steam requirements of Scott Paper. However, no additional
electric power is generated.

The technical and economic data relating to this system are presented
in Tables 5-4 and 5-5 (under wood/coal reference case). The inputs to the
ICOP model to perform the economic analysis are presented in Table 5-7.
Regional energy price forecasts from Tables B-1, B-3, B-4, and B-5 (in
Appendix B) are assumed for the prices paid for electricity, residual oil,
natural gas, and coal, respectively. Wood waste prices were estimated at

¥This option was studied in ICOP as one of the five alternatives and
yielded the highest return on investment.
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Table 5-5. Cost Summery of Case Study (ogenaration System

CAPITAL HJSTSh

ITEM

Wood/ Coal

Raference Case Cost

Cogeneration System

(% mllllons?

Total Cost
($ mililons)

Cogeneratlon System

Incremantal Cost

{5 mIl|lons)

Convert Bollers Mo. 4 and Mo. & o Wood/Coal 7.0 T+0 --
(2) New 250,000 Ib/hr Wood/Coal Bollers 25.0° 57,5 12,5
(2) New 15.0 MW Steam Turblne-Generators — 6.0 6.0
Swltchgear sy 0.2 0.2
Eng Inear Ing 30 3 0.4
Site Preparation, Yard Work, Constructlon 3.0 3.5 0.5
Contingency G 9.0 3.0
Total 44.0 66.6 22.6
ANNUAL OPERATING & MAINTENANCE EXPENSES
f
Maintenance and Expsndables 5 mu.muf $1,100,000 $400,000
1
Burdenad |sbor (@ $30,000/person) 270,000" 350, 000 90, 000
Insurence 90,000 140,000 50,000
$1, 060, 000 $1, 600,000 $440, 000

®All costs are In 1981 dollars 41,250 psig, 890°F

hEﬂﬂmﬂ'ﬂ Constructlon Tima: 4 years ﬂﬂ,tﬂﬂ Cpar at!ing Hours/yr lestimated)

c f
575 pslg, T40°F Tncrease over Current Operatlons
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Table 5-6. Purchasad Fuals and Electriclty - Papar Mil| Case Study

Current Operatlon
Wood/Coal Reference Casa

Wood/ Coal Cogeneration

PURCHASED ENERGY

NG RESIDUAL WOo0 COAL

ELECTRICITY

t10' ZBtusyr)

Hﬂﬁ kWh/yr )

TOTAL COGENERAT ION
CAPACITY (M)

3.002 4,686 1.561 -

- -_— B.193 1. 446

- - 8.679 1.532

167.2

167.2

48.0

42.5

2.6

575




TABLE 5-7. Scott Pepwr - Somple Model Run Sheat

RUN SHEET

RUN NO. §P-=1-2A

CONVERT EXISTING BOILERS TO WOOD/COAL
AND INSTALL ADDITIONAL NEW WOOO/COM. BOILERS

PARAMETERS YARIABLE NAME VALUE OR DEFAULT

TECHN ICAL
CHARACTER ST ICS:

INCREMENTAL FLEL CONSUMPT 1ON, FLELCN 390,000 0.0
(10 Btw'yrl

NET EECT%JG}T‘I' GENERAT 10N HETGEMN Q 0.0
(10 kWh'yr)

UTILITY HEAT RATE C(INCLUDING TAD LOSSES) HTRATE o 0.0
(Bru/kWh?

SYSTEM COSTS:

CAPITAL INVESTMENT CAPINY 44,000,000 0.0
(5 In 1985)

CONSTRUCT ION COST DISTRIBUT ION -
PER10DS OF OQOMSTRUCT ION NPER 16 0
PER |005 PER YEAR | PER 4 0
CONSTRUCT ION FRACTION PER PERIOD FOONST 0.0625 0.0

OPERAT |ONS & MAINTENANCE COST, INITIAL DANDM 1,386,130 0.0
($/yr In 1985)
Q&AM COST ESCALATION RATE OMRATE 0.0M 0.0
{ Fractlon) e = A
SALVAGE YALLE SALVAG L] 0.0
53

ENERGY COSTS:

INCREMENTAL FLEL QOST, INITIAL FLEL =42,821,220 0.0
($/yr In 1985)

INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.1350 0.0
{Fraction)

ELECTRICITY COST, IMITIAL ELECT ] 0.0
($/yr In 1985)

ELECTRICITY COST ESCALATION RATE ERATE ] 0.0
(Fraction)
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TABLE 5-T. SCOTT PAPER - MODEL RUN SHEET (CONTINLED)

RUN SHEET (Continued]

FINANC IAL PARAMETERS:

DISCOUNT RATE DI SRTE 0.20 0.2
( Fraction)

DOW NP ATMENT DwW NPMT 1.0 1.0
{Fractlon)

LOAN LIFE LIFLON o 12
(lp To 40 Years)

SYSTEM LIFE LIFSYS 12 12
(lp To 40 Years)

INTEREST RATE IRATE 0 0.2
{ Fractlion}

INCOME TAX RATE THRATE 0.48 0.48
( Fraction?

TAX CREDIT RATE TAXCRD 0.20 0.2
(Fraction)

INSURANCE RATE INS 0.002 0. D05
{Fractiom

INSURANCE ESCALATION RATE INSRAT 0.071 0.0
(Fraction}

PROPERTY TAX RATE PCTAX 0.029 0. 025
(Fraction)

PROPERTY TAX ESCALATION RATE PCRATE o071 0.0
(Fractlion)

DEPRECIATION LIFE EPYRS 3 -]
(b To 40 Years)

DEPRECIAT ION MODE MODDE P i) 3

=1 = SUM=-OF=-YEARS-DIGITS

= 2 = STRAIGHT LINE
DOUBLE DECL INING BALAMCE
= 150% DB/SL

175% DB/SYD

2008 DB/SYD

=

A o s
1]
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SD.BZIlﬂE Btu in 1985 based on the cost of alternative disposal and were
assumed to escalate at the inflation rate. The IRR for this system is
calculated as 38.4 percent, which exceeds Scott's hurdle rate (17 percent)
by a significant margin.

The second option (Figure 5-5) is fuel switching plus 14,900 kW of new
cogeneration. This option is analyzed in two ways: (1) by computing the
IRR on the incremental capital investment and operating costs over and
above the costs of fuel switching alone, and (2) by computing the IRR on a
total cost basis as compared with the existing plant. Technical and
economic data for the analysis are presented in Tables 5-5 and 5-6, and
inputs to the ICOP model for the two analysis methods are shown in Tables
5-8 and 5-9, respectively.

Viewed on an incremental basis the cogeneration investment produces an
IRR of 17.3 percent while the IRR for the same system on a total cost basis
is 33.4 percent. Economic and energy savings results for the cases
analyzed are summarized in Table 5-10.

The results show that the economic savings resulting from switching
from oil and gas to wood and coal is the dominant factor in the investment
options. The marginally acceptable IRR for the incremental cogeneration
case occurs primarily because credit cannot be taken for conversion to
lower cost fuel when the system is viewed on an incremental cost basis.
The increased capital cost for larger higher pressure boilers and
cogeneration equipment might thus be considered a marginal investment for

this plant, which is located in a region where electricity prices are
relatively low.
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TABLE 5-8. Scott Paper Wood/Obal Oogeneration - Sample Model FRun Shest

RUN SHEET

RUN ND. SP=1-28

31,300 kW WOOD/COAL STEAM TUREINE
TOPPING DISTRIBUTION HEADER
Cincremental Cost Basis)

PARAMETERS VAR|ABLE NAME VALUE OR DEFAULT

TECHNICAL
CHARACTER |ST 1CS:

INﬂiBEINTEL FIEL CONSUMPT ION, FLELCN 572,000 0.0
(10" Btufyr)

NET ELECTRICITY GEMERATION MNETGEN 119.2 0.0
(10 kWh'yr)

UTILITY HEAT RATE (INCLUGING TAD LOSSES) HTRATE 11,153 0.0
(BtuskWh)

SYSTEM COSTS:

CAPITAL INVESTMENT CAPINY 22 ,am,nm 0.0
(§ In 1985%)

CONSTRUCTION COST DISTRIBUTION -
PERIODS OF QONSTRUCTION NPER 16 0
PERIODS PER YEAR IPER i o
CONSTRUCTION FRACTION PER PERIOD FOONST 00625 0.0

OPERAT |ONS & MAINTEMNANCE COST, INITIAL DANDM 700,210 0.0
($/yr In 198%)

OAM COST ESCALATION RATE OMRATE 0.0M 0.0
{Fraction)

SALYAGE VALLE SALVAG 0 0.0
(51

ENERGY COSTS:

INCREMENTAL FLEL COST, INITIAL FLEL 696,940 0.0
t$/yr In 19851

INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.0B59 0.0
{ Fraction)

ELECTRICITY COST, INITIAL ELECT -1,771 ,840 0.0
(5/yr In 1985)

ELECTRICITY COST ESCALATION RATE ERATE 0.083% 0.0
{Fraction)
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TABLE 5-8. SCOTT PAPER WOOD/COAL COGENERATION = MOCEL RUN SHEET (CONT INLED)

RUN SHEET {Continued)

FINANCIAL PARMMETERS:

DISCOUNT RATE DISRTE 0.20 0.2
{Fraction)

DOW NPAYMENT D NPT 1.0 1.0
(Fraction)

LOAN LIFE LIFLON ] 12
(lp To 40 Years)

SYSTEM LIFE LIFSYS 12 12
(lp To 40 Yaars)

INTEREST RATE IRATE 0 0.2
{Frection)

INCOME TAX RATE THRATE 0.48 0.48
( Frection)

TAX CREDIT RATE TAXCRD 0.20 0.20
(Fractlon)

INSURANCE RATE INS 0 .002 0.005
( Fractlon)

INSURANCE ESCALATION RATE INSRAT 0071 0.0
{Fraction)

PROPERTY TAX RATE PCTAX 0.025 0.02%
{ Fract lon)

PROPERTY TAX ESCALATION RATE PCRATE 0.0M 0.0
{Fraction)

DEPRECIATION LIFE DEPYRS 5 5
{Up To 40 Years)

DEPRECIATION MOCE MODDE P 5 5

= |1 = SUM-OF-YEARS-DIGITS
= 2. = STRAIGHT LINE

= % - COUBLE DECLIMNING BALANCE
= d = '!!ﬂi DRSSl

=5 - 1758 DB/SYD

= 6 = 200% DB/SYD
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TAELE 5-8. Scott Papar Wood/(oal Cogeneration - Semple Model Run Sheet

RUN SHEET

RIN ND. 57-1-2C

31,300 kW WOOD/COAL STEAM TURBINE
TOPPING EXISTING DISTRIBUTION HEADER
(TOTAL COST BASIS)

PARAMETERS VAR ABLE NAME VALUE ©OR DEFAULT

TECHNICAL
CHARACTER ISTICS:

IHE-FE#EHTE.L FLEL CONSUMPT ION, FLELCH 962,000 0.0
(10" Btulyrd

NET ELECTEIGITY GEMERAT ION METGEN 119.2 0.0
{10 kWh'yr)d

UTILITY HEAT RATE (INCLUDING TAD LOSSES) HTRATE 1 I1H 0.0
{BtuskwWhi

SYSTEM COSTS:

CAPITAL INYESTMENT CAPINV B&EBO-DIDM 0.0
(% In 1985)

CONSTRUCT ION COST DISTRIBUT ION -
PERIODS OF CONSTRUCTION MNPER 16 0
PERIODS PER YEAR IPER 4 o
CONSTRUCT |ON FRACTION PER FERIOD FOONST 00625 0.0

OPERAT IONS & MAINTEMANCE COST, INITIAL DANDM !.Eﬂﬁ:ﬁ'l 0.0
{$/yr In 1985)

OLM COST ESCALATION RATE OMRATE 0.07 0.0
{ Fraction)

SALVAGE VALLE SALYAG 0 0.0
(51

ENERGY COSTS:

INCREMENTAL FLEL COST, IMITIAL FLEL =42,124 ,280 0.0
($/yr In 1985)

INCREMENTAL FLEL COST ESCALATION RATE FRATE 0.1557 0.0
{ Fractlon)

ELECTRICITY COST, INITIAL ELECT =7,.171 ,840 0-0
($/yr In 1985)

ELECTRICITY COST ESCALAT|ON RATE ERATE 00855 0.0
{Fraction)




TABLE 5-9. SCOTT PAFER WOOD/COAL COGEMERATION - MODEL RUN SHEET (CONTINLED)

RUN SHEET (Continumsd)

FINANCIAL PARAMETERS:

DISCOUNT RATE PISRTE 0.20 0.2
( Fraction)

DOW NP ATMENT DWHPMT 1.0 1.0
{Fraction) TN

LOAN LIFE LIFLON 0 12
{Up To 40 Years)

SYSTEM LIFE LIFSYS 12 12
(Up To 40 Years)

INTEREST RATE IRATE 0 0.2
{Fraction)

INCOME TAX RATE TERATE 0.48 0.48
{ Fraction)

TAX CREDIT RATE TAXCRD 0.20 0.20
{ Fr actlon)

INSURANCE RATE INS 0..002 0. 005
(Fraction)

INSURANCE ESCALATION RATE INSRAT 0.07 0.0
{Fraction)

PROPERTY TAX RATE PCTAX 0075 0.0
(Fraction)

PROPERTY TAX ESCALATION RATE PCRATE 0.071 0.0
{ Fraction)

DEPRECIATION LIFE CEPYRS ) )
(Up To 40 Year sl

DEFRECIATION MODE MOOCE P 5 5

= 1 = SIM-OF-YEARS-DIGITS
= 2 = STRAIGHT LINE

= 3 - DOUBLE DECLINING BALANCE
= 4 - 1508 DB/SL

=5 - 1753 DB/SYD

= 6 - X003 DB/SYD
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Table 5-10. Economic Performance and Energy Savings

IRR PLANT ENERGY UTTILITY ENERGY NET ENERGY

SYSTEM (%) SAVINGS SAVINGS SAVINGS
(10*2 Btu/yr) (102 Btusyr) (102 Btu/yr)

Ceal/wood
Reference 38.4 -0.39 0 -0.39
Cogeneration
(incremental
over fuel
switching) 17.3 -0.57 +1.32 +0.75
Cogeneration
(over existing
operations) 33.4 -0.96 +1.32 +0.36

5.4 ENVIRONMENTAL ANALYSIS AND COMPLIANCE

A preliminary assessment of air pollution emissions from the paper
mill can be made using methodology similar to that illustrated in Chapter
3. Results are as shown in Table 5-11. Considering fuel switching alone
with no new cogeneration, particulate, carbon monoxide, and hydrocarbon
emissions each increase while sulfur and nitrogen oxide emissions decrease.

The increase in particulates results from the large amount of
non-combustible material in wood as compared with natural gas and o0il.
Carbon monoxide and hydrocarbon emission are higher with wood because of
lower operating efficiencies, since the composition of the wood can vary
significantly. The emission factors used are based on several varieties of
wood and waste bark, and actual emission levels can best be determined by
emissions testing. The decrease in sulfur and nitrogen oxides is due to
the minimal amount of sulfur contained in wood and lower nitrogen content
than in either o0il or gas.

The paper plant is located in a non-attainment area for ozone, and
part of Mobile County is classified as non-attainment for particulates.
Emission increases of over 100 tons/year of criteria pollutants in non-
attaimment areas require emission offsets fram other facilities. Although
hydrocarbon emissions increase by over 300 tons/year, the majority of
hydrocarbon emissions from fuel combustion sources are composed of methane
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Table 5=11. Alr Pollution Emission Changes
Due to Fusl Switch and Cogenaration Options
Emlssions In Tons/Year

Net Change Batween MNet Change Betwsan  Net Change Betwoen

Existing Fusl Fuel Switch Fuel Switch and Cogeneration and Cogeneration and
Emiss|ans Switch with Cogeneration Exlsting Operatlons Exlisting Oparations Fuel Switch
b

TSP 207 483 511 +276 +304 +28

'502 1300 1247 1321 =53 + 21 +74

!IJ! 1344 1300 1378 = 44 + M +78

co 197 525 556 +328 +359 +41

HC 14 503 533 +109 +419 +30

b

ASSUMPT IONS

1+« Existing omlssions based on emission factors in Alr Pollution Emission Factors, AP-42, through supplement 10, U.S.
Environmental Protection Agency, February 1980.
2. Fesidual ofl hes =sulfur content of 0.5%
3. MNew boiler used In fusl switch and cogenaration moets
NSPS for steam cogenerators (Section 3.1)

h'f‘? = Total Suspended Partlculates



which is a non-reactive pollutant in ozone formation. Therefore, an offset
would not be required. For particulates, if the plant is located in the
non-attainment portion of the county, an emission offset of greater than
276 tons/year would be needed from another particulate emission source in
the region. If the plant is located in the attainment portion of the
county, but could still adversely impact the non-attaimment area, an offset
would still be necessary. If the non-attainment provisions are not appli-
cable, the plant would be subject to the PSD requirements for particulates,
carbon monoxide, and hydrocarbons as each is emitted in excess of 100
tons/year.

The increased emissions from cogeneration over fuel switching alone
are minimal since the cogeneration system increases fuel use by only 6
percent. There would be no additional permit requirements for the
cogeneration system since the emission of all pollutants is less than 100
tons/year, and permits would have been covered under the non-attainment or
PSD provisions as described above.

5.5 LEGAL AND REGULATORY FACTORS

The cogeneration system examined in this case study should receive
favorable treatment under the laws and regulations currently in effect.
Since the system burns wood and coal, it does not fall under FUA
jurisdiction. The new boiler/steam turbine cogeneration system would be
eligible for the regular 10 percent investment tax credit and accelerated
depreciation which under the Energy Tax Act (ETA) would be denied for
boilers fired by oil or gas. In addition the new cogeneration system,
which expands existing cogeneration capacity, would be eligible for the
additional 10 percent energy tax credit under provisions of the Crude 0il
Windfall Profit Tax Act (COWPTA). The conversion of the existing power
boilers from oil- and gas to wood- and coal-firing would also receive the
additional 10 percent energy tax credit since the conversion equipment
would fall within the definition of "alternate energy property" under the
ETA.

Under the Public Utility Regulatory Policies Act (PURPA), the system
would be classified as a topping-cycle facility, and since none of the
energy input is gas or oil, only the Operating Standard must be met for
certification as a qualifying facility. This standard, which requires
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that the useful thermal energy output of the facility be no less than 5
percent of the total energy output, is easily met by the system. Upon
certification, the facility would be entitled to PURPA benefits including
non-discriminatory treatment by Alabama Power Company and exemption from
certain state and Federal regulations.

5.6 COGENERATION PRELIMINARY DESIGN

The decision of whether to proceed with a cogeneration project is
largely based on the ROI determined from a preliminary analysis and design
of the system. That ROl is usually within a few percentage points of that
obtained from more detailed studies. Projects having ROls that are
marginal relative to a Company's requirements need not be shelved, as
variants of the options may be considered that yield higher returns. In
addition, it may be possible to considerably increase the ROI by utility
participation in the project or by a third party ownership scheme. Hence,
projects yielding marginal to high ROI's should generally be considered as
candidates for further study.

The selection of a consulting engineering firm is a necessary first
step if expertise within the company is not available. This may be done by
direct contact and/or by competitive bidding on a Request for Proposal
(RFP). Some utilities are willing to jointly finance such studies for
potential cogenerators or actually perform the studies themselves. If an
RFP is written, it should contain as much information on the plant's energy
uses as possible. The work to be done should be clearly delineated in a
Statement of Work (S5.0.W.), which should include at least one site visit
for familiarization with the plant's layout and its particular
circumstances.

Site visits also permit closer estimates to be made of the costs of
installation and retrofitting and thus help avoid unanticipated cost
overruns. Preliminary discussions should be held with the serving utility
to determine the avoided costs, and economic analyses should be made of
several system options if possible to evaluate their relative merits.
Energy savings should be estimated and an assessment made of the systems'
compliance with environmental regulations and FUA restrictions. The S.0.W.
should also require that a written report and presentation be made to the
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Company's engineers and management. Depending on the size and complexity
of the installation, the preliminary study can generally be completed in 2
to 12 weeks.

5.7 STEPS IN SYSTEM IMPLEMENTATION

If the results of the preliminary study are positive, the next step is
to conduct a detailed study with preliminary engineering of the system
including detailed system schematics and energy balances, site and system
layouts, and preliminary specifications of all of the major components of
the system. Cost estimates should be prepared based on vendor quotations
as well as costs of detailed engineering, site preparation, installation
and construction, and operation and maintenance. Construction time should
be estimated and care should be exercised to include escalation costs
during construction and all costs of grid interconnection. The system
should be assessed for envirommental compliance and satisfaction of the
FERC operating standard and efficiency criterion. An economic analysis
based on estimated costs should be performed and an assessment made of the
effect on the ROI of different ownership and financing schemes.

In summary, the steps between the conceptualization of a cogeneration
system and the final implementation of the project involve the consider-
ation of technical, economic, and reqgulatory issues. These steps are
summarized in Table 5-12 for convenient reference.
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Table 5-12. Steps in System Implementation

PRELIMINARY EVALUATION

Determine Avoided Costs Obtainable from Serving Utility

Determine Plant Energy Demands

Select Appropriate Cogeneration Technologies, Sizes, and Configurations
Prepare Energy Balances and Determine Power Outputs, Fuel

Consumptions, and Emissions

Evaluate Energy Savings

Assess Compliance with FERC, EPA,and FUA Regulations

Estimate Capital and Operation and Maintenance Costs

Evaluate ROIs

PRELIMINARY DESIGN AND ENGINEERING

Same as above with following additions:

Prepare Detailed System Schematics, Energy Balances, and Site and
System Layouts

Prepare Preliminary Specifications of all Major Components

Estimate Construction Time

Obtain Vendor Quotations for Equipment

Estimate Costs of Detailed Engineering, Site Preparation, Installation
and Construction, and Operation and Maintenance

Estimate Cost Escalation during Construction

Evaluate Effects of Ownership and Financing on ROl

FINAL ENGINEERING DESIGN AND CONSTRUCTION
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THE COGENERATION OPTION ADOPTED BY SCOTT

Subsequent to the ICOP study, Scott has embarked on an energy
conservation program that has significantly changed its pattern of energy
use. The cogeneration system currently being pursued involves substantial
modifications in the equipment of the power plant and operation at a much
higher (1420 psig) main header pressure. Power boiler No. 6, recovery
boiler No. 6 and turbo-generator No. 3 will be retained. All other power
boilers, recovery boilers,and turbo-generators will be retired. A new
large coal/wood-fired boiler and a new large recovery boiler will be
installed. A new single-extraction (310 psig)/back-pressure (55 psig)
steam turbo-generator will produce 32.5 MW. An additional 29 MW will be
generated by a new double-extraction (145 psig/55 psig) condensing (2
inches of mercury) steam turbine. Turbo-generator No. 3 will produce 5.8
MW giving a total of 67.3 MW and allowing the plant to become
self-sufficient in power at a higher production level. The total system
cost is estimated at about $250 million.
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APPENDIX A

CONVERSION FACTORS, BASIC EQUIVALENTS,
ENERGY CONTENT OF FUELS, ENERGY EQUIVALENTS



TEbTE A.-]- "

English - Metric (S1)® Conversion Factors

To Convert From To Multiply By
Atmosphere (Atm) Pascal (P) 101.325b
(or 1 Newton/metre)
Barrel (bbl) Metre® (m°) 0.158987
British Thermal Unit (Btu) Joule (J) 1,055,06
Kilocalorie (kCal) 0.251996
Btu/bb1 Joule/Metre® 6,636.10
Btu/ft Joule/Metre’ 37,258.9
Btu/Kilowatt-Hour (kWh) Joule/Joule 0.000293
Btu/short ton (2,000 1bs) Joule/Tonne 1163P
Foot (ft) Metre (m) 0.3048"
Gallon (231 m°) Metre® (m°) 0.00378541
Litre (L) 3.78541
(U.S.) Horsepower Metric Horsepower 1.01387
Kilowatt (kW) 0.745700
Inch (in) Centimeter (cm) 2.54°
Kilowatt (kW) Metric Horsepower 1.35962
Kilowatt-Hour (kWh) Joule (J) 3,600,000°
Pound Force (1bg) Newton (N) 4.44822

Pound Mass {1hm]

Pound per Square Inch (psi)
Short ton (2,000 1bs)

Kilogram (kg)

Pascal (P)

Tonne

0.45359237°

6,894.76
0.907185

d
b Exact Value

Systeme International”
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Table A-2.

Basic Equivalent

EQUIVALENT
MEASURE BRITISH/U.S. 8.k

WEIGHT

1 short ton 2000 1bs 907 kg

1 metric ton 1.102 short tons 1000 kg

1 long ton 1.120 short tons 1016 kg
CRUDE OIL (AVERAGE GRAVITY)

1 bb] 42 U.S. gal 0.159 m°

159 Vlitres

1 bbl 0.136 metric tons 136 kg

1 metric ton 7.33 bb 1.165 m3

1 short ton 6.65 bbl 1.057 m
URANIUM

1 short ton [UaﬂB} 0.769 metric tons uranium 769 kg

1 short ton (UFg) 0.613 metric tons uranium 613 kg

1 metric ton IUFE} 0.676 metric tons uranium 676 kg
OTHER

1 therm 1x10° Btu 105.5x10%
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Table A-3.

Aggregate Heat Content Of Fuels

EQUIVALENT
FUEL BRITISH/U.S. e,
PETROLEUM
Crude 071 5.820 x 10° Btu/bbl 38.62 x 10° y/m’
Gasoline 5,253 x 10° Btu/bbl 34.86 x 107 J/m°
Jet Fuel 5.600 x 10% Btu/bbl 37.16 x 107 J/m°
Distillate Fuel 011  5.825 x o Btu/bb! 38.66 x 10° I/’
Residual 011 6.287 x 10° Btu/bb 81.72 x 107 3/m®
NATURAL GAS
Natural Gas Liquids  4.011 x 10° Btu/bbl 26.62 x 10° J/m°
Natural Gas 1.032 x 105 Btu/1000 Ft  38.45 x 10° a/m’
COAL
Steam Coal:

Average Consumption
Production by Rank
Bituminous
Midbituminous
Subbituminous
Lignite
Metallurgical Coal
ELECTRICITY CONSUMPTION

22.5 x 10% Btu/short ton

23,80
21.80
18.33
13.00
27.00
3,412

X luﬁ Btu/short ton
x lﬂE Btu/short ton
x 10% Btu/short ton

x 10°

Btu/short ton
X lﬂﬁ Btu/short ton

Btu/kWh

26.2 x 1n9 J/Tonne
27.68 x 107 J/Tonne
25.35 x 107 J/Tonne
® 10g J/Tonne

x 1Elg J/Tonne

21.32
15.12
31.40 x 10° J/Tonne

3.6 x 10% J/kWh
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Table A-4. Electricity Conversion Heat Rates For Existing
Plants In Base Mode

HEAT RATE
FUEL BRITISH/U.S, $:1s
COAL
Bituminous 8,900-12,300 Btu/kWh  9.40-12.96 x 10° J/kwh
Subbituminous i
% Lignite 10,400-13,980 Btu/kWh  10.98-14.76 x 10° J/kun
GAS 9,800-12,200 Btu/kWh  10.33-12.85 x 10° J/kuh
0I1L 9,700-14,000 Btu/kWh  10.22-14.76 x 10° J/kkh
NUCLEAR STEAM-ELECTRIC 10,000 Btu/kwh 10.59 x 108 J/kuh
HYDROELECTRIC 10,389 Btu/KWh 10.94 x 10° J/kun
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APPENDIX B

FUEL AND ELECTRICITY PRICE FORECASTS:
BEST, LOW, AND HIGH PRICE SCENARIOS




Table B-1.

NENG
MATL
SATL
ENC

WhC

ESC1
ESCZ2
WS 1
WsC 2
HTN1
MTNZ
MTHNZ
FAL

us

NENG
MATL
SATL
ENC
WHC
ESC1
ESCZ
WsC1
WsC2
MTHN1
MTNZ
MTNZ
FAC
L=

NENG
MATL
SATL
ENC

WINC

ESC1
ESCZ2
WaC1
WsCZ2
MTN1
MTNZ
MTN3
FAC

1978

3.54%
3. 181
2.744
2. 780
2,768
2.280
2.494
2.322
2.220
3. 143
1.515
2.764
2,143
2,593

19846

9.217
8.268
7670
T.&670
2.441
T.297
7393
8.398
2.445
¥.236
5.453
B8.171
7.2%0
7.803

1993

17.315
15.745
15.181
12.851
13.772
13.1635
13. 460
18.615
18. 461
15. 448
10.570
14,383
13.502
14.712

Best Cas

e

Average Annual Industrial Electricity Prices by Region
(cents per kiWh)

1979

4. 065
3. 470
Z2:910
2.993
2,969
2.46321
2.912
2,423
2.570
3. 928
o752
3.096
2.254
Z.850

1987

10,128
8.944
8.4608
8.4%0
¢.389
B.222
2.351%
. 4690
P.736
10.184
&.151
2.099
8.218
8.731

1994

19.187
16.982
16,364
13.483
14.472
13.5623
13.920
20,127
20.173
16.532
11.017
15.447
14.566
15.704

1980 1921 1982 1982 1984
4.860 &.011 LH.894 &.845 T7.477
4,330 S5.253 S5.949 &6£.353 7.063
3.59y 4,431 4.942 S.5%94 &.179
3.586 4.214 4.918 S5.532 6.003
3.5784 4.199 S.110 S.4696 &.427
3.218 3.849 4,420 S.148 S.642
2.4615 4.1446 4,916 S.4465 5,959
2.002 3.675 4,384 5.105 5E.962
3.048 3.722 4.431 S.152 4.009
4.874 S5.705 $.334 7.042 T.700
2.074 2,766 3.305 3.645 4,153
3.788 4.619 5.249 5.957 &.614
2.907 3.739 4.348 5,076 5.733
3.482 4,220 4.890 5.487 b6.107

1988 1989 1990 1991

11.039 12.770 14.475 14.931

10,200 11.017 12.147 13.549

2.,&55 10,537 11.596 12.936

2,085 9.883 10.530 11.477

10,1866 10.942 11.593 12.450

2.160 10.256 10.978 12.180

9.457 10.553 11.275 12.477

11.251 12.570 13.849 15.939

11.297 12.617 13.916 15.985

11.175 11.975 12.827 13.837

5,989 8.102 8.909 9.702

10.090 10.890 11.742 12.751

2.209 10,009 10.861 11.870

9.744 10.713 11.652 12.911

1995
19.214
18.24&8
17.754
14,703
15.223
14,238
14,535

21.788

21.834

18.011

12. 4446
16.925
16,045
16.964

B-1

1985

B8.271
7.593
b.722
L8624
7.017
L. 225
6.522
&, P43
&6.989
8,298
4,741
7:213
&, 332
5. 753

1992

16,4600
14,562
14,055
12.235
13.107
12.824
13.121
17.204
17.250
14,554
10,073
13.76%
12.888
13.860



Table B-2.
1978
NENG 2.775
MATL 2.745
SATL 2Z2.4698
ENC 2.719
N 2,528
ESC] 2. T72T
ESC2Z 2.4648
WsSC1 2.336
WsC2 2.336
MTN1  2Z.444
MTNZ 2X.472
MTNZ 2,444
Fai 2692
L= z2. 682
19846
WENG 12,776
MATL 12.7246
SATL 12.418
YENC 12.514
WNC 12.097
ESCY  12.552
‘ESCZ 12.282
W1 10.751
WL 2 10. 751
MTHIL 11.344
MTNZ 11.381
MTHNS 11.344
‘FAC 12.393
ws 12.244
1993
NENG 27.714
MATL 27.&07
SATL 26.938
ENC 27.152
WNC z2&.241
ESC1 27.232
ESC2 26.4643
WSC1 223.323
WSC2 23.323
MTNL 24.&08
MTNZ 24.488
MTNZE 24.408
FAC 246,884
L= 26,777

Best Case

Average Annual Industrial Distillate Fuel
(do1lars per million Btu)

1979 1980
4,172 S.970
4.156 S.947
4,055 S5.803
4,087 S5.84%9
2.9230 5,853
4.0%% 5,866
4.011 5,739
3.511 S5.024
3.511 S.024
3.704 5.301
3716 S.318
S.704 5,301
4.047 S5.791
4.021 S.748

19€1

T T29
7.5699
7.8913
T.972
7.318
7:.595
7.420
6.504
6.504
6. 863
6. 885
G BEZ
7.4898
7.4848

1982

H.462
8.42%
8.225
8.2%90
8.012
2.215
8.135
7.121
7T.121
7913
7.538
7.913
&.208
B.176

1983

V. 202
P.216
8.%92
V. 064
8.7460
2. 091
g.894
7.786
7T.786
8.215
G.242
8.215
B.975
8,939

Prices by Region

19684

10.245
10. 2046
7. 958
10,037
7. 701
10, 067
. 849
8.4622
2.622
2.097
9.127
¥.097
9. 939
9. 899

1985

11.444
11.400
11.124
i1.212
10.83&6
11. 245
11. 002
¥.631
2.6321
10,142
10.195
10,1462
11.102
11.057

1987 19ag 1989

14.319 16.06% 18.004
14.263 16.007 17.935

13.917 15.41
14.028 15.74
13.558 15.21
14.06% 15.79

2 17.500
3 17.563%9
& 17.047
0 17.691

123.765 15.448 17.308
12.050 13.523 15.151

12.050 13,52

3  15.151

12.714 14,268 15.986

12,7353 14.31
12.714 14,26

S 14,022
82 15.986

13.890 15.588 17.465
12.824 15.526 17.395

1994 1995

30.621 33.69

9

30,502 33.568

29.763 32.75
29.999 33.401

4
2

28.994 31.908

30.088 33.11

2

29.437 32.39%6

25.769 28.35
25.769 2B.35
27.18% 29.92
27.278 30,01
27.189 29.92
29.704 32.68
249.585 32.55

P
9

2
9

2

o
&
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1990

20.148
20.070
19.584
19.739
19.078
19.798
19.370
14,9546
16,956
17.8%90
17.94%
17.890
19.545
19.447

1991

22.517
22.430
21.886
22.060
21.321
22.126
21.647
18, 94%
18.94%
19.994
20,059
19.994
21.843
21.756

1992

25.0328
24,942
24 .337
24,530
23.708
24,5603
24.071
21.071
21.071
22.232
22.305
22,232
24,288
24,192



Table B-3.

NENG
HMATL
SATL
ENC

WNC
ESC1i
ESC2
WeL 1
Wac2
MTN1
MTNZ
MTNS
PAC
us

NENG
MATL
SATL
ENC
WNC
ESC1
ESCZ
WsC1
WSC2
MTN1
MTNZ
MTNZ
FAC
s

NENG
MATL
SATL
ENC
WnC
ESC1
ESC2
W31
WsCe
MTN1
MTNZ
MTNZ
FALC
us

Best Case

Average Annual Industrial Residual Fuel Prices by Region
(dollars per million Btu)

1978

2,097
2.17&
2.014
2.058
1.951
2'006
1.856&
1.81%
1.81%
1.85=
1. 933
1 .858
2. 028

1986

F.617
. 981
9.237
¢.442
85.949
¥.200
. o12
5.344
£.344
g.521
£€.865
a.521
2.140
¥.302

1993

20. 407
21377
19.598
20,032
18,984
19.519
18,059
17.703
1 7. 703
18.078
18.809
18,078
17.26%9
19.736

1979

3.071
a.186
2.94%9
3.014
£.857
2. 937
2.717
2. 644
2.86564
2.720
2.830
2. 720
2.3%98
2. 970

1967

10,743
11.148
10,217
10,544
7. 990
10.276
¢.507
¥.320
9.320
9.517
9.902
F.517
#.091
10.3%0

1994

22.484
23.332
21.592
22.071
20.918
21.505
12.896
19.505
19.505
19.918
20.723
12.918
19.027
21.745

1980 1981 1982 1983 1944
4,293 5.505 6.070 &.755 7.533
4. 454 "'S. 713 6,299 T7.010. - 7.917
#.122 5,287 %S.830 6.487 7T.254
4.214 5.8404 5.959 b6.631 7.394
3.994 $5.122 8.688 6,285 7.008
4,104 S.266 S.806 6.861 T.205
3.799 A4.872 S5.372 S5.978 b&L.86866
3.728 4.776 S5.266 S.860 6,535
3.728 A.776 5.266 TS.BH0 6£.535
3803 4.877 S5.378 5.984 bLH.4673
3.9556 5,074 5.595 L.224 6.943
3.803 4.877 S5.378 5S.984 &.4673
3.8632 #.65% 5.137 5.71&6 &6.374
#.181 5.928 5.6871 6.9553 7,260

1788 1989 1990 1971

12.016 13.416 14.9463 16.5674

12.469 13.92Z2 15.527 17.303

11.539 12.884 {4.349 16.013

11.795 13.170 14,688 16,368

11.179 12.482 13.921 15.5913

11.493 12.832 14.311 15.94%

10.433 11.872 13.241 14.755

10.424 11.463% 12.900 14.465

10.424 11.462% 12.980 14.440

10.644 11.885 13.295 14.772

11.074 12.365 13.790 15.348

10,4644 11.885 13,285 14.772

10,168 11.353 12.662 14.110

11,421 12,975 14.47)1 14.126

1995
24,674
25,605
£23. 696
24.221
22.956
£3. 600

21.835

21.405

21.40%5

21.8538

22.741

21.858

20.880

23.863

19685

B.472
B.792
8,136
8.316
T.882
.103
7 A7
7. 285
PRt Ao
7« 505
7. 808
7B
7« LT
8.193

1992

18. 4%
19.187
17.756
18.14%
17.202
17. 685
16. 361
146,039
16,039
14.37%
17.041
1&.379
15,4644
17.881



Table

MENG
MATL
SATL
ENC
Ll
ESCH
ESCZ
WS 1
WsC2
MTH1
MTNZ
MTNZ
FAC
Ls

NENG
MATL
=SATL
ENC
WL
ESC1
ESCZ2
WaC1
WsCz
MTHN1
MTNZ
MTNZ
FaLC
s

NENG
MATL
SATL
ENC

WNC

ESC1
ESC2
WsC1
WSC2
MTN1
MTNZ
MTNZ
PAC

B-4. Best Case
Average Annual Industrial Natural Gas Prices by Region
(dollars per million Btu)

197a

Z£.543
2. 352
1.805
1.985
1.4%0
1.667
1.4655
1.483
1.991
1.&613
1.471
1.523
2.194
1.210

1984

9. 945
B,.743
7:914
8. 060
7.403
7. 470
7641
8.138
2,327
S.044
7.403
T441
B8.875
&, 184

1993

22.736
21.721
20.510
20. 366
19.545
20,380
20.307
17.860
18.571
19.286
19.419
20. 181
20.047
19.802

1979

3. 201
£. 686
2.213
2363
1,861
Z2.068
2.135
1.4691
2,190
2.022
1.920
2.192
2.501
2.425

1987

11. 1465
e |
F. 076
7. 109
8,398
8,937
@, 688
9.073
9. 294
9.048
.410
8. 496

10,035
. 247

1994

24,908
23.858
22.550
22.392
21.528
22,364
22.364
19.731
20.498
21.286
21.361
22,071
22.071
21.783

1380 1981 1982 19283 1984
3.993 4,751 ©5.320 6.134 7.108
2.179 J.786 4,275 5,033 56.029
Z2.689 3.232 3.4671 4.400 5.341
2.912 A.566 4.044 4,765 5.581
2.341 2.919 3.319 4.082 4.819
2,350 3.118 3.544 4.207 5.009
2.989 3.154 3.583 4.332 5.117
2.375 2.872 3.382 4.422 5.238
2.661 3.119 3.620 4.590 5.3%1
2710 0 3.322 3IJ.T8 4.56F S.3537
2.588 3.262 3.708 4.371 5.085
2,829 3.260 3.708 4.342 5.111
3.277 4.1683 4.739 B5.50% &.3046
Z2.888 3.356 3.843 #4.677 5.499

1938 198% 1990 1921

13.422 15.432 16,822 18.747

12,371 14,350 15.899 17.79&

11.403 13.471 14.944 146.75%9

11.386 13.272 14.834 146.640

10.568 12.452 14.117 15.874

10.856 12.825 14.898 16.700

11.001 12,953 14.686 146.524

10,299 11.581 12.960 14.503

10,660 12Z.04&6 13.4%94 15.102

10.793 12.424 13.983 15.687

10,735 12.478 14.102 15.797

10,675 12.5%91 14.177 146.649

11.885 18.571 14.643 16.375

11.193 12.9346 14.419 146.179

1995
Z27.181
26.098
24. 684
24.513
23.633
24.425
24,520
21.702
22.526
23.347
Z3. 249
24,018
24,199
23.882

1985

8. 237
7-116
6. 370
6.556
5.394
0. 932
&, 039
&. 218
b 458
b. 364
5. 937
5.983
7.325
6,542

1992

20,704
19.724
18. 4601
18.470
17.6%0
18.514
18.384
16. 133
14,789
17.445
17.6646
18.392
18. 168
17.948



Table B-5.
1978

NENG 1.758
MATL 1.433
SATL 1.567
‘ENC 1.448
WML 1.092
ESC1 1.348
ESC2Z 1.599
WSC1 1.2&8
WSC2 0,831
MITNL 0.502
MTNZ 0,437
MTNZ 0,693
PAC 0.919
s 1.330
1984

NENG 3.8%6
MATL 3.304
SATL 3.782
EMNC S.411
NI 2. 979
ESClT 3.477
ESC2 3.939
WSl 3,321
WSC2 2,447
MTN1 2,228
MTNZ 2.245
MTN3 2.880
FacC 3.358
s 3.420
1994

NENG 8.344
MATL 7.8%0
SATL 8.4651
ENC 7.512
WRC 7.044
ESC1 7.280
ESCZ 8.205
WsSC1 8.194
WsCcz 9,267
MTN1 &,339
MTNZ 5.495
MTNZ 7.377
FaC 8,939
us 7.5947

Best Case

Average Annual Industrial Coal Prices by Region

(dollars per million Btu)

1979

1.822
1.434
1.682
1.5%0
T
1.438
1.802
1.370
1.176
0.569
0.819
1.024
0.997
1.440

19287

4,372
3.833
4,278
3.832
3.374
3. %26
4.432
2.817
4.211
2.613
2.571
3. 366
3.920
3.883

1995

9.039
8.58%
9.408
a8.162
?.6‘&9
7.894
8.703
B. 959
10.140
6.933
5.984
8.058
?.811
B8.656

1980

2.066
1.625
1.821
1.742
1.3312
1.4%0
1.947
1.445
1.493
0.664
0.903
1.187
1.254
1.603

1988

4.871
4.29%
4,805
4,255
3.833
4,367
4.951
4,339
4.314
3.01%
2.94%
3.867
4.513
4,365

1981

2.290
1.83%9
2,052
1.954&
1.526
1.90%9
Z. 184
1.679
1.732
0.81%
1.052
1.372
1.444
1.838

1989

TS.a92
4.818
S5.3464
4.&%0
4,304
#.866
5.503
4.902
S.462
2.454
3.325
4.391
S5.158
4.383

1982

Z.541
2,085
2,321
2.194
1.751
2. 197
2. 449
1.926
2:.012
1.0046
1.230
1.590
1. 737
2,080

1950

2. ¥03
S.379
5.96%
5.165
4.818
5.413
6. 078
S5.518
&. 174
3.957
3.733
4.915
5.858
5.443%

1983

2.81%9
Z.365
2.5614
2,437
1.998
2.417
2.749
2. 199
2.326
L.222
1.420
1.835
2,055
Z2.3486

1991

&6.542
5. %53
&. H06
5.697
5. 392
5. 500
&, 724
&. 1463
&4
4.454
4.156
5. 509
&6.58%
&, 039

1984

3.102
2,665
2.937
2.700
2.271
2,708
2.074
2,502
2.685
1.477
1.4654
Z£.108
2.410
2.638

1992

7.137
&.561
7.256
&. 268
D.897
&.331
7.3208
&.817
7 665
S5.209
4.583
&. 110
7.337
4. 650

1985

J.441
2. 004
3.321
2.019
2. 597
31 G?i
3.473
2. Sy
3.128
1.791
1.923
2.434
£, 858
25993

1993

7.7438
7.210
7. 905
&H.874
6. 458
&.764
T« 790
7.490
8.444
5. 750
S5.032
&. 717
8.122
7.281



Table B-6.

NENT
HMATL
SATL
ENC

WNC

ESC]
ESC2
WaCl
WsC 2
MTML
MTNZ
MTNZ
FacC

MNENG
MATL
SATL
ENC
WKL
ESC1
ESC2
WSl
Wat.2
MTMN1
MTNZ
MTNG
FaC
LS

NENG
MATL
SATL
ENC
WNC
ESC1
ESC2
WSC1
WsC2
MTHN1
MTNZ
MTN3
FALC
us

1978

3. 049
3. 181
2« 744
2. 760
L. 768
2.280
2. 894
2.322
2.220
3.163
1.515
Z2.744
Z.143
2.593

1984

7. 984
7.63%9
7103
7.247
7« 667
7-283
7.580
7 .389
7435
8.3521
5.068
7.845
5. 565
T7.214

1993

16.915
15. 245
13.500
11.572
12,195
14.032
14,329
16. 263
16.30%9
13.896
9. 281
12.811
11.930
13. 249

Low Case :
Average Annual Industrial Electricity Prices by Region
(cents per kih)

197%

4. 065
2. 490
2.910
Z2.993
2,969
2. 631
2,913
2.423
2.570
3.928
{.752
3. 094
z2.254
2. 850

1987

2.737
8.216
7.902
7.970
£, 487
8.192
8.489
&.,402
2.448
F.34646
S.-757
8.2461
7.380
g.008

1994

16.822
15.933
14.504
12.994
13.372
14.744
15.041
17.800
17.247
14.552
10.514
13. 466
12. 586
14.26%9

1920 1921 1982
4,860 5.778 &.108
4.330 5.1%8 S.76%
3.549 . 4.356 4.796
3.586 4.184 4,350
3.9/4 J.18Y S.167
3.318 2.837 4.507
3.615 4,133 4.804
3.002 3.655 4.297
3.048 3J.702 4,343
4.874 S5.613 46.020
2.074 2,759 3.309
3.788 4.528 4.995
2.907 35.647 4.114
3.482 4,145 4.772

L Fao 17&8% 1990

2.490 10.93% 12.41

7.315 10.041 11.06

=, 44 F.599 10.43

. S0% Y. 244 .83

¥. 032 @.544 7.83

¥.194% 10,342 11.17

7.4790 10.639 11.4&6

7.804 10.986 12.27

.851 11.032 12.31
10.233 10.9%3 11.72

&H.414 7.338 .04

7.147 92.878 10.44

S.2606 2.997 .76

. 200 P.744 10.55

1998
18. 208
17.091
15. 618
14,369
15. 142
14.799
15. 076
18.242
18. 288
15. 307
10,920
14,222
13.341
15.361

1583

6,217
&, 035
5.335
5.367
5.492
5.104
5.401
4.914
4.962
b 750
3.510
e 665
4,724
5. 290

1924

&£.537
&. 359
5.839
5.706
S5.726
6. 217
6.514
S.711
5.758
7.43%
3.844
& 354
5.473
S.a38

1991

8 13.765
0 12.701
Zz 11.569
2 10,660
7 Y0297
2 12.476
g8 12.773
1 13.783
13.82%
12,602
7 8.673
2 11.517
1 10.636
11.603

&
7

i

1985

7.124
7. 030
6,273
&. 290
& 199
& 455
& P51
4. 437
&H. 454
T.876
4.351
&.790
5.%10
5.370

1992

14.897
13.893
12.547
10.576
10.417
13. 648
13.945
15.147
15,194
13.479
8.994
12.394
11.913
12,237



Table B-7.

MENG
MATL
SATL
ENC
WM
ESC1
ESCZ
WsC1
WsC2
MTN1
MTNZ
MTNZ
FALC
Us

‘NENG
HMATL
'SATL
‘ENC

NG
ESC1
e B
Wo1
WS
MTN1
HMTNZ
HMTNZ
FAC
L=

NENG
MATL
SATL
ENC
WHNL
ESC1
ESCZ2
WsC1
WsC2
MTN1
HMTNZ
MTNZ
PAC
us

Low Case

Average Annual Industrial Uistillate Fuel Prices by Region
(dollars per million Btu)

1978

=B g
2. 765
Z2.698
2.719
Z2.428
2.727
2.668
2.336
2.444
2.872
2.464
2.692
2.682

19846

10, 168
10,129
9.884
. 762
¥.628
P. 772
775
&.557
28.557
9. 029
¥.058
9.029
9. 864
¥.825

1993

21.241
21. 159
20.46446
20.810
20.112
20.872
20.420
17.875
17.875
18.861
18.922
18.861
20, 605
20,522

1979 1980 1961 1982 1983
4.172 S.970 7.245 7.587 8.052
4.156 S5.947 7.217 7.3557 8.021
4.0855 S.803 7.042 7.374 7.826
4.087 S.849 7.098 7.433 7.858
3.950 S.453 6.860 7.183 T.624
4.099 S.86& 7.119 T.455 7.912
4,011 S5.739 6.965 T.293 7T.741
3.511 B,024 &6.,097 6.3B4 6,776
3.511 5,024 6,097 6.384 &.776
3. 7084 85.301 6,433 &.736 T.149
3.716 B.318 &.454 6,758 T.173
3.704 5.301 &.433 6,736 T.14%
4.047 5.791 7.028 7.35%9 7.81t
4.021 S5.7468 7.000 7,230 7.720

1987 Releic) 1989 1990

11.318 12.4664 14.115 15.733

11.275 12.616 14.061 15.672

11.001 12,310 13.720 15,292

11.089 12.408 13.829 15.412

10.717 11.991 13.365 14.897

11.122 12.444 13.870 15.459

10.g81 12,175 13.570 15,125

7.525 10.658 11.879 13.240

9.525 10.4658 11.879 13.240

10,050 11.245 12,533 13.949

10,083 11.282 12.574 14.015

10.050 11.245 12.533 13.969

10.979 12.285 13.693 15,261

10.936 12.236 13.638 15,201

1974 1995

23,361 25.9545

23.270 25.4446

22.706 24.829

22.887 25.026

22.119 24.187

22.954 25.100

£2.458 24,557

19.659 21.4%7

19.4659 21,497

20.742 22,682

20.810 22.756

20.742 22.682

22.661 24.779

22.571 24.68B1
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1964

8.414
8.580
3.372
28.439
2. 154
G.464
@.281
7.249
7. 249
7.648
T.673
7.4648
8.3546
8,322

1991

17.471
17.404
16.982
17.117
16,543
17. 167
14,794
14,703
14.70%
15.513
15.544
15.513
16,948
16,881

9. 266
9. 230
9. 006
2.078
8.773
e 104
8.%07
Tal37
T 727
8.227
8.254
8.227
8,968
8.952

1992

19. 200
19.225
18.759
18. 5908
18.274
18.%64
18.554
16.242
16,242
17.137
17.193
17.137
18,722
18.4&47



Table B-8.

NENG
MATL
SATL
ENC

W

ESC1
ESC2
WsiC 1
WsC2
MTN1
MTNZ
MTHNZ
PacC
us

NENG
MATL
SATL
ENC
WhC
ESCI
ESC2
WSC1
WsC2
MTN1
MTN2
MTNZ
FA
us

NENG
MATL
SATL
ENC
WNC
ESC1
ESC2
WsC1
WsC2
MTN1
MTNZ
MTN3
FRC
LS

1978

2.097
2. 176
Z2.014
2. 058
1.951
2,004
1.8548
1.819
1.819
1.858
1.933
1.858
1. ??4
2.028

1286

7« 654
7.944
7352
7315
7123
¥.323
6. 775
LT |
ba&d1
&.782
7. 056
b.782
b.478
7.404

1994

17. 153
17.800
146.473
16.833
15. 959
14,407
15.17%9
14.880
14. 280
15.196
15.80%
15. 196
14.515
16.589

Low Case

Average Annual Industrial

(dollars per million Btu)

1979

3.071
3.186
2.7849
3.014
2.857
Z.937
2.717
2. 644
L2664
2.720
2.830
2.720
2.596
2.970

1987

8.492
8.013
B8.156
B8.336
7.901
8.123
7.915
7.367
7. 367
7323
7.827
T =923
7.186
2.2132

1995

18.704
19.480%
17.962
18. 360
17.401
17.8%90
16.551
16.226
16.226
16.56%9
17.23%
16.56%
15.828
18,089

19280

4.293
4.454
4.122
4.214
3.974
4. 106
.79V
3.724
2. 724
3. 803
3. 954
3.803
3.632
4.151

1'vaa

F. 470
9. 8927
9,094
D29
H.810
9.058
8.380
5.215
8.215
8. 389
8.728
8.389
2.012
9.158

1981

S. 161
5.355
4,956
5. 066
4,801
4,936
4.567
4,477
4.477
4.572
4,756
4,572
4,367
4.991

19g9

10.518
10. 9715
10.101
10,325
F.786
10,061
7. 308
9.125
#.125
?.318
F. 674
?.318
2.901
10.172

1982 1963

S5.443 S.879
D.648 6.101
S.227 5.&46
5.343 B.771
S.064 S.470
S5.206 S.623
4.816 5.202
4.721 5.100
4.721 5.100
4.821 5.208
9.016 5.418
4.821 S.208
4.606 4.%975
S5.264 5.6&8B6

1970 1991

Residual Fuel Prices by Region

184 1985

6.333 &.859
5.572 7.118
6,032 6.587
&.216 &.733
5.892 &.381
&.057 &.560
S5.604 &6£.070
5.494 5,950
S5.494 5.950
S5.610 4£.076
5.837 6.322
S9.610 6.076
S.a99 S5.804
&.125 6.633

1992

11.682 12.938 14,252
12.124 13.426 14.73%
11.220 12,425 13.6G7
11.464% 12.700 13.990
10.870 12.037 13.25%
11.178 12.375 13.631
10.339 11.44%7 12.612
10.135 11.224 12.363
10,135 11.224 12.363
10.350 11.461 12,625
10.768 11.924 13,135
10.350 11.461 12.625
F.887 10.748 12.060
11.299 12.513 13.783

1993

15.641
16.231
15.021
15. 354
14.552
14.960
13.841
13.56%
13. 569
13.8546
14.41&6
13.856
13.236
15.127



Table B-9.

NENG
MATL
SATL
ENC
WNEC
ESC1
ESCZ
WsC1
WsC2
MTN1
MTNZ
MTNZ
PAC
s

NENG
MATL
SATL
ENC
WNC
ESC1
ESC2
WsC1
W32
MTN1
MTNZ2
MTNZ
FAC
us

NENG
MATL
SATL
ENC
WNC
ESC1
ESC2
WS
WSC2
MTN1
MTHNZ
MTN3
FAC
us

1972

2.843
2,392
1.805
1.985
1.4%0
1.8647
1.655
1.483
1.5991
1.613
1.471
1.3523
2.196
1.%10

1986

£.412
7.376
&.564
6. 663
&. 083
L.214
&,.347
6.455
6£.673
6.531
6. 029
6.13%9
Tu2?D
&£.701

1993

17.780
14,840
15.745
15.612
14.264
15.610
15.569
13.374
13.974
14.4631
14.707
15.399
15.326
15.078

Low Case

Average Annual Industrial Natural

(dollars per million Btu)

Gas Price by Region

1585 1954 1535

9. 774 6.52Z3 7.278
A4.741 S5.512 6.274
4.146 4,888 5.566
4.43R S.0&61 5.4694
F.830 #/.3¥ 5,126
3.771 4.602 §5.207
4.098 4.717 5.324
4,125 4.697 5,377
4,284 4.875 5.571
4.261 4.848 5.493
4.043 4.570 5.104
4.054 4.626 5.195
5.043 S.614 4.2581
4,363 4.984 5,663

1989 1990 1991

12.458 13.425 14.4852

11.482 12.592 13.992
10.651 11.700 13,029
10.469 11.597 12.918
2.717 10,943 12.Z37
10.087 11.&641 12.957
10,200 11.482 12,828
2,848 7.869 10.983
2.259 10.331 11.4%95
F.655 10.804 12.044
9.705 10.882 12.109
2.865 11.009 12.871
10.720 11.4046 12,4672
10.124 11.193 12.480

1992

16.290
15. 403
14.365
14.243
13.530
14,267
14.178
12.145
12.701
13,307
13.4&0
14.121
13.%96%
13.745

1979 1980 1921 1982
3.201 3.995 4.677 S.138
2.686 3.179 B3.727 4.124
2.213 2.689 3.1465 3,544
2.363 2.912 3.494 3.870
1.861 2.341 2.853 3.199
2.068 2.550 3.091 2.434
2.135 2.989 2.122 3.475
1.691 2.375 2.854 3.315
2.190 2.661 3.104 3.549
2.022 2.710 3.263 3.4481
1.920 2.588 3.191 S.341
2.192 2.829 3.184 3.544
Z2.501 32.277 4,069 4,484
2.425 2.888 3.305 3.715

1987 1938
9.250 10.942
8.204 10.002
7.386 9.103
7.355  9.071
&£.718  8.328
&H. 896 8.629
7.022 8.754
4£.984 7.908
7.230 8.252
7.152  §.450
6,680 8.423
6£.821 8.447
8.082 9.442
7.386 8.240

1994 1995

19.375 20.998

18.425 20.019

17.227 18.733

17.083 18.572

16.297 17.776

17.045 18.492

17.065 1g.58%

14.718 16.091

15.3&60 16.777

16.06Z 17.523

16.105 17.409

14.753 12.110

16,795 18,295

16.500 17.976
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Table B8-10. Low Case

Average Annual Industrial Coal Prices by Region
(dollars per million Btu)

NENG
MATL
SATL
ENC
WNC
ESC1
ESCZ2
WSC1
WsC2
MTN1
MTNZ
MTNZ
FALC
LS

NENG
MATL
SATL
ENC
WNC
ESC1
ESCZ
WS
WSC2
MTNL
MTNZ
MTHNZ
FAC
us

NENG
MATL
SATL
ENC

WNC
ESC1
ESC2
WSC 1
WsC2
MTN1
MTNZ
MTNZ
PAC
us

1978

1. 756
1.431
1.565
1.446
1.091
1.367
1.597
1.267
0.830
0.501
0.6356
0.&92
0.917
1.328

1984

2.596&
3. 152
3.503
3.151
2,768
3.218
3.445
3.08&
2.398
2.094
Z2.092
2. 684
3139
3.1465

1994

7.120
&. 815
7. 8437
&.431
s.111
&, 188
&.964
7. 150
B.12%
5.672
4. 800
&. 475
7.89%
6.797

1979

1.819
1.4a2
1.480
1.5688
1.1%8
1.486
1.800
1.348
1.175
0.568
0.818
1.023
0. 995
1!458

1987

3. 967
2.492
2. 899
3. 432
3.103
2.576
4,034
< 38 4?5
3. 8468
2,424
2.381
2,096
F. 615
3. 585

1995

7.637
T-372
8.057
6. 741
L.610
&. 664
7.306
7:771%
8.844
&. 149
S5.197
7.032

8.624
7. 369

1920

2.0464
1.623
1.318
1.740
1.330
1.46288
1.945
1.4464
1.4%2
0.&64
0.902
1.185
1.233
1.6&06

1988

4,362
3.848
4.326
3.813
3.4463
3.924
4.449
3.931
4.375
2.776
2.480
3.521
4,121
F.¥24

1981

2.276
1.82%
2.0480
1.945
1.318
1.897
2.171
1.66%
1722
0.815
1.046
1.3&4
1.455
1,824

198%

4.776
4.293
4.782
4.155
3.854
4,328
4,893
4,402
4,924
2. 152
2.995
.66
4.674
4.341
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1982

2.893
Z2.047
2.278
2.153
1719
2117
Z.404
1.891
1.977
0.989
1.208
1.561
1.707
2.042

1990

S.222
4,754
De 270
4.530
4.280
4.774
5.373
4,920
S5.528
3.591
3.337
4.404
S5.274
4,793

1983

2. 735
2. 296
2.539
2,366
1.942
2.347
2.670
2.138
2.263
1. 192
1,392
1 I?84
2.001
2.276

1991

S. 687
S.219
9.721
4,754
4,718
5.150
5.874
5. 456
&. 149
4.018
3.688
4,904
5.8%7
5. 251

1984

2.973
2.560
2.820
2.58%
2.183
2,600
Z.952
2.405
2.'584
1.427
1.593
2,028
Z2.324
2.525

1992

& 160
Ss721
&.323
S5.420
5. 169
5.474
6.334
&. 005
&.785
4,702
4,043
S5.413
£.537
S5.741

198%

3. 256
2.834
3.134
Z2.844
2.454
2.899
3.277
2.711
2. 9565
1.707
1.822
2,205
2.696
2. 819

1993

&. 6456
&. 259
&. 880
S5.914
S.633
S5.796
ﬁ-&?l
&.569
7.445
9. 168
4,420
5.924
7.210
&.250



Table B-11. High Case
Average Annual Industrial Electricity Prices by Region
(cents per kWh)

1978 1979 1980 1781 1982 1283 1984 1985

NENG 3.549 4.065 4.860 6.012 6.862 7.657 €.904 10.453
MATL 3.181 3.490 4,330 S.258 6.243 &.913 8.115 v. 168
SATL 2.744 2Z2.910 3.549 4,435 5.174 4.058 7.074 8.0e9
ENC 2.760 2.993 3.586 4.221 5.092 US.B68 6.758 7. 766
WhC 2.768 2.96% 3.574 4,203 S.428 &L.259 T.4487 8.451
ESC1 2.280 2.631 3,318 3:.856 4.7%8 5.511 6.349 7.303
ESC2 2.496 2.913 3.615 4.153 5.070 5.808 6.645 7.600
WSC1 2.322 2,423 3.002 3.686 6.186 7.31& 8.793 10,806
WSC2 2.220 2.570 3.048 3,733 6.232 7.362 9.040 10.853
MTN1 32.1462 32.928 4.874 S.707 4.830 7.794 89.982 10,121
MINZ 1.515 1.7592 2.074 2.770 3.530 4.068 4.966 G043
MINS: 2.764 3.096 GB.788 4.622 5BS.745 4L.708 7.897 ¥. 036
FAC 2.1843 Z.284 2.907 3.731 4.6864 S.828 7.01é6 8. 155
s 2,593 2.850 3.482 4.226 5.38&6 6.220 7T.329 2.478

1986 1987 1988 19a9 1990 1991 1992

NENG 12.243 14,055 15.916 19.122 22.085 22.807 2Z5.845
MATL 10.300 11.511 13.686 15.169 17.126 19.643 21,401
SATL 2.528¢ 11.071 12.764 14.244 16,010 18,276 20.402
ENC 9.620 11.292 12.440 14.056 15.3466 17.214 13.445
W 11.176 13.085 14.768 146,451 17.955 19.901 21.291
ESC1 ¥.006 10,603 12.222 14.04% 15.397 17.554 18.873
ESCZ2 P.303 10,200 12.519 14.345 15.6%94 |17.851 19.170
WsC1l 13.370 16.087 19.527 22.608 25.748 29.544 31.2z8
WSC2 13.417 16,134 19.574 22,655 25.794 2Z9.591 31.274
MTN1 11.617 13,241 15,010 16.407 17.945 |9.922 21.862
MTNZ 7.434 £§.88%9 10.448 12.994 14,419 146.346 16.894
MTN3: 10.532 12.155 13.920 15:322 146.863 18.837 20,776
PALC 2.651 11.274 13.044 14.441 15,9682 17.956 19.896
us 10.215 11.935 13.807 15.642 17.4460 19.768 21.495

1993 1994 1995

NENG 27.331 29.245 32.8570
MATL 23.011 26.214 29,416
SATL 22.800 25.157 28,005
ENC 19.762 20.934 22.455
WK 22.978 2484.667 26.534
ESC1 19.714 20.821 22.227
ESC2 20,011 21.118 22.5%23
WSC1 33.241 35.994 40.126
WSC2 G53.287 36.041 40.173
MTN1 23.300 25.138 28.058
MTNZ 18.242 19.052 20,542
MTN3 22.214 24.053 26.972
FAC 21.334 23.172 26.091
s 23.106 25.096 27.637
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NENG
MATL
SATL
ENC

WNC

ESC1
ESC2
WsC1
WaC e
MTNI
MTNZ
MTN3
FAC
us

NENG
MATL
SATL
ENC
WNC
ESC1
ESC2
W=Cl1
WsC2
MTN1
MTNZ
MTNZ
FPAC
us

NENG
MATL
SATL
ENC
WNC
ESC1
ESC2
WsSC1
WsC2
MTN1
MTNZ
MTNZ
FAC
us

Table B-12. High Case
Average Annual Industrial Distillate Fuel Prices
(dollars per million Btu)

1978

2.773
2. 765
Z2.693
2.719
2.628
2. 727
2. 668
2.336
2,464
2.8472
2. 844
2.4692
2,682

1984

186.138
18, 06
17.630
17.770
17.174
17.822
17.437
15.264
15. 264
16.105
16. 158
17.595
17.525

1993

54,598
54,379
55,012
55.449
53.590
55.613
54.410
47.629
47.629
0. 254
S0.418
50.254
54,902
54. 684

1979 1980 1981 198z 1983 1924 1985
4,172 S5.970 7.730 9.150 10.732 12.730 15.220
4,156 S5.947 7.700 %.115 10.690 12.681 15,161
4.055 5.803 7.512 8.994 10,431 12.373 14.794
4.087 5.84% 7.573 8.965 10.514 12.471 14.911
3.950 S5.4653 7.31% 8.664 10.161 12.053 14.411
4,099 S.864 7.596 8.991 10.545 12.508 14.9556
4.011 S.739 7.431 8.797 10.317 12.238 14.4632
3.511 5.0284 &6.505 7,700 .031° 10.713 12.809
3.511 5.024 6.508% 7.700 .031° 10.718 12.809
3.704 5.301 6.864 B.125 2.52% 11.303 13.514
3.71&6 B.318 6886 8.151 ¥.560 11.340 13.559
3.704 5.301 &6.864 &.125 7.929 11.3083 13.514
4.047 S.791 7.498 8.876 10.410 12.348 14.76%
4,031 5.768 7.46% £8.841 10.369 12.299 14.706

1987 1988 1eaw 1990 1991 1992

21.665 25.757 30.433 35,776 41.927 48.822

21.581 25.657 30.316 35.638 41.746% 48.4633

21.058 25,035 29.5681 34.774 40.732 47.454

21.22% 25.234 29,816 35.050 41.076 A47.831

20.514 24.388 28.816 33.875 739,699 46.228

21.288 25.309 29.904 35.154 41.198 47.973

20.828 24.761 29.257 34.394 40.306 446,935

18,232 21.674 25.4611 30.107 35.283 41.0856

18,232 21.676 25.411 30.107 35.283 41.086

19,237 22.870 27.022 31.747 37.228 43.350

19.300 22.945 27.111 31.870 37.349 43.4%2

19.237 22.870 27.022 31.767 37.228 43.350

21.01& 24.985 29.522 324.705 40.671 47.360

20.932 24.886 27.404 34.56&6 40.509 47.171

1994 1995

6£5.554 75.947

£5.301 75.6%53

&3.718 73.81%

&4.224 T4.806

62.071 71.911

64.414 T4.626

&£3.021 73.012

83. 1867 63.913

95. 167 63.913

58.207 67.435

58.397 b67.655

58.207 &7.435

63.591 73,672

&£3.338 73.378



Table B-13. High Case

MENG
MATL
SATL
ENC

WNC

ESC1
ESCZ
WeC1
L =
MTN1
MThZ
MTNZ
FALC
us

MNENG
MATL
SATL
ENC
WNC
ESC1
ESC2
WsC1
WsC2
MTNL
MTNZ
MTNZ
FaC
(=

NENG
MATL
SATL
ENC
WHC
ESC1
ESC2
WsC1
Wscz
MTN1
MTNZ
MTNZ
PALC
us

Average Annual Industrial Residual

(dollars per million Btu)

1978

2,097
2.176
Z2.014
Z,058
1.951
2,00&
1.856
1.81%
1.81%
1.858
1.933
1.858
1.774

2,028

19864

13.4656
14.171
12.114
12.405
12.705
13.0862
12.024
11.846
11.846
12.0%7
12.584
12.097
11.556
13.207

1993

41.676
43.247
40,023
40.910
38.774
39.842
36.87%
3&6.154
36.154
346.920
328.411
36.920
35.267
40,3205

1979 1930

3.071 4.293
3.186 4.454
2.9899 4,122
3.014 4,214
2.857 3.994
2.937 4.106
Z.707 3.79%
2.6684 3.724
Z.664 3.7Z4
2,720 2,803
2.830 3.956
2.720 3.803
Z.998 3.632
2.970 4.151

1937 1984

Fuel Prices by Region

14.2855 19.259 22.4678
16.868 19.986 23.533
1S5.611 18.4%96 21.779
15.957 18,905 22.261
15.1283 17.9218 21.099
15.548 18.421 21.691
14,284 17.043 Z0.04%
14.102 16.707 19.673
14,102 16,707 19.673
14.400 17.061 20.0%0
14.982 17.751 20.901
14.400 17.0461 20.090
13.756 146.298 19.191
15.721 18.4626 21.932

1994 1995

1981 1982 19783 1984
5.506 6.564 7.9346 9.3%9
S5.713 6,812 8,131 9.712
S.287 4.304 7.525 &.988
5.405 6.844 7.692 9.187
S5.122 '6.107 7.2%0 8.707
5.2658 &.279 7.895 B.¥5Z
4.872 5.80% 6.%34 8,287
4. 776 S5.695 6.797 ©.119
4.776 S5.4695 6.797 8.119
4.877 S.815 6.941 8.291
5.074 &.050 7.222 9.626
4.877 S.815 &4(£.941 8,291
4.659 S5.8555 b6.4631 7.920
5.325 &4&.348 7.578 9.051

1989 1990 1991
26.548 321.048B
27.570, 32.21%7
25.%515 29.817
26.080 30.477
24.718 28.886
25.812 29.697
23.511 27.475
23.048 26.934
23.048 26.934
23.536 27.505
24,487 28.5616
23.9536 27.505
22.483 26.274
25.695 30.027

48.135 55.609
49.950 57.706
46.226 53.404
47.250 54.587
44.783 51.736
446.040 53.189
42.595 #/49.209
41.757 48.241
41.757 4s5.241
42.642 49,263
44,3264 51,252
42.542 49,263
40.733 47.058
44£.552 53.780
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1985

11.247
11.4692
10.820
11.060
10: 483
10,777
. 970
P.774
Y. 774
2.981
10.384
7. 981
9.535
10.897

1992

346,052
37.412
34,622
35. 389
23.541
34,433
31.903
31.275
31.Z275
31.938
33. 228
31.738
50,509
34.866



Table B-14.

NENG
MATL
SATL
ENC
WNLC
ESC1
ESC2
WEC1
W2
MTN1
MTNZ2
MTNZ
FéL
s

NENG
MATL
SATL
ENC
WNC
ESC1
ESC2
WsC1
WaC2
MTN1
MTNZ
MTNZ
FAC
L=

NENG
MATL.
SZATL
ENC
WNC
ESC1
ESCZ2
WsC1
WsC2
MTN1
MTNZ
MTNG
FAC
Ls

1978

2.84%
2,352
1.8305
1.905
1.4%0
1.667
1.655
1.483
1.9%1
1.613
1.471
1.523
2. 194
1.910

1984

13.997
12.637
11.3520
11.775
10.915
11.043
11.285

2.581
12.552
11.914
10.911
10.931
12.842
12.021

1993

44,8462
43,428
41.749
41,554
40,3299
41,609
41,444
28,009
29,033
40,023
40 . 2S5
41.415
41,092
40.714

High Case

Average Annual Industrial Natural

(dollars per million Btu)

1979 1980
3.201 3.995
2.686 3.179
2. 213 2.689
2.363 2.912
1.861 2.341
2.068 2.550
2.133 2.589
1.6%1 2.378
2.190 2.8661
2,022 2.710
1.920 2.588
2.192 2.829%
2.501 3,277
2.425 2.888

19a7 1988

14,3346 20,77
14.874 19.44

13.707 18,220 22.608

13.758 1&.21

12.741 17.16

12.992 17.51
13.186 17.69

14.057 17.009 20.24%3
14.291 17.471 20.844
13.733 17.522 21.282

12.788 17.44
12.852 17.2%9
15.135 18.98
13.975 18.00

1994 1995

91.491 59.0%
49.976 57.51
43.123 S5.46
47.9203 B5.21
44.665 53.93
47.893 55.10
47.841 95.21
44.072 S1.09
45.188 952.30
44,279 S53.50
44.574 S53.46
47.548 S54.55
47.429 54.74
44£.998 S54.24

1981 1982 1983 1924
4.771 &L.935 7T.4698 9.458
3.809 5.953 6.545 8.332
3.227 S5.296 S5.839 7.537
3.5985 5.632 6.214 7.790
2.918 4,811 5.875 4&.942
3.154 5.190 5.609 7.141
J.182 5,306 5.862 7.802
2.884 &.182 7.021 B.514
2.135 6,322 7.130 8.&35
3.341 5.917 6.563 8.051
s.276 S5.272 5.812 7.235
Fs 259 S.159% 5.625 7.129
4.187 &.237 7.085 B8.425
S. 369 5.854 6.518 8.066

1989 1990 1991

S 25.145 Z8.915 33.7&88

4 Z3.726 27.68B1 32.470
26,442 31,094

5 22.348 26.304 320,942

1 21.272 25.349 29.930

1 21.732 26.414 31.054

7 21.900. 26.077 30.754
Z23.855 28.054
24.593 28.895
25.190 29,453

I 21.384 25.42& 29.89%

5 21.44] 25.411 21.074

3 22.847 26.073 30.587

2 21.915 235.731 30.261

o

1

0

4

o

9

[¢]

S5

i

2

1

a8

=1

2

B-14

Gas Prices by Region

1985

11.453
10. 258
e 345
9. 558
8.7%7
#.844
¥.083
10, 230
10. 270
7. 741
8.820
8.776
10,475
v.818

1972

39.03%
37.673
36. 152
35.978
34.899
3&6.074
35.830
32.739
233.4672
34,557
35.010
35. 996
35.9553
35.216



Table B-15.

MENG
MATL
SATL
ENC
HNL
ESC1
ESCZ
WsC
WsSCZ
MTM1
MTNZ
MTNZ
FaC
U=

MENG
MATL
SATL
ENC
WNC
ESC1
ESCZ
WsC1
WsC2
MTN1
MTNZ
MTNZ
Fac
s

NENG
MATL.
SATL
ENMC
WNC
ESC1
ESC2
WsC1
W5C2
MTNL
MTNZ
MTNG
FAC
LIS

1978

1.756
1.431
1.565
1.446
1.091
1.367
tlE??
1.267
0.3830
0.501
0.636
0.692
0.717
1.328

1986

4.74%
4.121
{.576
4.14%
3.587
4.212
4.775
3‘??1
4.35%
Z£.606
2.682
3.440
2.988
4.147

1994

13.582

2.424
13.621
12.053
10,9932
11.870
13.420
12.620
14,093

7.174

S9.441
11.201
13.363
12.495

High Case

Average Annual Industrial Coal Prices by

(dollars per million Btu)

1979 1980

1.819 2.044
1.482 1.6Z3
1.680 1.818
1.588 1.740
1.198 1.330
1.486 1.6588
1.800 1.945
1.368 1.464
1.175 1.492
0.568 0.644
0.818 0.902
1.023 1.18S
0.995 1.2E83
1.458 1,606

1987 1988

S5.5981 &6£.4468
4.857 D.658
S5.412 6&.312
4.880 S5.642
4.266 4.996
4.974 5.758
5.423 &.580
. 7779 B5.627
5.2841 b6.196
3.174 3.787
3.223 3.798
#4.176 4.957
4.838 5S5.7952
4.919 5S.741

1995

15.162
13.931
15.320
12.4%%
12.32
13.278
14.818
14.183
15. 855
10.345
F.460
12.588
15.065
13.997

1981

Z2.297
1.244
2.058
1.962
1.531
1.914
Z2.190
1.4684
s S 4
0,821
1.054
1.376
1.44&47
1.843

1989

T«431
&. 558
7.2%6
L
S.801
&. 647
7525
&. 562
7. 251
4,862
4.423
5.804
&, 769
&. 641

1982

2.594
Z. 128
2,368
2. 24G
1. 764
2,201
2.500
1.964
2.052
1.024
1.254
1- é‘?l
1.771
2.1238

1990

8.474
7.556
2. 386
T.373
&.&FT
7.639
8.623
7. 606
2.431
S.242
10 B s
&, 700
7.899
7.635

1923

2. 9276
2.493
2.756
2‘5?2
2. 105
2.54%
2,900
2. 357
2.448
1.281
1‘504
1.931
2. 159
2.480

1991

.643
S.619
9. 566
8,392
7. 659
R.623
9.812
8.733
. bIT
b, 0S8
5-8-63
7.714
9.118
8.712

Region

19384

3.431
2.936
3.237
2.983
2.498
2.987
3.39%
2. Ta2
2.944
1.408
1.814
2,314
2.637
2.9135

1992

10, 86%
Y. 761
10.830
Tl
2,490
2.614
11.031
<.935
11.052
7173
&1661
8.793
10.423
9. 8E62

1985

4.01%
3. 869
3.834
31-5“:-'1
2.989
3.548
4,016
2. 298
3.583
2,027
2.202
2.793
3; 23?
2.4446

993

1Z2.183
11.04%
12.197
10.730
e d I
10.667
12.221
11.224
12.511
8.133
7.515
. 937
11.837
11.131
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Figure B-3. South Atlantic Regional Fuels and
Electricity Prices-Best Case
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Figure B-9. West South Central 2 Regional Fuels
and Electricity Prices-Best Case
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Figure B-12. Mountain 3 Regional Fuels
and Electricity Prices-Best Case
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REGIONAL ELECTRIC UTILITY FUEL USE TABLES FOR
DETERMINATION OF SCARCE FUEL DISPLACEMENT*

PUFEEISE

This Appendix provides hour-by-hour estimates of regional incremental
0il and gas use by the electric utility industry for the forecast year of
1989 for each of the eleven electric supply regions. The intended use of
this information is to estimate the change in utility oil and gas
consumption resulting from any change in electrical production or
electrical demand. Such changes can arise from a variety of circumstances
including on-site generation, conservation initiatives, 1oad management,
and changes in energy usage patterns.

Results

The estimates of incremental oil and gas use for the eleven regions
are presented in Tables C-1 through C-11. Each table lists a numerical
value for each hour of several representative days of the year. These
representative days include a weekday and a weekend day (or holiday) for
each of the three seasons (spring and fa